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DIRECT TESTIMONY OF AJIT P. BHATTI

ON BEHALF OF ARIZONA PUBLIC SERVICE COMPANY |
(Docket No. E-01345A-03- )

INTRODUCTION AND SUMMARY

WOULD YOU PLEASE STATE YOUR NAME, TITLE, AND BUSINESS
ADDRESS.

My name is Ajit P. Bhatti. I am Vice President of Resource Planning for Arizona

Public Service Company (‘;APS” or “Company”). My business address is 400
North Fifth Street, Phoenix, Arizona §5004.

IS YOUR PROFESSIONAL WORK EXPERIENCE AND EDUCATIONAL
BACKGROUND SET FORTH IN APPENDIX A TO YOUR TESTIMONY?

Yes.

PLEASE DESCRIBE YOUR RESPONSIBILITIES AT APS.

As Vice President of Resource Planning, I am responsible for developing

generation plans and evaluating strategic initiatives for APS.

WHAT IS THE PURPOSE OF YOUR DIRECT TESTIMONY IN THIS
PROCEEDING?

My testimony will describe the Pinnacle West Energy Corporation (“PWEC”)
Arizona generating assets that APS seeks to acquire and include in its regulated
cost of service. These assets consist of the West Phoenix Combined-Cycle Units 4
and 5 (“WP-4” and “WP-5”), Redhawk Units 1 and 2 (“Redhawk-1” and
“Redhawk-2"), and Saguaro Combustion Turbine Unit 3 (“Saguaro CT-37). I will
then discuss whether those assets have been, are, and will be “used and useful” in

serving APS customers. I next discuss the resource planning process that planned
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for, designed, and evaluated the PWEC assets. Lastly, 1 testify concerning the

actual construction of the PWEC assets that are the subject of this proceeding.

WERE YOU PERSONALLY INVOLVED IN THE RESOURCE PLANNING
PROCESS FOR THE COMPANY DURING BOTH THE PLANNING AND
CONSTRUCTION OF PWEC’S ARIZONA GENERATING UNITS?

Yes. The Redhawk and West Phoenix units were planned while I was head of the
Resource Planning Department at APS. These units, along with Saguaro CT-3,
were constructed while I was head of the Generation Planning Department at
PWEC. With the Arizona Corporation Commission’s (“Commission”) decision to
preclude divestiture and instead preserve APS as a traditional vertically-integrated

utility, I was transferred back to APS and assumed my present duties.

WOULD YOU PLEASE SUMMARIZE YOUR DIRECT TESTIMONY?

My testimony will show that:

° the PWEC assets were built to serve APS load, have done so
in the past, and are doing so currently;

° the PWEC assets are “used and useful” in meeting the
reliability and energy needs of APS customers both now and
in the future;

° the decision to build the PWEC assets was based on a prudent
and reasonable resource planning process in which the needs
of APS customers, rather than the profitability of PWEC, were
paramount;

. the PWEC assets were analyzed with sound economic
principles and were determined to be the best generation
option for our customers;

. the PWEC assets were timely constructed, and their as-built
cost is reasonable compared to similar generating assets of the
same vintage and as compared to alternatives available to
APS.

The PWEC assets were built to keep the lights on for APS customers. They have

already accomplished this purpose in 2001 through 2003. And they will continue to
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provide an economic and reliable source of power for APS customers for decades
into the future if the Commission seizes this unique opportunity to place them into
the Company’s rate base at their 2004 depreciated original cost. The alternatives to
the PWEC assets range from speculative to non-existent, as can be seen from the
recent Track B solicitation. Market alternatives are likely to be even less viable in
the future as the present glut of capacity quickly dries up and little or no new

capacity is added in the Southwest.

The PWEC assets provide more than just capacity and energy, although that is |
clearly their primary function. They also provide APS operating flexibility, as well
as critical voltage support to the APS transmission system. The PWEC assets
themselves incorporate the most current environmental controls, preserve precious
groundwater resources through the use of effluent for cooling, and will partially

displace older, less efficient resources on the APS system, especially in the Valley.

Each of a series of APS Resource Planning decisions during the’ last decade
conclusively demonstrates the prudence, in fact the necessity, of constructing the
PWEC assets to serve APS. That period, the 1995-2000 planning horizon, which
encompassed the primary planning and construction commitment period for the
PWEC assets, takes on special significance. But throughout our planning activities
both at APS and at PWEC, our overriding concern has always been to satisfy the
traditional electric utility’s essential purpose of maintaining reliability for our

customers at a reasonable and stable cost.

Resource planning decisions cannot be analyzed in a vacuum, but must be
understood within the historical context of their time. For the PWEC assets, it was

a time characterized by unprecedented regulatory uncertainty, economic disruption
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on a regional and even national scale, and explosive demand growth within the
APS service area and, indeed, throughout the Southwest. I have prepared a
simplified timeline as Attachment AB-1 that depicts at least the major events in
Arizona, the region and nation, and for APS/PWEC planning and construction so
that it is possible to get a better understanding as to how all of these various pieces
fit together. I would add that despite these challenges, we succeeded not only in
reliably serving an expanding number of APS customers, but also protecting both
them and the Company from a wholesale market gone mad. And we are now
positioned to continue that record of service into the future with the strong market
hedge that a balanced, fuel-diverse portfolio of utility-owned and Commission-

regulated generation assets provides.

The construction of the PWEC assets was itself timely and skillfully managed to
produce reasonable as-built costs for APS customers, both as compared to other
generation options available to APS and as compared to reliance on wholesale
purchases, when and if available. And the savings from placing these assets into
the Company’s rate base at their 2004 depreciated cost will provide additional
value to our customers. These approximate savings have been quantified in APS
witness Steven M. Wheeler’s testimony as amounting to between $214 million and

nearly $500 million over the estimated 30-year life of the PWEC assets.

More specifically and in support of my conclusions, my testimony, along with the
testimony of Mr. Wheeler and Dr. William H. Hieronymus will demonstrate that:
e  The current and projected APS reliability deficit was identified as far

back as 1998;
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The conclusion that APS would have to buy or build additional
capacity to meet this deficit was based on sound regional supply and
demand analyses; ‘
APS, and later PWEC, maintained a very flexible generation expansion
plan to address APS capacity needs, even at the expense of PWEC’s
interests, throughout the planning and construction of the PWEC units;

The PWEC assets were planned and built to meet the growing needs of
APS customers in a timely manner, were sited at locations where they
were needed to serve APS load and used state of the art technology;

All of the PWEC assets were necessary to meet APS’ peak load
requirements in the recent Track B solicitation;

WP-4 and WP-5 se‘rve Valley “must-run” requirements and provide
necessary operational benefits in addition to meeting the Company’s
overall capacity and energy needs; and

Cost-of-service treatment of the PWEC assets was shown by the
Company’s economic analyses to potentially save APS customers over

$519 million (net present value over the life of the assets).

HOW IS YOUR TESTIMONY ORGANIZED?

My testimony is organized into seven sections, as follows:

Introduction and Summary
The PWEC Assets

“Used and Useful”

APS Resource Planning

Economic Analyses of the PWEC Assets

Construction Activities

Conclusion
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THE PWEC ASSETS

WHAT PWEC GENERATING ASSETS IS APS PROPOSING TO
ACQUIRE AND PLACE INTO ITS REGULATED RATE BASE?

The PWEC generating assets at issue in this proceeding comprise five units having

a capacity of approximately 1700 megawatts (“MW?). These are WP-4 and WP-5,
Redhawk-1 and Redhawk-2, and Saguaro CT-3. As noted earlier, the first four of
these units are combined cycle generators, while the fifth unit is a small, simple
cycle combustion turbine.

WOULD YOU DESCRIBE EACH OF THESE UNITS AND THEIR
OPERATING HISTORY TO DATE IN MORE DETAIL?

Yes.

Redhawk-1 and Redhawk-2:

The Redhawk Power Plant is located approximately 50 miles west of Phoenix near
the Palo Verde Nuclear Generating Station (“Palo Verde”). The Redhawk facility
consists of two nominally-rated 530 MW combined cycle gas turbine generating
units, for a total rated capacity of 1060 MW. Redhawk has access to the APS
transmission grid via two 500-kilovolt (“kV”) transmission lines from the plant to
the Hassayampa switchyard. Both Redhawk-1 and Redhawk-2 use natural gas fuel,
and each has two GE Frame 7FA combustion turbines in combination with a single
Alstom steam turbine. And, in addition to being the latest in fossil generation
technology, the units are equipped with selective catalytic reduction (“SCR”)
technology to comply with all requirements of the Clean Air Act’s strict “best
available control technology” pollution control requirements. Redhawk also uses
wastewater effluent from cities in the metropolitan Phoenix area for primary

cooling rather than ground or surface water.
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The facility entered operation in time to meet the summer of 2002 APS peak loads.
Both units have been providing their electric output to APS customers on an as-
needed and economic basis since their in-service. They are now under contract to
APS (along with WP-4, WP-5 and Saguaro CT-3) for the summer months through

2006 as a result of the Commission’s recent Track B solicitation.

The unit equivalent availability factor (“EAF”), which is a standard industry
measurement of a generating unit’s reliability, was approximately 86% through
May of 2003. Thus, the Redhawk units have already generated more than
4,039,251 MWH of electric energy.

WP-4 and WP-5:

These two new combined cycle units are located adjacent to APS’ existing West
Phoenix Power Plant site near 43™ Avenue and Buckeye Road in Phoenix. WP-4 is
nominally-rated at 120 MW, whereas WP-5 is a nominally-rated 530 MW unit
similar to Redhawk. WP-4 and WP-5 are conhected to the Valley 230 kV
transmission network system, which supports the Valley’s “Reliability Must Run”
(“RMR”) situation during summer peak. As explained later, both new units also
provide much needed overload protection and voltage support in Phoenix. Again
like Redhawk, the facility burns natural gas fuel. PWEC further paid the cost of’
equipping APS’ existing West Phoenix Unit 3 with SCR to further reduce

emissions from the site.

WP-4 was placed in service on June 1, 2001 and was essential in meeting APS’
load in that year. Since then, WP-4’s output has been continuously serving APS

customer capacity and energy needs. A review of the historical operating log

indicates that WP-4 generated some 1,115,344 MWH of energy in 2001, 2002 and
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2003 (through May). Virtually all of this energy was used by APS to displace less
efficient and/or more costly resources. WP-4’s EAF was 94.3%, 95.4% and 97.6 %
during this same time period, which is far above the industry average for such

units.

WP-5 is estimated to be in commercial operation by July 2003. However, test
energy has been available to APS from WP-5 since March 15, 2003 on an
economic basis, and WP-5 can provide over 300 MW of capacity from its already

completed simple cycle turbine.

Saguaro CT-3:

Saguaro CT-3 is located adjacent to APS’ existing Saguaro power plant site near
Red Rock, Arizona, which is approximately 30 miles north of Tucson. This simple
cycle, natural gas fired combustion turbine is 80 MW in size and is used for APS
peaking needs. Since Saguaro CT-3’s commerciai operation date of June 2002, the
unit has provided 66,515 MWH of energy through May 31, 2003. Saguaro CT-3
has directly displaced either less efficient generation or more costly market
purchases by APS during that period. Its EAF through May of 2003 has been over
98%.

“USED AND USEFUL”

WHAT IS YOUR UNDERSTANDING OF THE CRITERIA FOR A PLANT
TO BE CONSIDERED “USED AND USEFUL”?

My understanding of the criteria to be considered in determining if a plant is “used

and useful” is fairly straightforward. If there is a functional need for the plant’s

output, then the plant meets the criteria for being used and useful. This was the test

used by the Commission when determining whether or not to include Palo Verde in
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the Company’s rate base and, I am told, all of the rest of the APS facilities

previously incorporated into its rate base.

ARE THE PWEC UNITS “USED AND USEFUL”?
Yes. My testimony has already detailed both how APS has received and is

presently receiving power from these generating plants. And that power has been,
is, and will be necessary to serve APS customers. During 2002, PWEC provided
nearly 20% of the total capacity used to serve APS load. Although the Valley
reliability contribution by the PWEC units (15.4%) was somewhat less than their
overall contribution to APS needs, there were no practical alternatives to WP-4.
And for 2003, the PWEC contribution will be higher with the addition of WP-5.
Looking into the near future, estimated APS retail load plus a modest reserve
requirement of 15% (some of the merchant power plant intervenors in the recent
Track B proceeding argued for a higher reserve margin of at least 17-18%) for
2004 is 6810 MW. Even counting all of the recent Track B acquisitions of power
and including all of the PWEC generation sought to be included in the Company’s
rate base, APS will need yet additional generation resources before this rate filing
is decided. Thus, its reserve margin will not be “razor thin,” as characterized by the
Commission in the case of Palo Verde, but nonexistent. And, again including the
PWEC assets, the deficit grows in future years, reaching at least 1130 MW by
2007, the year following the‘end of the present contract between APS and PWEC
covering these generating facilities. Table 1 below provides the APS system Loads
and Resources (“L&R”) calculation for the years 2003 through 2007. A more
detailed portrayal of the full L&R calculation for these years, as well as through
2012, is on Attachment AB-2. Please note that the larger potential deficit shown on

Attachment AB-2 (1557 MW) is dependent upon whether or not Salt River Project
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(“SRP”) continues its present long-term contract with the Company, a contingency

I discuss later in my testimony.

TABLE 1

APS Summer Supply & Demand Balance

Includes Track B Purchases

2003 2004 2005 2006 2007

A. TOTAL LOAD REQUIREMENTS 6,448 6,810 7,092 7,382 7,685
B. EXISTING GENERATION 3,927 3,953 3,948 3975 3975
C. EXISTING CONTRACTS 830 837 844 852 860
D. ADDITIONAL NEEDS (B+C-A) (1,691) (2,021) (2,300) (2,555) (2,850)

E. NEW RESOURCES

PWEC 1,700 1,700 1,700 1,700 1,700
PPL's SUNDANCE PURCHASES 112 150 150
SHORT-TERM PURCHASES 125 0 0o - 0 0

F. TOTAL RESOURCES OVER/(UNDER) 250 (161) (432) (837) (1,130)

IS THE “USED AND USEFUL” CASE ALSO COMPELLING IF YOU
EVALUATE EACH OF THE PWEC ASSETS INDIVIDUALLY?

Yes, although APS does not propose to acquire the units on a piecemeal basis.
Each of the PWEC assets provides a unique contribution to meeting APS customer

needs

PLEASE EXPLAIN.
I will begin with WP-4 and WP-5. As I mentioned in my description of these units,

they provide support for the Company’s RMR requirements in the Valley, where

-10-
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the great majority of the Company’s customers reside, as well as contribute toward

needed generation capacity for the entire APS system.

BEFORE GOING FURTHER, COULD YOU EXPLAIN WHAT RMR
MEANS?

RMR \refers to the need for generation within a “load pocket,” to operate at certain
times of the year for reliability reasons because of the inability to import that
marginally more economic generation into the load pocket. More specifically, a
“load pocket” (sometimes also referred to as a “transmission constrained” or
“import constrained” area) occurs when all the local demand within the load pocket
cannot be served by importing power, thus requiring the use of some local
generation. During certain hoﬁrs of the year, the Phoenix area (i.e., the Valley) is
such a transmission-constrained area. It consists of an integrated transmission and
sub-transmission network serving both APS and SRP load, as well as the

generating resources of these respective utilities within the Valley.

ARE LOAD POCKETS A NEW PHENOMENON OR EVIDENCE OF
INADEQUATE TRANSMISSION FACILITIES?

Neither is the case. Load pockets generally exist wherever there is concentrated
load and are as old as the electric industry itself. Similarly, it is almost universally
more cost effective to build local generation than to build enough transmission
capacity to squeeze out the relatively few hours a year a load pocket is constrained,
even assuming it were easier to site transmission than generation in an urban area.
This is even more the case when the local generation was constructed years ago

and is now largely depreciated.

Local generation also provides necessary voltage support, regulation, and overload

protection. By voltage support, I mean that local generation allows APS to keep

-11 -
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voltage from collapsing in the Valley in much the same way booster pumps for af
gas pipeline or water system are necessary to maintain the pressure needed to
operate those utility systems. A loss of voltage support could not only bring down
the APS system within the Valley, it could cause severe damage to both customer
and utility equipment. But unlike booster pumps, which merely pressurize
whatever existing commodity is put in them, local generation also produces
additional capacity and energy. By doing so, it “unloads” the strain on transmission
lines into the load pocket, thus both protecting those lines from overload and
permitting additional imports over them. “Regulation” is the ability to prevent wide
fluctuations in voltage that can have some of the same harmful impacts as a voltage
collapse. Voltage support, regulation, and oflerload protection are critical during
peak times and beneficial all the time, even during non-constrained times of the

year, and would be necessary even if no transmission (import) constraint existed.

HOW DOES THE VALLEY RMR REQUIREMENT RELATE TO THE
CONSTRUCTION OF WP-4 AND WP-5?

APS has continuously reviewed the Valley’s load requirements and transmission
import capabilities. An RMR study was prepared in 1997 to determine the need for
future must-run generation in the Valley in conjunction with the Company’s
overall generation supply needs. Although the 1997 RMR study (and even later
studies in 1998 and 1999) underestimated both the urgency and magnitude of the
growing RMR situation in Phoenix, Figure 1 was prepared from the data available
at the time and shows the Valley Loads and Resources projection for the ten-year
period. As can be seen, a substantial amount of additional capacity was required
within the Phoenix area to reliably serve APS customers beginning as early as

2001.

-12-
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FIGURE 1
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HAS THE COMPANY RECENTLY BEEN ASKED TO CONDUCT A NEW
RMR STUDY?

Yes. The Company completed another RMR study in early 2003. That study was

done in conjunction with Commission Staff and at Staff’s urging.

DOES THIS RECENT RMR STUDY OF THE PHOENIX AREA SUPPORT
THE CONTINUED NEED FOR WP-4 AND WP-5?

Yes, most definitely. The 2003 RMR study assumed that all of the substantial
improvements to the Phoenix-area transmission system were completed and
available beginning in the summer of 2003. These improvements include, most
significantly, a new 500 kV line from Palo Verde to the Rudd substation, which
increases the import capability into the Phoenix area by 1200 MW (APS’ share is

50%, or 600 MW). A number of other transmission facility upgrades and additions

-13 -




NoRENNN- L B = WY B

10
11
12
13
14
15
16
17
18
19
20
21
22
23
24
25
26

R

were factored into the RMR study, including projects planned for 2004 and 2005.
Despite these enhancements, the study specifically concluded that APS would
require within the Valley an additional 365 MW in 2003, 486 MW in 2004 and 554
MW 2005. This capacity would be in addition to the 660 MW APS already owns at

West Phoenix and Ocotillo.

HOW COULD APS MEET THIS RMR NEED FOR THE VALLEY?
As the study itself concludes, additional APS transmission to relieve the RMR

situation is neither economic nor desirable for operational reasons. Thus, these
additional resources would need to be obtained from uncommitted SRP generation
(if any) located within the Phoenix area, from more remote generation delivered
over uncommitted SRP transmission capacity (if any), by newly constructed local

generation, or by the already-built PWEC resources of WP-4 and WP-5.

Looking at each of these options, it is clear that building new non-PWEC
geheration is not an option even for 2004 and 2005. And no non-PWEC RMR bids
for Phoenix covering any years after 2005 were even submitted by merchant
generators in the Track B proceeding. The option of purchasing any uncommitted
generation or transmission capacity from SRP 1s technically feasible but is an
unlikely and impractical option. Although SRP and APS are obligated to and
always have cooperated in a crisis situation, it appears doubtful that SRP would
enter into significant firm transmission or generation contracts when it is planning
to build an additional 825 MW of generation within the Phoenix constraint to meet
its own needs. This was confirmed by the fact that SRP did not submit an RMR bid
in the recent Track B proceeding even though it would have been bidding against
APS’ older and less efficient Ocotillo and West Phoenix units with PWEC as its

only meaningful competitor. In that regard, I must also note that our existing long-

- 14 -
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term agreement with SRP, the so called “Territorial and Contingent” (“T&C”)
agreement may be cancelled by SRP beginning December 31, 2006 with three
year’s notice to APS. Although not itself an RMR resource, the T&C agreement’s
expiration would increase APS’ unmet needs, as shown in my Attachment AB-2,
by approximately another 400 MW beginning in 2007 (which is after expiration of
the present PWEC contract with APS). And even if remote generation could be
imported over SRP lines, such generation would not provide the same operational
benefits, such as voltage support, as would local generation. Thus, for all practical
purposes, APS has no viable alternative to WP-4 and WP-5, both of which are

needed to maintain reliability in the Phoenix area.

WHY DID YOU SELECT THE SITE ADJACENT TO THE EXISTING WEST
PHOENIX POWER PLANT FOR NEW IN-VALLEY GENERATION?

We began a series of studies in 1998 that led to the final decision in April 1999 to
build WP-4 and WP-5. We focused primarily on the West Phoenix facility because
APS or an affiliate already owned the site and its surrounding land, PWEC could
use existing infrastructure, and it was believed that we could obtain the necessary
permits to build additional capacity. We also knew we could readily upgrade the
transmission system around the plant to get the power onto the unconstrained side
of the Phoenix-area network. In the Spring of 1999, there were no planned
merchant plants within the Phoenix constraint, and even today, there are no new

units planned except those built by SRP and PWEC.

ARE REDHAWK 1 AND 2 OR SAGUARO CT-3 RMR UNITS?
No. They are not within the Valley “load pocket.”

THEN WHY WERE THEY CONSTRUCTED?

215 -
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Saguaro CT-3 was a viable economic option for our 2000 - 2002 reliability
program during the California energy crisis and also made sense in view of the
dearth of peaking capacity being constructed by merchant generators in the region.
This decision was made possible because of equipment availability on an expedited
schedule and was an obvious bargain compared to paying the continued high cost
of temporary generation such as PWEC had to bring on-line in 2001 to serve APS
customer load growth pending completion of Redhawk and WP-5. Indeed, the cost
of retaining temporary generation just for 2002 would have equaled nearly half the

cost of building a thirty-year asset in the form of Saguaro CT-3.

We decided to build the Redhawk units because our planning analyses indicated a
critical need for new capacity in Arizona and the Southwest that was not then being
met in any other way, either through new construction in Arizona or additional
imports of power into the region. Indeed, each of these units, along with the West
Phoenix RMR units, were to eliminate the overall generation deficit identified via
our planning studies in 1998-99 to serve our customers’ demand growth in

Arizona.

The construction of the Redhawk units near Palo Verde was a result of a very
detailed evaluation of market conditions during its planning stages in 1998-99, as
well as a thorough consideration of the existing and projected transmission network
in Arizona. We also‘ considered gas supply, water supply, and most importantly,

APS customer and load growth.

Specifically, in mid to late 1998, we prepafed numerous planning studies related to
market supply and demand in the Southwest and Western Electricity Coordinating

Council (“WECC”) region. We made an assessment of merchant generators’

-16 -
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activities, simulated the economics of new combined-cycle and simple-cycle units
at various locations in the WECC, and reviewed various potential sites in Arizona
for possible generation locations. All of these analyses were done in conjunction
with the expertise and knowledge gained from our previous ongoing planning
process and related studies, which I again address in the Resource Planning section
of my testimony. Based on all this and other parallel resource acquisition strategies
contemplated at that time, we developed a flexible schedule calling for 1500 to
2000 MW of new generation near the Palo Verde hub. This location would allow
this new generation to both serve APS load and access the market for off-system
sales during periods when it was not needed by APS. Our original plans called for
newly built generation in the 2003 to 2007 timeframe, with the potential for further
variations of that schedule. When it became clear that, for a variety of reasons I
discuss later, we would not be able to purchase any additional generation capacity
from existing jointly-owned power stations and the wholesale market appeared in
total disarray, we accelerated our construction schedule. This decision eventually
brought Redhawk-1 and Redhawk-2 on line in 2002, which was when they were
needed by APS but somewhat before our studies showed they would be the most

profitable for PWEC.

ARE YOU SAYING THAT ALL OF THE PWEC GENERATING ASSETS
WERE CONSTRUCTED PRIMARILY TO SERVE APS LOAD?

Absolutely. Since late 1998, Redhawk and West Phoenix have been a part of the
APS resource plan. The schedule for their construction varied with load projections
and with the potential availability of non-build resource options such as the
acquisition of additional shares of Palo Verde and Four Corners Power Plant
(“Four Corners”), discussed later in my testimony. But the purpose for their

eventual construction was clear throughout. PWEC generation growth has always
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been inexorably linked to APS needs rather than the interests of a pure merchant

generator.

DO YOU HAVE ADDITIONAL EVIDENCE TO SUPPORT THIS
él%lS{I%’%Tgog’ THAT THE PWEC ASSETS HAVE BEEN DEDICATED TO
PS?

Yes. The location of the units also demonstrates that they were built with APS
customers in mind. If we had been building these units as a pure “merchant
generator,” we would have chosen to build them in or closer to California. We
produced numerous studies indicating that a higher potential profit could be
achieved by locating a plant in or close to California than in central Arizona. But
we chose to stay close to our native load because we were building the PWEC units
with the goal of first serving APS customers. And unlike some of the other plants
built near Palo Verde, Redhawk was specifically planned to coincide with APS’
publicly-announced transmission upgrades—not west to California, but east to the

Valley—that would allow that facility adequate access to APS load.

Even though our planning studies suggested a significant financial gain for
Pinnacle West, in general, and PWEC, in particular, by selling PWEC’s generation
forward to California, Pinnacle West management decided to forego those
opportunities. Thus, the marketing of power from the PWEC units, or rather, the
clear decision by PWEC not to market power from those units also indicated that
we were reserving this capacity first and foremost to meet APS load. This was at
the time when California prices were at their highest and that state’s Department of
Water Resources was scrambling to sign contracts at very high prices in early
2001. And when it appeared that the California market debacle was spreading to
other Western states, APS and PWEC developed a proposed purchase power

agreement that would have assured a stable price and supply for APS customers
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using both APS existing generation and the PWEC units. This was done even
though it precluded PWEC from earning above-cost returns over the life of the
PWEC assets. These were not the actions of a merchant generator answerable only
to its shareholders but the sober planning of a responsible utility attempting to

discharge its public service obligation.

Finally, I have included as Figure 2 a copy of a graph from our presentation to
ratings agencies on behalf of PWEC in early 2001. This was again when the|
opportunities in California and elsewhere in the West were very profitable. And yet
the graph provided at the time shows without question that the PWEC generation
wduld only market whatever capacity and energy that was not needed by APS,

which always had first call on all of PWEC’s resources.

FIGURE 2

PWEC - Generation Growing In Pace
with APS Load
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SINCE NEITHER REDHAWK NOR SAGUARO ARE RMR UNITS,
COULD THE COMMISSION NONETHELESS IGNORE REDHAWK AND
SAGUARO AND REQUIRE APS TO ACQUIRE ADDITIONAL
PURCHASED POWER TO COVER THE GENERATION SUPPLY
I‘)VI%,FggIIT STILL REMAINING AFTER CONSIDERATION OF WP-4 AND
No. To do so would ignore the history as to why these units were built and the
prudence of the resource planning that led to those decisions. It would also be
inequitable for the reasons discussed by APS witness Steve Wheeler in his direct

testimony.

With those caveats, let me also say that I have very significant doubts about both
the availability and price of the well over 1000 MW of additional purchased power
that such a Commission action would necessitate. You have to remember that
without the PWEC assets sought to be included in APS rate base, and most
specifically Redhawk-1, Redhawk-2 and Saguaro CT-3, the Company could not
have met its overall reliability needs, as determined by the Commission in Track B,
for even 2003. (See Attachment AB-3.) And as we go out a few years, the lack of
interested merchant generators in committing to APS was even more evident.
They, like our own forecasts, apparently see a turnaround in today’s soft market in
the not too distant future and likely do not want to commit resources today that will
be much more valuable in a few years. Redhawk and Saguaro CT-3 provide asset-
backed hedges against this market uncertainty and will generate off-system sales
margins that will be especially beneficial to APS customers during periods of rising

market prices, thus increasing their value in the future.

WILL THE REGIONAL DEMAND/SUPPLY BALANCE IMPROVE IN
THE YEARS FOLLOWING COMPLETION OF THE PRESENT RATE
PROCEEDING SUCH THAT THE COMMISSION CAN SAFELY RELY|
ON FUTURE “TRACK B-TYPE” SOLICITATIONS TO MEET APS
CUSTOMER NEEDS?
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No. Although more new merchant generation has been or is in the process of being
constructed in Arizona than could have been anticipated in late 1998 and
throughout 1999, Arizona is a growing state and the Southwest a growing region.
Electricity demand growth calls for over 600 MW per year of new generation
needs in Arizona alone for several years to come. Yet, no new generation has been
announced recently in Arizona. Depending on how fast the region and especially
California recover from the recent economic slow down, the new generation
currently built by others in Arizona likely will be absorbed by the projected
demand growth within the next two to three years. This, in turn, would lead to a
potential shortage and significantly higher prices by 2006, if not sooner. I have
provided below in Figure 3 a graphic representation of the combined Arizona
estimated loads and resource balance from 2003 through 2012. Dr. Hieronymus
also testifies in this regard and has described a generation “boom and bust”
analysis from which he postulates the next generation supply shortfall and
corresponding price shock at around the same 2006-07 period.

FIGURE 3

Arizona Summer Supply & Demand Balance
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Figure 3, which depicts the Arizona generation requirement, uses demand forecasts
recently provided by Western utilities to the WECC, formerly called the Western
Systems Coordinating Council (“WSCC”), plus an estimated 15% reserve margin,
which is the same margin APS uses in its individual studies. The existing
generation includes all the generation owned by Arizona utilities, including their
allocation of hydro-electric resources and outside purchased power contracts. It
also assumes all the new generation presently under construction in Arizona is
completed by 2004 and that SRP’s Santan plant (825 MW) will be completed by
2008. We currently estimate that approximately 2800 MW of this new generation
has been or will be sold to out-of-state utilities by their merchant generator owners.
With these assumptions, it is estimated Arizona will require more than 2600 MW
of additional new generation over the next ten years even with all of PWEC’s
Arizona generation and the new SRP generation. If Tucson Electric Power (“TEP”)
goes forward with its planned expansion of Springerville, that would improve the
overall Arizona situation by about 500 MW, assuming none of that additional
capacity is sent to out-of-state buyers.

ASIDE FROM THE NEED FOR THE PWEC ASSETS IN SERVING APS
PEAK LOAD, IS THERE ADDITIONAL EVIDENCE THAT SUCH ASSETS

WOULD BE “USED AND USEFUL” IF ACQUIRED BY APS AND
DEDICATED TO SERVING APS CUSTOMERS?

Yes. These assets fit well into the APS dispatch model. The energy produced from
these units is more economical than existing APS gas and oil units, and some of the
Company’s purchased power contracts. Typically, the new units are dispatched
after the existing APS coal and nuclear units but before the existing APS gas and
oil units. This was no mere coincidence. The PWEC units were designed to fill a
specific duty role in the combined APS/PWEC dispatch cycle used to serve APS

customers in the most economically efficient and reliable fashion possible.
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Second, the combined cycle technology used for most of the PWEC assets also
provides a versatile generation base in that it can operate in discrete phases. That
means there will be 'very few instances when the whole plant is rendered unusable
for serving APS customers. The ability to function either as a base load plant, a
cycling unit, or even a peaking plant gives the owner of these assets both flexibility

and reliability.

Third, from a capacity mix perspective, the PWEC assets fit well with APS’
existing generation. The existing generation capacity owned by APS is 28%
nuclear, 43% coal, and 29% oil and gas. The coal and nuclear capacity for the APS
system is operated primarilly as base-load duty cycle, which means that it is
operated for customers whenever it’s available. In contrast, the existing gas and oil
units normally operate as peaking duty cycle generators and are operated only
during heavy customer demand periods. With the PWEC assets, these percentages
are more balanced. The combined APS and PWEC generation capacity will be

20% nuclear, 30% coal, and 50% natural gas and oil.

Finally, from the energy production perspective, the PWEC assets also improve our
historical reliance on base-load coal and nuclear energy significantly. The energy
mix of APS’ existing units typically has been 38% nuclear, 55% coal and 7% oil
and gas. With the PWEC assets, these percentages are more balanced. The energy
output from these units in 2004, for example, will be 31% nuclear, 44% coal, and
25% gas and oil. The wisdom of not relying too heavily on any one fuel has been
proven many times, but it is a lesson that can be overlooked because of the
overriding preoccupation with natural gas in today’s market. While all of the
incremental capacity built by PWEC is fueled by natural gas, our planning

assumptions had always been that we would combine the natural gas-fired units
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with the existing APS coal and nuclear capacity to create this more-balanced

portfolio.

THE DECISION TO BUILD THE PWEC ARIZONA ASSETS WAS BASED ON
A PRUDENT AND REASONABLE RESOURCE PLANNING PROCESS

A. APS Planning Goals, Criteria and Process
WHAT ARE THE GOALS OF APS RESOURCE PLANNING?

The primary goals of APS Resource Planning are to provide our customers with an
adequate supply of reliable power at a reasonable cost and at a reasonable level of
risk. In this context, the term “reasonable level of risk” means that there must be a
very high probability that the supply of power for our customers will be adequate,

will be reliable, and will be at a reasonable cost. APS customers warnt the lights to

~go on and the machinery to work when they throw the switch. They are neither

merchant generators nor energy speculators, and they do not want to be
responsible, or have their local utility make them responsible, for the risks of such

enterprises.

WHAT ARE THE PRINCIPAL MEANS OF ACHIEVING THIS GOAL?

First, we strive to produce a flexible plan that can be adapted to fit changing
circumstances. Predicting the future is always a matter of estimating probabilities,
not measuring certainties. Market forces, economic trends, technological change
and regulatory forces, all of which are beyond our control, can and do impact
events in often unanticipated and even counter-intuitive ways. Thus, we develop
scenarios for a whole range of possibilities. When new circumstances occur, as
they inevitably do, we want to be ready with alternatives, whether they be
modifications of one kind or another to our already existing plans or whole new

approaches. This business mindset has been a key corporate strategy of APS and its
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parent, Pinnacle West, throughout the years-long process of electric industry

restructuring in this country and in Arizona.

Second, we build our plans around our existing and proven portfolio of generation
resources. APS has relied heavily since the 1970s on base-loaded coal and nuclear
capacity. All of our plans began with long-range forecasts for those base-load

units, as augmented by existing long-term purchased power contracts.

Third, and again building on the excellent performance of our base-load
generation, we strive for a flexible and diverse fuel mix. Relying too heavily on
any one fuel can expose the company and its customers to unacceptable and

unnecessary supply, price and regulatory risks.

Fourth, we seek to create a diverse portfolio of generating assets in terms of size
and location of the individual units. Ideally, we would not wish to depend on any
single generating unit for a large percentage of our capacity. Although siting
availability and system operating limits impact the location of plants, we also look
for resources in different geographic areas relative to APS load centers that can
potentially supply our customers over a variety of transmission links. This

provides both economic and reliability benefits for APS customers.

Fifth, we are constantly seeking to improve our load forecasting expertise to
identify and incorporate the most predictive data for generation planning and to
better refine our generation and system modeling capabilities. In doing so, we
factor in the anticipated impact of known demand-side management (“DSM”) and
energy reduction programs. We also estimate the impact in the aggregate of

demand/energy responses to price.
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WHAT CRITERIA DO YOU USE TO MEASURE THESE GOALS?

The criteria include measurements of reserve margin, “busbar” costs (total cost per
kWh of generation at the “bus,” or where the generator is interconnected to the
transmission system), studies of the long-term cost of various alternatives, and the
impact of all three on long-term APS revenue requirements. We also try to keep
the risk to customers as low as possible. We do this by establishing resource
diversity targets (which I have discussed above in the context of fuel source, unit
location, and unit type and size) and by combining a solid foundation of owned

resources with a mix of long and short-term market purchases.

WILL YOU PLEASE DESCRIBE THE APS RESOURCE PLANNING
PROCESS AND THE PLANNING TECHNIQUES THAT YOU USE?

At APS, the resource planning process consists of both a technical analysis stage
and a management decision stage. The former involves several discrete analyses
that are then integrated into a specific recommendation or series of
recommendations to upper management at APS. These technical analyses include:
(1) project-specific economics; (2) Western markets regional resource planning
studies; (3) wholesale market price forecast studies; (4) busbar cost determinations;
and (5) long-range fuel and purchased power cost forecasts. These allow APS to
determine how a prospective generating project fits into the Company’s existing
resource package, what are its opportunities to sell power off-system to reduce
busbar costs to APS consumers, what are APS’ opportunities to buy power (both
short and long-term) rather than construct new generation, and what is the price
and supply risk for both the proposed generating project and its alternatives. A
more detailed description of these five separate but interrelated analyses is set forth

below.
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Project-specific economics. We analyze the value of any new
project — whether to “buy or build” — based on discounted cash
flows under a variety of assumptions. This analysis allows us to
determine a project’s expected internal rate of return (“IRR”) and
its incremental contribution to earnings (in the case of an
unregulated project) or its incremental value in reducing revenue
requirements (in the case of a regulated project). Please note that
these are complimentary concepts. The same project that would
maximize profits for a merchant generator (because its costs are
that much less than the expected value of its output) will
minimize revenue requirements in a regulated cost-of-service
environment, again because its costs are below the costs of
alternatives. It is generally the case that any project that has an
IRR greater than the cost of equity will produce savings to
consumers under cost-of-service regulation. The analysis
necessarily takes into account revenues and margins from both the
retail and wholesale markets. Indeed, the ability of a project to
effectively compete in the wholesale market during those periods
of the day or year when it is not being used to serve retail load has
progressively taken on more importance with the development of

a more competitive wholesale market in the late 1990s.

Regional Resource Planning Studies. In a competitive wholesale
generation market, regional studies assume a critical role for the
regulated utility as well as an unregulated generation company.

In the wholesale market, power costs are largely determined by
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the regional supply-demand generation balance and the region’s
transmission adequacy. Traditionally, utility resource planning
focused primarily on the individual utility by simulating a single
electrical system such as that of APS. Beginning in the mid-
1990s, APS began to put more emphasis on regional simulations,
which analyze the interaction of large-scale interconnected
systems like the WECC. This kind of analysis allowed us to
determine the power supply and demand situation for the entire
region, and to evaluate projected regional demand in the context

of regional transmission and generation resources.

Wholesale Market Price Forecast Studies. Although related to
the Regional Resource Planning Study, the former is intended to
look at the supply and demand dynamics of the regional
wholesale market. In contrast, the purpose of wholesale market
studies is to produce a market pricek forecast. With the passage of
the 1992 National Energy Policy Act, utilities began to anticipate
and prepare for greater reliance on the wholesale power market.
Also anticipating this change in the industry, we improved our
ability to forecast forward prices throughout the region with more
sophisticated modeling tools. With this kind of market price
analysis, we can derive forecasts of the availability and cost of
wholesale market supplies throughout the West. This analytical
tool improved the accuracy of our discounted cash flow studies
used for our “buy vs. build” scenarios, both project-specific and

generic.
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Busbar Cost Determinations. For every significant potential
long-term purchase or new generation construction project, we
analyzed the potential incremental and total effect on APS
customer prices by preparing a comprehensivé revenue
requirement or busbar cost analysis. In doing so, we looked at the
cost of power from the new project and integrated that with the
existing generation portfolio to determine the new average price
for the entire new generation portfolio. A busbar cost analysis
determines the cost of power at the generation bus, including
capital costs. A traditional busbar cost analysis forms the basis for
determining the revenue required to pay for the capital and
operating costs of utility assets at an assumed rate of return on
equity and capital structure. We performed the test to ensure APS
generation was competitively positioned and the impact on APS

customer prices was quantified.

Long-range fuel and purchased power cost forecasts. These
studies form the basis for a number of corporate operational and
financial planning decisions. We typically incorporate forecasts
by outside groups as to fuel prices, power plant capacity factors,
or financial information and adapt their data to our specific
situation. We may also reformat that data so that it can be used in
the existing APS corporate software models. In addition to
providing quantitative input for these models, we can use the
forecasts in sensitivity analyses to determine price and supply risk

profiles for different resource alternatives. Fuel and purchased
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power forecasts also form a baseline from which “buy vs. build”

and other resource planning analyses emerge.

WHAT DID YOU DO WITH ALL THESE STUDIES?

The results from these various technical analyses were then integrated,
summarized, and presented to top APS management for review. These
presentations offered actionable alternatives for decision-making by APS officers
or Board members, or both. As I will demonstrate in the balance of my testimony,
we not only planned these units to meet APS customer growth, but these assets
were also found to be of significant long-term economic value to our customers.
Our resource planning decisions were based on a thorough understanding of the
Western markets, an essential ingredient for planning of new generation assets in a
more competitive market environment. Every step of the way from the inception of
the project to a next decision point and/or change in the critical assumptions used
to arrive at the previous decision, we re-evaluated the economic viability in support
of continuation of the project(s). When continued economic support for the projects

was not justified, further commitments were stopped or altered.

DO SOME OR ALL OF THESE RESOURCE PLANNING ANALYSES
REQUIRE WHOLESALE MARKET DATA TO BE GATHERED OR
ESTIMATED?

Yes. Not only must we look at what is available or likely to be available in the
market, we have to incorporate estimates of unit operating characteristics, fuel
prices and availability, and wholesale power prices, among other factors. Under
traditional regulation, much of this data was filed with various regulatory agencies
and generally available. With the advent of wholesale competition on a wide scale,

the cost data underpinning the market has become much less transparent.
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CAN YOU DESCRIBE THE VARIOUS METHODS OF GATHERING
MARKET INTELLIGENCE AND PRICE DISCOVERY USED IN THE
ABSENCE OF A TRANSPARENT WHOLESALE POWER MARKET?

Yes. We tested the wholesale market in a variety of ways. In addition to issuing a)
formal request for proposal (“RFP”) in 1995, which will be discussed later in my
testimony, we used four additional methods. First, valuable market data was
obtained through the conduct of the Company’s day-to-day business, which
obviously includes sales and purchases from the wholesale electric market.
Second, APS (and later PWEC) explored and discussed partnering with other
market participants such as Reliant, U.S. Generating and Calpine, which allowed
us insights into their view of the then current and future wholesale market. Third,
APS simulated.through computer modeling the WECC regional and sub-regional
(Arizona/New Mexico) energy and capacity markets. Finally, APS performed
internal financial and economic evaluations of both available generation

technologies and known purchased power options in the West.

WOULD YOU EXPLAIN EACH OF THESE FOUR METHODS OF
ASSESSING THE WHOLESALE MARKET?

By conducting business daily in the wholesale market, we contacted suppliers
routinely to determine whether they had power available and the price they were
asking. As electricity markets moved toward restructuring and wholesale trading
activity increased, electricity products were standardized for electronic commodity
trading. At least at first, price information became more readily available. This
was a very valuable source of information, especially from the late 1990s through
2001. However, since the California market failure, trading at various market hubs
has become very “thin,” especially for more than a year or two out, and some
markets have either collapsed altogether (California Power Exchange) or stopped

trading electricity until very recently (New York Mercantile Exchange). Thus,
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today’s published market data is suspect at times and should be extrapolated with
regard to larger volumes and more remote delivery dates only with extreme

caution.

By forming partnerships or co-tenancies with other companies, historically APS
has sought to improve its overall generation system efficiency and simultaneously
reduce the risk exposure of APS customers. Examples include the joinf ownership
of the Palo Verde, Four Corners, Navajo and Cholla power plants. In recent years,
we have had numerous discussions with utilities and merchant generators in an
effort to find the best combination of generation assets for our customers and to
spread the risk of large power station projects. These discussions helped us to

periodically “take the pulse” of the market.

On a regular basis, we simulated the regional and sub-regional energy and capacity
markets for the WECC using regional software planning tools such as the General
Electric Multi-Area Production Simulation Program (“MAPS”). This program,
which we have modified considerably to model our specific situation here in the
Southwest, allows us to simulate a “dispatch” of the entire WECC generation and
transmission system. In this manner, APS could test various expansions or
contractions of resource scenarios for their impact on marginal generation cOsts,
which in turn set market prices. With this sophisticated simulation, we identified
various regional and sub-regional generation capacity deficits or surpluses,
pinpointed the existence and impact of load pockets in transmission-constrained
areas, identified other areas where additional capacity will be needed to serve
customers and specified cost-effective locations for building new generation

capacity. As I explain later in my testimony, finding a potentially cost-effective
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location, which must consider both the busbar cost of the generator and its access

to off-system markets, reduces customer costs.

Finally, and perhaps most importantly, the information gathered from the above
regional market studies allowed us to perform our own economic and financial
evaluations of the available alternatives for meeting customer demand. Our
evaluations enabled us to choose the best option (best, that is, from the combined
point of view of cost, reliability, and risk) from the available alternatives—either
buying or build alternatives—that result in the most customer-beneficial projects.
The Company relies on a variety of methods in preparing the energy and peak
demand forecasts. These methods include end use analysis, econometric model
development, expert opinion, customer contact, and trend analysis related to retail
and native load wholesale customer demand in the Company’s service territory.

The methods used to produce the load forecast are consistent with methods that are

used across the industry and are similar to the methods that were documented in

each of the Company’s past Integrated Resource Planning (“IRP”) practices and

filings (in 1992 and 1995) to this Commission.

DOES THE RESOURCE PLANNING PROCESS DEPEND UPON LONG-
TERM FORECASTS OF APS LOAD REQUIREMENTS?

Yes.

PLEASE DISCUSS THE APS LOAD FORECASTING PROCESS.

The load forecast prepared at APS for its Arizona customers includes total APS
service territory expected retail load plus demand from cost-of-service based
wholesale contracts. The full requirement wholesale contracts in the past had
amounted to over 300 MW of load. Today they contribute only about 7-8 MW of

coincident peak demand in the forecast.
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About 90% of APS energy sales are made to “mass market” residential and small
to medium business customers, with the remaining 10% to large business
customers. This latter group has discrete load requirements and growth trends, and
thus, forecasts of energy sales to these customers are made with specific input from
them on their expected operating plans. The residential energy forecast is derived
from both econometric and end-use studies. The small to medium commercial sales
forecast is derived from an econometric model using independent factors such as
job growth, office and retail floor space additions, the price of electricity and

weather effects.

The peak demand forecast is then determined by applying class-specific load
factors to the projected customer class sales forecasts and adding line losses.
Historical information on class load factors results from a reconciliation of each
year’s system peak with the results from a randomly drawn statistical sample of
retail customers. Changes in the seasonality of the retail sales forecast are
controlled by calculating the historical load factors with summer period sales only,

and extrapolating the trend in the load factors through the forecast horizon.

Both energy and peak load forecasts of APS service territory include transmission
and distribution system losses. System loss rates coincident with the system peak
are based on historical observation on the EHV system and engineering estimates
of distribution level losses. These system loss rates are also trended into the future

to develop the forecast.

Historically, APS has reviewed its customer load forecasting data and associated
assumptions twice a year. A short-term (normally up to 5 years) customer peak and

energy forecast is carefully reviewed in the fall upon good knowledge of the most
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recent system summer conditions. The longer-term (up to 20 years) load forecast is
established in the spring and also becomes a basis for generation planning, fuel

forecasting and financial forecasting.

APS’ current forecast expects energy sales to grow at an average annual rate of
4.3%, with higher growth rates occurring in the near term as the economy and
associated electricity demand recovers from the downturn in economic activity.
This compares with the most recent 5-year average growth rate from 1997 to 2002,
on a weather-normalized basis, of 3.4% and the corresponding 10-year average
growth rate of 3.4%. Demand growth is estimated at 4.2% per year, which is

actually slightly less than our actual experience over the 10-year period.

WERE THE APS LOAD FORECASTING PROCESS AND RESULTS
ACHIEVED FROM THE PROCESS YOU HAVE DESCRIBED ABOVE
CONSISTENT WITH INDUSTRY PRACTICES?

Yes. Although the APS load forecasting process has continuously been improving,
it has always used state-of-the-art industry standard software, computer tools and
practices. Historically at APS, the load-forecasting group was comprised of a
management team from many disciplines within the Company. It also coordinated
its efforts with the industry (WECC) and neighboring systems, although this is

increasingly difficult in today ‘s competitive business environment.

HOW WERE THESE RESULTS INCORPORATED IN YOUR RESOURCE
PLANNING?

These results, along with APS’ customer electricity use patterns and customer peak
load and energy demand forecast, allowed us to prepare APS system specific
resource planning studies. We periodically reviewed APS’ customer supply and
demand balance and identified capacity and energy shortfalls. We prepared annual

and sometimes more frequent L & R plans for APS load balance. Many of these
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plans have been previously provided to the Commission or its Staff. The L & R
studies are the basis for APS daily system operation, construction budgets, fuel
planning, and the Company’s overall financial forecast.

B. Planning History- Past and Recent Impacts

HAS APS EXPERIENCED GENERATION PLANNING CYCLES OVER
THE YEARS?

During the last thirty years with APS, I have seen several cycles of generation
construction programs. Each was necessarily built upon existing resources while
incorporating the Company’s views concerning future events. Going back to the
early 1950s, APS served its customers’ needs primarily with oil and gas-fired
plants. Our customer load was relatively flat and did not exhibit the high summer
peak demand we have since experienced. By the 1960s and early 70s, the strong
growth within our service area coupled with technological advances and better
economic conditions allowed more customers to afford refrigerated air-
conditioning and pools. APS’ customer demand grew at an annual rate of over 7%.
To complement our historic base of gas and oil-fired generation, we built or
acquired ownership interests in large coal plants such as Four Corners, Cholla and
Navajo. They diversified the Company’s fuel mix and served our growing service

area efficiently with low-cost base-load capacity.

In the 1970s, APS continued to grow rapidly. The Company found itself in need of
peaking capacity, and APS added quick-start gas turbine units at our existing plant
sites in Tempe, Phoenix and Yuma. Population growth in the Valley and in
Arizona during the 1970s and 1980s continued to increase customer demand,
which was now growing at the staggering average rate of 8.5% per year in our
service territory. By 1978, natural gas could not legally be burned as a boiler fuel

for electricity production from new units, and additional coal was a difficult
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resource option due to increasing environmental constraints. APS’ increased
customer needs were met with nuclear energy by constructing a jointly-owned
large power project at Palo Verde. And of course, as our customer demand called
for additional generation supplies, at the beginning of this century we built
generation at Redhawk, West Phoenix and Saguaro to assure the future reliability

of APS service.

WHAT HAVE WE LEARNED FROM THESE PAST GENERATION
CONSTRUCTION CYCLES?

When APS moved from a utility dependent almost entirely on small oil and gas
generating units to adding the large coal units at Cholla, Four Corners, and Navajo
during the 1960s and 1970s, it created upward pressure on prices in the near term.
But coal protected our customers from the full effects of the oil and gas price
shocks and shortages of the time. Similarly, the construction of Palo Verde in the
1980s severely stressed the Company’s financial condition and led to several rate
increases. And yet, it was the efficiency of these units that allowed for the more
than decade-long rate stability and even rate decreases that have marked the

Company’s experience in the 1990s and into this century.

WHAT DOES THE SUPPLY-DEMAND BALANCE IN THE LATE 1980S
AND EARLY 1990S ILLUSTRATE ABOUT THE CONCEPT OF
«I,UMPINESS” IN GENERATION AND TRANSMISSION CAPACITY?

As we emerged from the 1980s and into the early 1990s, the entire WECC and our
sub-region had more than enough generating capacity. APS itself had sufficient
capacity, primarily because of the addition of the nuclear units at Palo Verde. The
cost efficiencies of nuclear power required APS to add large increments of this new
capacity, and thus it was anticipated that APS would have more than adequate

capacity for at least several years.
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This process of adding large amounts of capacity with the completion of a new
project — common in the planning process for both generation and transmission
assets — is often referred to as “lumpiness.” The capacity added is necessarily
larger than the immediate need, but the lumpiness gets “smoothed out” and the cost
efficiencies begin to appear as load grows and the resource becomes progressively
more fully and more frequently utilized. In fact, it is almost impossible to gain the
long-term cost efficiencies of large facilities without experiencing some initial

“lumpiness.”

IS “LUMPINESS” ONLY ASSOCIATED WITH THE PHYSICAL
ATTRIBUTES OF NEW GENERATION SUCH AS NET CAPACITY OR
CAPACITY FACTOR?

No. The capital costs of new generation are also proportionately greater than that of
older, more-depreciated generation. That is the primary reason why the inclusion of
the PWEC generation in the Company’s rate base causes an increase in overall
revenue requirements. This is not at all unusual, as can be seen by my earlier
discussion of the impact of adding coal and nuclear generation during past

generation construction cycles.

HOW DID THE MORE RECENT RESOURCE PLANNING HISTORY AT
APS AND PWEC LEAD TO THE EVENTUAL DECISION TO
CONSTRUCT NEW GENERATION?

A year-by-year review of our APS resource planning activities demonstrates the
extraordinary volatility of the last eight years and our flexibility and agility in
responding to unprecedented changes in regulation and the marketplace. This
review also illustrates that we were carefully monitoring the APS capacity deficit
in the context of a then capacity surplus in the WECC as a whole. In this regard,
1995 was the appropriate place to start because all the relevant planning studies for

our decision to construct the PWEC assets began with the 1995 Integrated
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Resource Plan (“IRP”) filing. This IRP was filed with the Commission under the
provisions of the Commission’s IRP regulations. Equally important was the 1995
RFP to which I have previously referred in my testimony. At that time, we were
making and planned to continue to make relatively modest purchases in the
competitive wholesale market in addition to our long-term contracts. There did not

appear to be a significant reliability need for several years.

PLEASE DISCUSS THE 1995 RFP AND ITS SIGNIFICANCE IN
SUBSEQUENT RESOURCE PLANNING DECISIONS.

In conjunction with the 1995 IRP, which was filed in late December of that year
with the Commission, the Company issued an RFP. APS then had the option to
convert its éxisting purchases from Pacificorp (obtained in the early 1990s as part
of the Cholla Unit 4 sale, which, along with the Pacificorp contract itself, was
approved by the Commission) to a full seasonal exchange beginning in 1996. To
test the economics of that option, APS issued an RFP to some 34 entities having
some presence, either current or announced, in the WECC. From that RFP, we

received seven responses.

None of the proposals could match the economics of the Pacificorp seasonal
exchange, and thus APS elected that option. However, the responses were
nonetheless very informative. Virtually no responding party wished to enter into
the 10-20 year agreement APS was soliciting, and those that did would do so only
by constructing a new plant in the Southwest with the APS contract supporting its
construction. This indicated to APS that the regional surplus of capacity was not
likely to extend significantly longer than would the Company’s own period of

having sufficient capacity. Moreover, APS should not expect to obtain long-term
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purchased power agreements at costs less than the cost of constructing its own new

plants and quite likely higher.

Another interesting fact, the significance of which can best be appreciated in
hindsight, was that the two highest-rated entities responding to our RFP from the
standpoint of creditworthiness and financial stability were Enron and U.S.
Generating, both of which are now bankrupt less than eight years later. If we had
signed a 10-20 year agreement with either or these entities on favorable terms, it is
likely we would be in the same position as Connecticut Power & Light, which is

facing termination of its favorable agreement with NRG by a Bankruptcy Court.

gglsz‘\,T TOOK PLACE IN THE YEARS IMMEDIATELY FOLLOWING

In 1996 and 1997, we continued to refine our models and review our resource
needs as we monitored the development of competition in California as well as
Arizona. In 1996, MAPS became a major tool for our planning analyses,
significantly advancing our ability to model regional supply and demand and to
forecast locational prices. MAPS also accounted for and anticipated transmission

congestion issues.

Also in 1996, California passed its restructuring legislation, AB 1890. AB 1890
froze customer rates after a 10-percent reduction, implemented retail competition
immediately and established a California Independent System Operator (“CAISO”)
to operate the transmission system. AB 1890 also set up a California Power
Exchange (“CPX”) to operate a short-term wholesale power market based on a
pooling of resources (i.e., all generation is sold into a single “pool” from which
load serving entities also purchase their needs, usually through day-ahead

transactions). APS simulated the operation of the California “Poolco” market,
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attempting to determine its effect on wholesale prices in the WECC and any

“unintended consequences for APS wholesale and retail prices. These analyses

demonstrated the risk to APS and its customers from divestiture and became the

basis of the Company’s position on that issue.

In 1997, APS also began to see signs that customer demand in the Valley and
Arizona as a whole was growing faster than had been previously forecast. The load
forecast for 2003 grew from 4413 MW (in the 1995 IRP) to 4774 MW in the 1996
long-range forecast. It then increased to 4980 MW in the 1997 forecast. This

represented a nearly 13% increase in just two years.

Also in 1997, APS carried out the kinds of generation planning activities described
earlier — evaluating generation needs, providing fuel and purchased power budgets
and forecasts, and carrying out regional simulations including the effects of
California restructuring. APS made a technology assessment to determine the most
economical generation technology for APS load. Anticipating the potential coming
of restructuring in Arizona, APS developed a discounted cash flow financial model
to calculate IRR as a supplement to the traditional revenue requirement and busbar
cost analyses. The most immediate issue that these new planning tools had to
address was the potential for acquiring additional shares of plants APS was already

operating or at least had an existing ownership interest.

At this time, the California utilities were planning to sell most of their generation
assets. As joint owner of some generating units with Southern California Edison
Company (“SCE”), we examined the economic feasibility of acquiring SCE’s share
of Palo Verde and Four Corners. Because El Paso Electric Company (“El Paso”)

also had often expressed an interest in selling its share of Palo Verde, we evaluated
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the value of that share of these projects as well. These units were well placed both
to serve APS customers and to access regional markets for off-system sales
margins. They also had proven track records of performance and would not need

new siting authority or land acquisition.

WHAT HAPPENED NEXT?

Toward the end of 1997, APS had conducted a number of market assessments that
were incorporated in our long-range forecast in early 1998. The purpose of these
market assessments were to determine whether APS customers could expect any
reduction in costs if the Company purchased large amounts of power from the

competitive market instead of acquiring or building additional generation.

In this analysis, the Company assumed a fully functional and effective CPX and
CAISO. Another conservative assumption was made in the study to avoid later
allegations that the analysis might be biased in favor of constructing new
generation. Specifically, it was assumed that APS’ construction cost for new gas-
fired projects would be 10 to 20% higher than the cost to merchant generators. This
was largely due to the belief that a merchant generation project would be generally
project-financed, thus allowing higher leverage, and we also speculated that the
merchant generators might initially accept a lower initial return on equity in an

attempt to achieve or increase their market share.

Using these cost assumptions, we compared two basic scenarios — one in which we
began a construction program in 2001 to met APS’ customer needs and a second in
which we relied on the wholesale market. Note that APS had already decided that
any new capacity would have to begin somewhat earlier than before in view of the

higher customer growth. The results of this analysis slightly favored relying on the
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competitive market over new construction. However, our analyses (which I will
return to later) always supported buying additional shares of our existing jointly
owned generating assets, such as Palo Verde, Four Corners or Navajo. As a result
of this study, and for planning purposes, APS increased its anticipated reliance on
the competitive market to as much as 1000 MW through 2004. APS continued to

believe that no major new construction was required until 2004.

This relative calm was to end quickly. The summer of 1998 saw a soaring actual
peak demand, which exceeded 5000 MW for the first time. This 1998 peak was in
excess of the 1997 forecast for 2003, and thus represented an increase in load
growth of some five years in a little over one year. SRP was experiencing similar
unanticipated load growth, and Nevada also was growing rapidly. Percentage-wise,
California was growing at a slower pace, but with its incredible size compared with
other western states, it was gobbling up capacity at an alarming rate. APS needed

to revise its plan from the 1995-1997 period in light of this new data.

Planning activities once again thoroughly reviewed the Western generation markets
and continued with the assessment of the potential for purchasing jointly owned
existing units that we operated. We also analyzed the potential of various new
generation sites around the WECC through our regional planning model and
determined that Arizona was not as attractive a market to merchant generators as
California and Nevada. By October of 1998, APS had reviewed the regional
situation — both neighboring utilities and the WECC as a whole — and concluded
that the Southwest was becoming unacceptably short of capacity and dependent on
imports. Both of these latter findings were very significant to the “buy vs. build”
decision rapidly being forced upon the Company. If this shortfall continued, and if

Arizona had to compete with California for new generation, APS and its customers
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. 1 would be exposed to very significant and, in our judgment, unacceptable risks of
2 higher purchased power costs. System reliability was also in danger of being
3 compromised, especially considering that no economic analysis performed by APS
4 showed that the most profitable location for a merchant plant would be within
5 metro-Phoenix. Figure 4 illustrates the increasing gap between APS-owned
6 generation and APS load that we saw developing in future years by mid-1998.
7 FIGURE 4
8
9 APS New Generation Requirement
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21
22 At this point, we began studies to identify a new generation site or sites capable of
23 accommodating 1500 to 2000 megawatts. The official recognition in an APS
24 planning document of what was the project called “Hedgehog” (later renamed as
25 Redhawk) appeared as part of our Generation Growth Plan in January 1999.
® =
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WHAT DID YOUR 1999 LONG-RANGE FORECAST INDICATE ABOUT
APS GENERATION NEEDS AT THE TIME THE DECISION WAS MADE
TO BUILD THE PWEC UNITS?

At the time when the current version of the Electric Competition Rules was being
considered by the Commission in 1999, the generation deficit at APS was growing
to an alarming level and was projected to approach nearly 2200 MW by 2007. Our
projections also showed other utilities in the Desert Southwest were becoming
increasingly short of generation capacity and no, or very little, apparent merchant
activity in the region. And our analyses of the western generation and transmission
system were increasingly revealing overloads of the transmission grids and

significant generation import issues within major load centers like Phoenix.

But while increasing demand was the dominant factor affecting our planning
decisions, it was by no means the only influence. The effect of restructuring the
electric industry in California and other nearby states as well as Arizona had to be
factored into our decisions. In Arizona, specifically, we had to consider the
possible effect of divesting our generation assets to one or more companies. APS
maintained forcefully before this Commission that it, or at least an affiliate, needed
to retain control of our existing and any future generation assets to avoid exposure
to the risks of a totally fragmented, potentially dysfunctional and, if not

unregulated, certainly under-regulated, wholesale market.

COULD YOU SPECIFICALLY ADDRESS THE ESCALATING LOAD
GROWTH SITUATION FACED BY APS?

APS experienced a strong acceleration of load growth within its control area that
had a dramatic impact on projections of the Company’s future resource needs. A

pictorial representation of APS’ changing annual load forecast (including 15%

- 45 -




NoRe e e LY e S

10
11
12
13
14
15
16
17
18
19
20
21
22
23
24
25
26

reserves) between 1995 and 2001 and corresponding additional new generation

requirement for the projected year 2003 is shown below in Figure 5.

FIGURE §

APS New Resource Requirements
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WHAT PLANNING STUDIES WERE PERFORMED BY APS IN 1998-99
TO ASSURE THAT THERE WOULD BE AN ADEQUATE GENERATION
SUPPLY FOR THE EXPECTED HIGH LOAD GROWTH IN THE
COMPANY’S SERVICE TERRITORY?

In anticipation of high load growth within the APS service territory, a series of
regional generation planning studies, beginning both prior to and extending after
the summer of 1998, became part of the strategic planning for the new reliability
generation construction program at APS. The economics of building new
generation in Arizona vs. elsewhere in the WECC, the depressed electric wholesale

market prices and the increasingly negative regional supply situation, both of
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neighboring utilities and the WECC as a whole, were all analyzed. We concluded
that along with Arizona, the Southwest was also becoming unacceptably short of
generating capacity and increasingly dependent on imports beyond the
transmission system’s capabilities. Our market intelligence research group found
that all the independent power producers’ known generation activities were
elsewhere in the United States and especially in California. There was no or very
little activity in Arizona. APS system .reliability became our paramount concern.

Thus, our new generation program was initiated in late 1998.

WERE OTHER NON-BUILD OPTIONS CONSIDERED TO ENSURE
ADEQUATE GENERATION SUPPLY FOR APS INCREASED GROWTH?

Yes. We undertook a comprehensive review of market alternatives, including all
existing and jointly-owned assets potentially available for sale in the Southwest
and potential new generation construction sites in Arizona and elsewhere in the
WECC. Among all the jointly-owned assets options identified, SCE’s share of Palo
Verde and Four Corners, TEP’s share of Navajo and Four Corners, and El Paso’s
share of Four Corners and Palo Verde were seriously considered. In Attachment
AB-4, I show an example of our economic historical analyses of the busbar cost of
these possible acquisitions. It is compared both with the assets PWEC expected to
receive from APS and the planned Redhawk and West Phoenix projects. The
subsequent acquisition of these interests in the existing Palo Verde, Four Corners
and Navajo plants was negotiated with varying degrees of initial success. However,

for various reasons, all of these efforts eventually failed.

WHAT DID YOUR LONG-RANGE FORECAST INDICATE ABOUT THE
RESOURCES NEEDED FOR ARIZONA AND THE DESERT
SOUTHWEST?
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Our long-range forecasts showed that Arizona and the Southwest needed to import
capacity during the peak summer months. For Arizona as a whole, our 1998
forecast predicted statewide total demand in 2003 of 12,897 MW and resources of
11,633 MW, a deficit of 3199 MW even with a moderate 15% reserve margin. In
the Desert Southwest, we forecasted in year 2003 total demand of 20,701 MW and
resources of 17,848 MW, a deficit of 5958 MW.

For these and other reasons, we became concerned about APS system reliability.
There was considerable doubt as to whether the transmission system would be able
to import enough capacity into the Southwest and Arizona at times of peak
demand, even if capacity were available at a reasonable cost from other states or
regions. After all, the load elsewhere in Arizona and also in Southern Nevada was
growing at least as fast as APS load. In addition to these concerns, we were unsure
about the effect the new California market structure would have on the Western
wholesale market. Because California is such a huge market in comparison with
Arizona and the rest of the western states, even on a cumulative basis, we knew the
impact of that California market on the Southwest would be both significant and
difficult to predict.

AT THE TIME YOU DECIDED TO BUILD THE WEST PHOENIX AND

REDHAWK UNITS, WAS MERCHANT CAPACITY AVAILABLE IN
ARIZONA TO MEET THE NEEDS OF APS CUSTOMERS?

No. At the time we made the corporate commitment in late 1998 to build the West
Phoenix and Redhawk units, the rapid increase in potential Arizona merchant plant
activity was still in the future. By the spring of 1999, when West Phoenix was
officially announced, there were still only three merchant plants announced or
under construction in Arizona. These were the South Point, Griffith, and Desert

Basin facilities. All three of these plants were announced in late 1998. The
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locations of South Point and Griffith in the far northwest corner of Arizona, outside
our service area and transmission system, indicated that those plants were targeting
California and Nevada markets. Desert Basin was eventually to be committed to
SRP. Moreover, none of these plants would be of any use in serving load within the
constrained metro-Phoenix area during peak, which was becoming an increasing

reliability concern to APS in the late 1990s.

Even by the time the formal public announcement was made concerning Redhawk
in September 1999, only two additional new plants had been announced. And those
announcements had been made only a mere couple of weeks earlier. These new
plants were SRP’s 225 MW Kyrene facility and Sempra’s 1000 MW Mesquite

plant.

Kyrene was neither a merchant plant nor one likely to solve the Company’s long-
term resource needs. SRP was constructing this relatively small plant to serve its
own retail load and showed no interest in either partnering on the project or having
APS acquire any of Kyrene's output. Moreover, SRP did not bid either of its new
generating facilities (Kyrene and Santan) in the recent APS Track B solicitation.
Sempra contracted the Mesquite plant to California, as expected, and also did not

participate in the recent APS Track B solicitation process.

DID PWEC BUILD ITS ARIZONA POWER PLANTS IN HOPES OF
EXPLOITING THE CALIFORNIA MARKET PROBLEMS?

The goal was serving APS, not California. Although off-system sales are an
important part of all power plant economics, PWEC announced and began
implementation of its plans for the West Phoenix and Redhawk power plants
before the rapid increase in Western power prices. This timing is shown

graphically for both West Phoenix and Redhawk in Figures 6 and 7, below.
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FIGURES 6 AND 7

West Phoenix Project Major Events
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But during the California-induced power crisis of 2000-01, a number of new
merchant plants were begun in Arizona. Those plants clearly were intended to
capitalize on the run-up in prices, and this intention has been confirmed by the

subsequent cancellation of some of these plants as power prices fell.

This contrast in timing is no coincidence. PWEC’s construction plans were driven
by the need to supply APS customers with reliable power. And the timing was
none too soon for APS. By the time construction of West Phoenix and Redhawk
began in June and November 2000, respectively, the Western power crisis had
begun and keeping the lights on in Arizona without bankrupting the Company or

the state was clearly going to be a challenge.

HOW DID THE REGIONAL AND WESTERN TRANSMISSION
1S\II]::I‘IIZ.JAS'I;ION AFFECT YOUR EVALUATION OF APS RESOURCE
DS?

While our earlier 1995-97 planning studies showed that the WECC had an excess
of capacity, we also recognized that the Western transmission system did not allow
interstate power transfers in sufficient amounts to accommodate increasing demand
growth in Arizona and the Southwest. There are constraints within the WECC
system outside APS’ control that prevent the power from flowing into our area, and
within the APS system there are additional constraints, some of which I have

already discussed and others that exist due to the geography of our service area.

Further, we knew that increasing amounts of wholesale power exchange under
various competitive scenarios could put additional strain on the Western
transrhission system, possibly in unpredictable ways. As noted by numerous studies
and articles on competition, the transmission networks in the U.S. were built

primarily by local utilities to provide power from remote utility-owned generation
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to their service areas. They were not designed or constructed to serve as common
carriers for massive interstate exchanges of power between systems and regions in

furtherance of a national competitive wholesale market scheme.

In the West, the transmission transfer capabilities were likewise inadequate to
allow us to substantially increase our purchases from remote locations. As shown
in Figure 8, which came from a management presentation in 1999, the largest
available reserves were located in the Pacific Northwest, but the major
transmission links to and from that region go primarily to Northern California, not

to the Southwest.
FIGURE 8

Regional Generating Reserves -
Summer 2006
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This condition was unlikely to change because at the time, California also had a
significant capacity deficit. This would have encouraged an even stronger
transmission link with the Northwest, but made it even less probable that power
would flow from the Northwest through California to Arizona. There were and are
substantial transmission links between Southern California and Arizona, but
Southern California’s capacity deficit (6300 MW) was well over twice that of the
entire Desert Southwest (2600 MW). Given the relative economic advantage of
transmitting power to California as compared to Arizona, it was doubtful that
significant Northwest power not already under contract to APS (such as the

Pacificorp agreement) could be bid away by APS or any other Southwest utility.

The transmission pathway from Utah into Arizona allows for the transfer of up to
800 MW from the Northwest into Arizona, but this pathway also encounters a
constraint at the Four Corners substation, which limits the incremental import
potential to approximately 200 MW. In part, this is because the APS diversity
exchange of 480 MW with Pacificorp uses the same transmission path to bring
power to our customers during the summer months. It is also because Four
Corners, and its related substation and transmission system, is owned by utilities in
Arizona, New Mexico, Texas and California. As I discussed earlier, the
transmission system in that area was primarily designed and sized to transfer power
from Four Corners to the Southwest and Southern California service territories of
the owner entities and not to wheel power from Utah through New Mexico into
Arizona. Figure 9, which was also originally prepared in 1999, shows the regional
transmission transfer limitations facing the Southwest in general and APS in

particular.

-53-




S N

-~ N L

10
11
12
13
14
15
16
17
18
19
20
21
22
23
24
25
26

FIGUREY
Western Power Markets Transfer
Capability (MW)

To
300 (OC— MAPP

760 AZ €400 oc)— 10 SPP

AZ/NM/S. NV
WSCC
Mexico

WHAT EFFECT DID THE CALIFORNIA DEBACLE HAVE ON
RESOURCE PLANNING DURING THE YEAR 2000?

The year 2000 saw momentous events in the Western power markets—
unprecedented high power prices and shortages, high natural gas prices and the
complete failure of the Wholesale market structure. These events had three primary
effects on APS resource planning: elimination of the SCE purchase option due to
legislation barring further divestiture of generation in California, acceleration of
the reliability projects at West Phoenix, and a re-evaluation of projected WECC

market prices and supply-demand balance.
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In early 2000, PWEC received Certificates of Environmental Compatibility for our
West Phoenix and Redhawk facilities, respectively. Although we had considered
partnership arrangements for both of these projects — Calpine with West Phoenix
and Reliant with Redhawk, these plans had assumed that at least some of the
acquisition scenarios would pan out and did not fully consider the tremendous

explosion in customer demand we saw in 1999.

In 1999 and 2000, APS continued to experience customer growth at three times the
national average, as the expansion phase of the business cycle reached
unprecedented levels not seen in previous economic cycles post-World War IL
APS was forced to continuously revise its load forecasts upward to account for this
new phenomenon. Nor could this explosion in growth be viewed simply in
isolation, considering the supply problems and extreme price volatility being
experienced in California and other Western states. Thus, APS became increasingly
concerned about its ever-growing capacity deficit. We knew that an unusually hot
summer could put extreme pressufe on reliability in the absence of the new PWEC
units. Moreover, APS’ financial situation could become strained if the Company
were forced to buy power on the open market at exorbitant prices, thus threatening

the rate reductions under the 1999 Settlement.

APS was able to maintain Valley reliability in the summer of 2000 with the re-
commissioning of its old West Phoenix 4 and 6 units, but it was clear that more
dramatic measures would be needed for 2001 and beyond. Although by this time,
several other merchant generators had announced plans to build near Palo Verde,
their units would not be on line in time to meet our needs. Nor did we have any
assurance that these units would even be interested in Arizona given the lucrative

market in California. Therefore, and as a result of a study made in August of 2000,
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PWEC advanced the planned in-service dates for the first two Redhawk units from

2003/2004 to 2002 and the last unit (Unit 4) from 2009 to 2005.

The acceleration of the construction schedule for Redhawk (so as to have the
capacity available for APS customers by 2002) carried with it some unintended
consequences. The energy from the plant would likely be more than could be used
solely to serve APS native load for at least the first couple of years. Thus, we
developed a plan to provide some capacity and energy to the wholesale market
during off-peak periods. This resulted in some opportunity costs to PWEC because
this off-system capacity and energy would be more valuable if construction could
have been delayed until the market shortage in the West was even more acute and
prices higher. But our study continued to show that a combined portfolio of
existing APS generation and new PWEC gas-fired plants produced lower costs
than relying exclusively on the wholesale market, whose structural flaws had
become glaringly obvious.

WHAT EFFECT DID THE AFTERMATH OF THE CALIFORNIA
DEBACLE HAVE ON YOUR PLANNING DURING 2001-2002?

The California debacle and Western power crisis provided a direct — but not always
clear and certainly not preordained — path to this proceeding and our request to put
the PWEC Arizona assets into the APS rate base. The year 2001 began with
continuing high prices and California power emergencies, even during the winter
months when prices were expected to moderate. By early in the year, the California
utilities were nearly bankrupt, and the state, through the California Department of

Water Resources, took over the purchase of power for utility customers.

To assure reliable service during the summer of 2001, PWEC completed

construction of WP-4, while APS maintained the West Phoenix Steam Units 4 and
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6, which had been re-commissioned the prior year, for another summer. PWEC
also brought in temporary, trailer-mounted generation at both West Phoenix and
Saguaro. We spent an estimated $120 million to protect APS customers during this
extremely uncertain and volatile time in the power and natural gas markets. This
foresight paid off when on July 2, 2001, peak demand reached 5687 MW. We were
able to meet that demand, but even with WP-4 and PWEC’s trailer-mounted

generation, APS was down to 36 MW of reserves in the Valley.

By operating existing units at the highest level and adding new capacity, some of it
on an emergency basis, we assured reliable service to customers and protected
them from skyrocketing market prices. These same high market prices bankrupted
one of the nation’s largest utilities, put severe strains on many others, and led to
hefty rate increases for the customers of many Western utilities. In my opinion, our
response demonstrates the Company’s commitment to its customers. These actions
also demonstrate our ability to remain agile enough to make short-term adjustments

within the context of a longer-term asset-based resource plan.

As we prepared to move the APS generation to PWEC, we knew that APS would

be required to buy all of its power on the wholesale market, with 50% through an

~ undefined auction or bidding process. Facing this prospect, given the dysfunctional

nature of the California and Western power markets, was daunting and extremely
risky for APS customers. As a result, we developed and filed with the Commission
in the fall of 2001 a plan to preserve an orderly progression toward competition and
for PWEC to guarantee APS customers a reliable supply of affordable power. APS
believed that the proposed long-term cost-based purchased power agreement with

PWEC, combined with mandatory open market purchases based on fixed formula,
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would allow divestiture to proceed and for the wholesale market in Arizona to

develop over time, while still protecting APS customers.

During the latter half of 2001 the Western power markets collapsed. By the fall of
2001, the Enron scandal further eroded confidence in power markets and trading
activity. And by the beginning of 2002, the merchant power industry was already
beginning to falter. Although these events temporarily removed the threat of
skyrocketing power prices, they introduced the new issues of counter-party credit
risk, thinning markets, and the parade of project cancellations that will eventually
lead once again to capacity shortages later this decade. All of this reinforced the
Company’s belief that having the existing APS assets as well as the new PWEC
assets available for APS customers in a single integrated package at reasonable
cost-of-service prices would be a better option. Under the terms of the Electric
Competition Rules and the 1999 Settlement, such unification of assets could only

take place within PWEC.

Although recognizing the same problems as APS, the Commission decided to
change course altogether and stopped the divestiture of APS generation in Decision
No. 65154 (September 10, 2002). This provided APS customers with a partial
market hedge similar to that envisioned by APS, but also resulted in the PWEC

gas-fired assets being stranded at PWEC.

COULD YOU SUMMARIZE THE REASONS WHY APS DECIDED TO
PURSUE AN ASSET-BACKED CONSTRUCTION PROGRAM TO
SATISFY ITS FUTURE NEEEDS RATHER THAN RELYING
EXCLUSIVELY ON THE WHOLESALE MARKET OR BUYING
EXISTING CAPACITY?

As 1 have previously discussed, APS looked at each of these options, both

individually and in combination, from 1995 through 2001. For construction
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scenarios, all technologies’ (gas / coal / nuclear) economics were evaluated on a
relative basis and sited at a generic location with varying unit sizes and
configuration. The risk of building gas-fired generation directly controlled by APS
or an affiliate of APS proved to be lower for both our customers and for APS than
the risk of not building and thus allowing APS customers to be exposed to an
unpredictable, uncontrollable, and unreliable wholesale market. This was because
the construction of modern gas-fired generation does not involve the sort of
construction-related risks one faced in the past when building coal or nuclear
generation. And with this gas-fired generation likely to be the market-setting
marginal resource, it was extremely unlikely that the wholesale market would

produce a lower long-run price than the cost of building one’s own generation.

C. Regulatory Background to APS Planning Decisions

HOW DID REGULATORY ISSUES INFLUENCE THE PLANNING
PROCESS OVER THE LAST DECADE?

This period was a time of considerable change and uncertainty in the economic and
regulatory arenas. Beginning in 1994 with the issuance of the California “Blue
Book”—essentially a manifesto for retail competition—it was evident that our
huge neighboring state, as well as the Federal Energy Regulatory Commission
(“FERC”) would look for ways to promote competitive elements in the electric
utility industry.

WHAT WERE THE MAJOR REGULATORY ISSUES IN ARIZONA AT
THIS TIME?

There was a widespread belief that competition and deregulation were inevitable

and that other states needed to get on the bandwagon or they would be left behind

- by California and the handful of jurisdictions that were seriously looking at this

issue. Arizona was not immune to this growing enthusiasm for restructuring and
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deregulation, and the Commission opened a docket investigating electric industry
restructuring in 1994, although there was little activity in that docket until 1996,

when the Commission enacted the first version of the Electric Competition Rules.

DID THESE RULES ATTEMPT TO CHANGE THE VERTICALLY
INTEGRATED STRUCTURE OF APS OR REQUIRE DIVESTITURE OF
THE COMPANY’S GENERATION?

No. In fact, the Commission rejected mandatory divestiture, although its generic
“stranded cost” order in 1997 did allow it as an optional means of valuing an
electric utility’s “stranded costs.” That position appeared to suddenly change in
1998, and by August of that year, mandatory divestiture was added to the Electric
Competition Rules as an “emergency” measure. APS was successful, however, in
persuading the Commission to allow divestiture to take place to an affiliate of APS
rather than to one of the then-emerging merchant generators. This switch in
regulatory policy from vertical integration to mandatory divestiture of generation
was further reflected in the 1998 three-way settlement among APS, TEP and
Commission Staff, as well as the finalization of the “emergency” Electric

Competition Rules in December of 1998.

DIDN’T THE COMMISSION REVISIT THE ELECTRIC COMPETITION
RULES IN 1999?

Yes. The “permanent” 1998 Electric Competition Rules lasted less than a month
before a new Commission set them aside. But although several aspects of the
Rules were subsequently changed, the Commission held steadfastly by the concept
of mandatory divestiture in the set of Electric Competition Rules that were

approved early in the fall of 1999.

HO\g")DID THE 1999 APS SETTLEMENT AGREEMENT FIT INTO ALL
THIS?
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Just as had the failed 1998 three-way settlement, the 1999 Settlement called for
divestiture of generation to an affiliate of APS. This was changed slightly by the
Commission to be a direct subsidiary of Pinnacle West rather than a subsidiary of
APS, as had been envisioned by the actual settlement itself. APS also was
permitted an additional two years to accomplish divestiture as compared to the

requirements of the Electric Competition Rules.

The 1999 Settlement also called for a Code of Conduct, as did the 1999 version of
the Electric Competition Rules. This Code of Conduct was approved by the
Commission in early 2000 and, I was told at the time, effectively prohibited APS
from constructing new generation even during the “window” prior to divestiture,
which now extended through 2002. APS agreed to this restriction because, given
the Commission’s clear preference for divesting generation, it would have been
imprudent, even unimaginable, for APS to construct generation that it then would
have to divest before such generation was, for the most part, completed and placed

into service.

WAS ARIZONA ALONE IN REQUIRING DIVESTITURE OF
GENERATION?

No. In the West, California, Nevada and Montana all required divestiture but did
not have the foresight to allow for that divestiture to be to an affiliate of the
incumbent vertically integrated utility.  Divestiture also was required or
encouraged elsewhere in the country.

DID THE REQUIREMENT TO DIVEST APS GENERATION AND TO
NOT CONSTRUCT NEW GENERATION AT APS AFFECT THE
COMPANY'’S OBLIGATION TO RELIABLY SERVE AS PROVIDER OF

LAST RESORT WITHIN ITS SERVICE AREA OR TO PLAN FOR ITS
FUTURE NEEDS IN THAT REGARD?
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No, but it did complicate that effort. Owning generation gives a utility the ultimate
physical hedge against market risk and provides operational and financial
flexibility not easily obtainable through mere contracts for power. Divestiture also
meant that APS’ superior capital raising ability could not be used to finance any
needed new resources. Building such new resources at PWEC was clearly a
“second best” option compared with continued integration of APS, but it was just
as clearly the best optioh then available to discharge the Company’s public service

obligation.

HOW DID ALL THESE REGULATORY EVENTS INFLUENCE YOUR
RESOURCE PLANNING PROCESS?

With the Commission’s Electric Competition Rules finally approved and the 1999
APS Settlement in effect, generation planning shifted emphasis from the regulated
to the competitive arena. APS agreed to shift its generation to a competitive
generation affiliate, PWEC, which was created in September 1999. However, we
continued to view the primary mission of that generation affiliate as the provision
of reliable and economical power to APS customers, albeit at market determined
rates under FERC jurisdiction rather than traditional Commission-regulated cost-
of-service prices. The resource planning process at APS and subsequently at

PWEC continued to explore various generation alternatives and market and
regulatory scenarios to quantify inherent risk associated with all of these events.
For example, we reviewed the possible implications of the generation transfer for
APS. In June 1999, we conducted an analysis entitled “1999 Planning Scenarios
Risk Assessment.” The analysis concluded that blending existing APS generation
with the new construction being planned would result in lower costs to APS

customers than would open market purchases. This confirmed to APS the wisdom
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of maintaining this blend of generation in an affiliate where it could still be

dedicated to serving APS.

DID EVENTS GO AS HAD BEEN ANTICIPATED, EITHER IN ARIZONA
OR IN THESE OTHER STATES TO WHICH YOU REFERRED?

Yes and no. During 1998 and most of 1999 wholesale power prices were, as
expected, very low. Then in 2000, the situation changed dramatically. Power
prices began to soar in the California market. Brownouts and blackouts occurred in
California and spread to other parts of the West. Although APS had anticipated that
electric markets, like all commodity markets, would be volatile and had determined
even during the “soft” power price period of 1998-1999 to protect its customers
from that volatility and to ensure reliability here in the Valley, I cannot claim that
we predicted the full scope of the ensuing disaster. Thus, it was decided in 2001
that a study should be done to analyze the impact on APS and APS customers of

various possible regulatory reactions to the California situation.

WHAT WERE THE SCOPE AND RESULTS OF THIS 2001 MARKET
STRUCTURE STUDY?

In early 2001, at the height of the California crisis, APS Resource Planning
undertook an analysis of the impact differing market structures would have on APS
customers. We identified four potential alternatives for analysis:

. Current Path (Divestiture and Deregulation)

o Current Path (Bilateral Agreement with PWEC for full-requirements)

. Partial Regulation

. Return to Vertical Integration

Under the Current Path-Divestiture and Deregulation scenario, APS would transfer

its generation assets to PWEC and acquire all of its needs from the competitive
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market aé required by the Competition Rules and the 1999 Settlement Agreement.
The PWEC generation assets (including the transferred APS assets) could still
serve APS, but at market-determined prices, and would compete for sales in the
general wholesale market, where its diverse and low-cost portfolio would provide

significant competitive advantages.

Under the Current Path-Bilateral Contract scenario, APS would also continue with
the planned transfer of its generation assets to PWEC, as required by the Arizona
Competition Rules and the 1999 Settlement. PWEC and Pinnacle West would then
seek Commission permission to provide a “full requirements” service to APS
reflecting the cost of the combined (at PWEC) portfolio of APS and PWEC
generation as well as the cost of supplemental power purchased from' the
competitive market. This scenario formed the basis of bur proposal in the fall of
2001 for a purchased power agreement between PWEC and APS and a

corresponding request for a partial variance to the Electric Competition Rules.

Under the Partial Regulation scenaﬁo, APS would retain its existing generation
assets under cost-based regulation and obtain all of its unmet needs from the
wholesale market. PWEC’s new generation assets would compete for sales in the
wholesale market. This scenario was inconsistent with either the competitive
model required under the Electric Competition Rules or the traditional regulatory
scheme in effect for many decades prior to the Electric Competition Rules. It also
was not practical in any event, because WP-4 and WP-5 were necessary for reliable
service to APS customers in the Valley. Thus, we did not fully complete this

particular analysis.
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Under the Return to Full Regulation scenario, APS would continue to own
generation assets — both its own existing assets and the assets being constructed by
its affiliate PWEC. These assets would be included in the Company’s rate base
under cost-of-service ratemaking, including recovery of cost of capital. The
wholesale market would still fill a vital role of providing “economy energy” sales
and purchases as well as capacity to cover any deficit during periods of high
demand. It would also provide an alternative for future load growth, but APS
could continue to have the option of building new utility-owned generation assets

as needed to meet future customer demands.

WHAT WERE THE RESULTS OF THIS ANALYSIS?

Because Option 4 (Return to Vertical Integration) did not materially differ from
Option 2, I have focused my analysis here on Option 4. Our analysis showed
significant volatility inherent in the deregulation scenarios. The Return to Vertical
Integration scenario was found to be the most beneficial and financially attractive
scenario for APS customers. 1 have calculated the savings anticipated for APS
customers from Option 4 as compared to Option 1. This scenario provided average
savings in the range of $250 million for our customers just in 2005 alone. The
savings for other years were comparable. And although a large amount of these
savings come from the continued cost-of-service regulation of the existing APS
generation, the analysis also showed anticipated 2005 customer savings in the
range of $22-74 million from the new PWEC generation.

HAVE YOU PREPARED A TIMELINE THAT PUTS ALL OF THESE

REGULATORY, MARKET AND APS PLANNING AND CONSTRUCTION
EVENTS INTO CONTEXT?

It would be impossible to do that on a single chart or graph. There were just too

many events that led to the current situation, as I have described in my testimony.
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However, as noted in my Summary, I have prepared a simplified timeline as
Attachment AB-1 that depicts at least the major events in Arizona, the region and
nation, and for APS/PWEC planning and construction of the PWEC assets. This
timeline will allow the reader to get a better feeling as to how all of these various

pieces fit together.

ECONOMIC ANALYSES OF THE PWEC ASSETS

YOU HAVE TESTIFIED THAT YOU CONDUCTED ECONOMIC
ANALYSES IN ADDITION TO THAT DISCUSSED IN CONJUNCTION
WITH THE POSSIBLE REGULATORY REACTIONS TO THE
CALIFORNIA ENERGY CRISIS THAT SUPPORTED THESE CONCERNS
ABOUT RELIANCE ON THE WHOLESALE MARKET. WOULD YOU
DISCUSS THEM IN MORE DETAIL?

Yes. As I have stated previously in my testimony, economic assessments of the

economic viability of constructing these units were made repeatedly. Project IRR
was estimated based on our forecast of the wholesale market revenues and project
costs. We also continued with conventional revenue requirement measurements
through analyses of busbar costs. In fact, we computed each project’s revenue
requirements / busbar cost at every major milestone during the planning and initial
construction phases. We compared the relative competitiveness of these new units,
both combined with the existing APS generation that was to be divested to PWEC
and separately, with other merchant generators in the vicinity or to spot wholesale
market prices. These results supported our conclusion that we were prudently

planning and constructing these units for APS customers.

WILL YOU DESCRIBE THE RESULTS OF YOUR IRR STUDIES FOR
THE PWEC ASSETS UNDER CONSIDERATION IN THIS PROCEEDING?

Yes. During the course of the 36-month period of that encompassed the planning
and initial construction phases of the PWEC assets, we prepared numerous IRR

analyses on the Redhawk units, WP-4, WP-5 and Saguaro CT-3. Attachment AB-5
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summarizes IRR results for the each of the PWEC assets. ’Each and every study
represented this Attachment showed life-cycle IRR for Redhawk of 12% or better
using then-anticipated market prices. Similar studies for WP-4 and WP-5 were also
performed and the results of these studies are also provided on Attachment AB-5.
Since Saguaro CT-3 was completed with an accelerated schedule, two study results

are provided for this project in Attachment AB-5.

PLEASE DISCUSS YOUR REVENUE REQUIREMENT / BUSBAR COST
STUDIES.

We prepared busbar cost studies for the PWEC generation using the same set of
operating and fuel cost assumptions used for our IRR analyses. Both the IRR and
busbar analyses indicated that the PWEC generation assets were prudent economic
resource additions for the Company and its customers if they could be constructed
at reasonable cost. However, because the assets were needed alsq for reliability, it|
was equally important for them to be timely completed from the viewpoint of APS

system requirements.

HOW DID THESE IRR MODEL RESULTS SHOW ANTICIPATED
BENEFITS TO APS CUSTOMERS?

As T explained earlier in my testimony, the higher a project’s IRR, the lower the
cost the project will be for customers under a regulated costs-of-service regulatory
regime. I have reviewed the previously developed IRR results provided in
Attachment AB-5 referenced above and compared them with the potential project
revenue requirements under cost-of-service regulation. I have used cost-of-capital
assumptions of the time, which were somewhat higher than what APS is requesting
in this case. This tends to overstate the cost-of-service revenue requirement as
compared to today. Operating and market price assumptions were also based on the

same data as the original IRR and busbar cost analyses.
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My analysis shows that rate-basing the PWEC reliability assets could have been
anticipated to yield a benefit ranging from approximately $496 million to $615
million in net present value over the life of the projects. The discount rates used in
my analysis are between 8.25% and 7.1%, after tax, the former of which was
consistent with the average cost-of-capital also used in the original IRR and busbar
analyses, while the latter reflects the after-tax cost-of-capital requested in this
proceeding. Once again these results and conclusions are drawn from studies
conducted while these assets were being planned and justified to management and
thus are the studies that directly relate to the prudence of constructing the PWEC

assets to serve APS.

THE PWEC GENERATION ASSETS WERE PRUDENTLY AND TIMELY
CONSTRUCTED, AND THEIR AS-BUILT COST WAS REASONABLE

WOULD YOU PLEASE DISCUSS THE TIME DURATION BETWEEN

PLANNING, CONSTRUCTION AND IN-SERVICE OF YOUR
RELIABILITY UNITS?

The assets constructed by PWEC were state-of-the-art combined cycle and
combustion turbine units. Unlike previously constructed long lead-time (10-20
years) nuclear and coal units, the reliability assets took less than three years to
complete. The Redhawk project was announced in late September 1999, received
its CEC permit on February 23, 2000, finalized its engineering, procurement and
construction (“EPC”) contract on September 2000, began its construction on late
November 2000, and was brought on-line in summer of 2002. This was all in
accordance with the accelerated schedule established for Redhawk’s completion in

the third quarter of 2000.

WP-4 and WP-5 were announced to the public in late April 1999 and received their
CEC permit on February 17, 2000. The WP-4 EPC contract was awarded in

November 1999. Construction began the following June and was completed before
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the Summer of 2001. WP- 5°s EPC contract was signed in May 2001, construction

began September 2001, and the projected in-service date for this unit is July 2003.

The Saguaro CT-3 project was awarded an EPC contract in August 2001.
Construction began October of 2001, and commercial operation was achieved
before the summer of 2002. Because of its size, Saguaro CT-3 did not require a

CEC.

In each of these instances, the PWEC units were constructed in time to address the
Company’s reliability needs. And in no instance was there a significant overrun in

the construction schedule anticipated when construction actually began.

HOW WERE THE CONSTRUCTION COST ESTIMATES DEVELOPED
FOR THE RELIABILITY ASSETS?

The construction cost estimates for the Redhawk and West Phoenix units can be
characterized into four phases: (1) the planning phase; (2) the development phase;
(3) the phase just before construction commencement; and (4) the construction
phase. I might also add that there were also unique events specific to each project.
For example, the construction and timing of WP-4 were accelerated by turbine
availability from a previously suspended project. Both WP-5 and Redhawk were at
one time considered as jointly-owned projects, and Saguaro CT-3 was built, in part,

in lieu of continued use of temporary generation.

PLEASE EXPLAIN FURTHER HOW YOU ARRIVED AT THE
(C;%IGISE:UQTION COST ESTIMATES FOR EACH OF THESE PHASES IN
ERAL?

The construction cost estimate for most of our reliability generation during the
planning phase followed the normal standards of generation planning process at

APS. The generic technology-specific construction cost data was provided by our
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Engineering Department. This allowed us to compare a project’s relative

economics to another.

In the development phase, site-specific construction cost estimates were prepared
based on certain contacts with major equipment suppliers and the EPC contractor.
This phase did not consider more detailed cost estimates associated with the project
transmission, water and specific equipment design, Such site-specific and

transmission-related studies are performed in tandem later in the project.

In the case of the PWEC assets, the major equipment suppliers, project design
work, and engineering services were obtained through competitive RFPs to
minimize cost. Then, the project construction cost estimates were refined further
through the competitive procurement process itself. These estimates were finally
supplemented with other ancillary project equipment costs. Taken together, these

steps provided the best estimate available prior to the construction phase itself.

The construction cost estimates and/or commitments (also know as budgets) were
monitored regularly from this time forward. Contractual, environmental or
regulatory requirements were the most common reasons for further modifications
of project cost from the previous phase. These direct project costs along with
interest accumulated during construction (“IDC”) became the final project

construction costs.

HOW DID WP-4’S “AS-BUILT” COSTS COMPARE TO THE PLANNING
ESTIMATED AMOUNT PRIOR TO CONSTRUCTION COMPLETION?

During the planning phase of the project, the construction cost data was estimated
based on our engineering judgments and input from the EPC contractor. In June

2000, and prior to construction, the cost estimate of WP-4 was set at $75 million,
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not including IDC and any necessary spare parts inventory. WP-4’s final cost was
$78 million, including spare parts and allowing for an incentive payment to the

EPC contractor for its timely construction of this much-needed facility.

WHAT CONSTRUCTION COST DATA FOR WP-5 UNIT DO YOU HAVE?

During the initial planning stages (November 1999) for its two-on-one combined
cycle configuration, WP-5’s preliminary construction cost data was estimated to be
$251 million, which was only an engineering estimate made without any input
from the EPC contractor and did not include additional environmental or
transmission-related equipment. That estimate was revised upward by $30 million
taking into consideration input from the EPC contractor, major equipment
contractors. The present as-built estimate for WP-5 is $292 million, including spare
parts and transmission improvements. I do not consider this figure to be

significantly higher than the final pre-construction estimate.

ggI’IX‘ZSQU HAVE A SIMILAR ANALYSIS OF THE TWO REDHAW

Yes. The Redhawk units were initially (September 1999) planned as four 500 MW
units using Westinghouse turbines and were estimated to cost roughly $1 billion in
total based on the preliminary engineering estimate. The failed partnership with
Reliant did allow APS to substitute GE turbines, which facilitated an in-service
date coincident with APS needs, albeit at a somewhat higher cost. Redhawk project
cost estimates were also revised to include additional transmission line costs and
spare parts. Thus, in July 2001, the new project cost for the four units was
estimated to be $1.13 billion based on the actual contracts awarded for the project.

The as-built cost of Redhawk 1 and 2 was $572 million, only slightly more on a per
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unit basis than the final estimate. PWEC wrote off Unit 3 and 4 costs of

approximately $50 million, and these costs are not a part of this rate proceeding.

PLEASE CONTINUE BY DISCUSSING SAGUARO CT-3?

The schedule for the Saguaro simple cycle project was for it to be in service to
meet APS 2002 peak load at a cost estimated at $40 million. Actual as-built cost
was a little below that estimate, or $37 million. This unit took the place of the

temporary rental turbines used in 2001, which I have previously discussed.

HOW DOES THE COST OF THE PWEC UNITS COMPARE WITH THE
COST OF SIMILAR UNITS BUILT AT THE SAME TIME IN ARIZONA?

Because the main cost components (gas turbines, steam turbine and steam
generating equipment) are common to any combined cycle installation, there is
little room for significant cost variations from one installation to another. However,
based on public data released by other builders on their projected costs for like
installations, the PWEC unit costs are comparable to and would appear to be
competitive with similar units of the same vintage. In fact, these assets were
roughly 5% less per installed kW ($570/kW versus $596/kW) than the average of
other similarly-vintaged plants in Arizona. Of course, as I noted earlier, the actual
book value of the PWEC assets asked for inclusion in the Company’s rate base is
somewhat less due to the depreciation and deferred taxes from their in-service date

through their estimated date of acquisition by APS.

HOW DID YOU KEEP THE COST OF THE PWEC UNITS WITHIN A
REASONABLE RANGE?

In addition to using competitive RFPs where appropriate, PWEC used a series of
incentives for the contractors to meet or beat scheduled dates and entered in other

contracting partnerships to keep both the cost targets and service date schedules
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within a reasonable range. These strategic alliances, along with having PWEC
staff on site during the construction phase, allowed these projects to be completed

at a reasonable cost.

WERE CONSTRUCTION COSTS FOR THE REDHAWK AND WEST
PHOENIX PROJECTS REVIEWED BY AN INDEPENDENT
CONSULTANT?

Yes. In 2000/2001, PWEC retained Stone and Webster, an engineering and energy
consulting firm, to review Redhawk-1 and Redhawk-2 and also WP-4. (At this
time, WP-5’s major contracts were being negotiated and were not available to
S&W for their review. However, they were not materially different than those for
Redhawk.) In their written report, Stone and Webster reviewed: 1) plant design and
major equipment; 2) the EPC contracts; 3) combustion turbine supply and
installation; 4) the heat recovery steam generator acquisition; 5) the steam turbine
acquisition; 6) the brine concentrator acquisition; 7) all transmission agreements; 8)
equipment performance and availability; 9) natural gas availability; 10) proposed
implementation schedule; 11) estimated capital costs; 12) projected O&M; 13)
permitting requirements and permitting status; and 14) environmental assessment
of the facility. Stone and Webster concluded that both Redhawk and West Phoenix
were being constructed in full conformance with accepted industry practices and

anticipated project costs were reasonable.

CONCLUSION
WOULD YOU PLEASE SUMMARIZE YOUR CONCLUSIONS?

First of all, the PWEC assets were built to serve APS customer load and have done

so. Their unique location near the load center makes them, both in terms of
reliability and economics, superior generating assets to other alternatives

considered at the time. This did not happen by chance, but was instead the result of
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a prudent and comprehensive resource planning process. Secondly, the results of
the recent Track B power supply solicitation conducted by APS clearly confirm
what our resources studies have repeatedly shown. The PWEC assets are necessary
to reliably serve APS customers both in the short and long-term. Third, the PWEC
assets provide significant operating benefits to the Company and its customers by
providing needed voltage support and the flexibility to economically displace less
efficient generation. Finally, these assets will be acquired by APS and included in
the rate base at their 2004 depreciated cost. This provides significant long-term

economic savings to APS customers.

DOES THAT CONCLUDE YOUR WRITTEN DIRECT TESTIMONY?
Yes.
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- APPENDIX A

STATEMENT OF WITNESS QUALIFICATIONS

Ajit P. Bhatti is Vice President of Resource Planning for Arizona Public Service
Company. Mr. Bhatti was elected to this position in December 2002 and is
responsible for developing generation plans and evaluating strategic initiatives
for APS. He is a veteran of the electric utility industry with over thirty (30) years
of experience in Western generation and transmission system modeling and
planning.

Mr. Bhatti joined the Company in 1973 and has held management positions at
varying capacities since June 1986. In 1990, he was named Manager of the
Resource Planning Department and in 1998 Mr. Bhatti was named Director of
the same. In that position, he was responsible for identifying electric generation
deficits of the APS system and providing long-range planning of the generation
resources. In 2000, Mr. Bhatti was elected to Vice President of Generation
Planning for Pinnacle West Energy Corporation (the then newly-formed
subsidiary of Pinnacle West Capital Corporation) and was responsible for
providing long-range planning for the enterprise’ generation resources.

Mr. Bhatti maintains extensive knowledge in the Western generation and
transmission systems and power markets. During his career, he has developed
computer models to simulate local and regional electric systems. He has
extensive expertise in utility integrated resource planning, generation modeling,
generation technology economic analysis and system planning. He was
extensively involved in originating the Company’s generation strategies with
Pacificorp that resulted in substantial benefits for APS’ customers.

Mr. Bhatti has led regional planning task forces and authored reports related to
regional transmission plans in the Southwest. He has previously testified before
the Arizona Corporation Commission related to the Company’s IRP filings. He
has also provided testimony in proceedings before the Interstate Commerce
Commission (now the Surface Transportation Board of the United States
Department of Transportation). Those proceedings were initiated by the
Company in 1994 against the Santa Fe Railway (now the Burlington Northern
Santa Fe Railway) to investigate the reasonableness of rail rates charged by the




rail carrier for transport of coal from mines in New Mexico to the Company's
power plant in Arizona. Mr. Bhatti’s testimony addressed the modeling of the
electric system to demonstrate the impact that tariffs charged by the railroad had
upon the dispatching of APS electric generating assets.

Mr. Bhatti has made presentations to rating agencies, financial analysts and to
industry forums. He is routinely called on by the Company’s Board of Directors
to provide insights on the Western electric markets and the Company’s
generation plans.

Mr. Bhatti holds Bachelor and Masters Degrees in Electrical Engineering from
New Mexico State University. He has been a registered professional engineer
specializing in electricity in the State of Arizona since February 1977.
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DIRECT TESTIMONY OF WILLIAM H. HIERONYMUS
ON BEHALF OF ARIZONA PUBLIC SERVICE COMPANY

(Docket No. E-01345A-03-__ )

QUALIFICATIONS

Please state your name and business address.

My name is William H. Hieronymus. I am a Vice President of Charles River
Associates Inc. My office address is 200 Clarendon Street, Boston, MA 02116.
Pleases describe Charles River Associates Inc.

Charles River Associates Inc. (CRA) is an international economics and managing
consulting firm with numerous offices in North America, Europe and Asta. Energy
is a major corporate focus. CRA staff focusing primarily on electric and gas
utilities, and associated environmental policies, totals approximately 80 people. A
like-size group consults primarily on up-stream gas, oil and related chemicals
industries.

Please review your own personal background, focusing on those portions
relevant to your participation in this case.

I am an economist by training, receiving a Ph.D. in economics from the University
of Michigan in 1969. After military service, I entered consulting, joining CRA in
1973, primarily to work on major antitrust cases. However, the turmoil in energy
industries, particularly the oil price crises of the 1970s, slowdowns in electricity and

natural gas demand and related issues, caused me to shift my professional focus to

energy economics in about 1975. Principal electricity issues in those days were
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load forecasting, fuels market forecasting, resource planning, and new forms of rate
design and cost allocation to respond to increasing average costs of production.

Continuing into the late 1970s and early 1980s, I continued to focus on
electricity and related policy issues. Apart from policy issues such as PURPA and
related rate design and renewables procurement issues, the mainstay of my
consulting was resource planning, particularly what to do with plants under
construction given that the level of load growth was far less than had been
anticipated. Indeed, the last case in which I participated that had to do with siting a
wholly new utility-owned facility was in 1980. This turned out to be a landmark
event in western power markets. Failure to gain regulatory support for building a
large coal-fired facility led PG&E and SCE to abandon plans to build any major
new facilities. This was a major precursor to restructuring of the electricity industry
in California in the late 1990s (state-mandated QF contracts having led to very high
power costs) and to the supply-demand imbalance that was the primarily cause of
the power crisis in 2000-1.

Much of my utility consulting in the 1980s had to do with the large coal and
nuclear power plants that had begun in the early and mid 1970s and were just then
coming on line. This led to business issues about what to do with the power, how
to control construction and operating costs that seemingly were spiraling out of
control and ratebasing issues concerning these comparatively expensive new
facilities. I participated in many such proceedings, as well as management

consulting analyses of what to do with incomplete plants, including stopping

construction altogether or converting them to other fuels.
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In 1988, the focus of my activities shifted abroad and to the subject of
restructuring electric utility markets. 1 worked for two years on the restructuring
and privatization of the UK electricity sector (and subsequently on changes to it)
and moved onto restructuring engagements in continental Europe, the Far East and,
toward the end of this period, formerly communist systems in Eastefn Europe and
the U.S.S.R. During this time, I continued some work in this country as well.

I returned to the United States full time in 1993. Since that time I have
worked primarily on assignments relating to the restructuring of the North
American electricity industry. These have involved the design of power markets,
the evaluation of the competitive value of facilities, consideration of mergér
candidates, various policy issues having to do with affiliate relations, restructuring
of companies, the structure of regional markets, market power and market power
mitigation, and so forth. A substantial part of my work in the past few years has
involved the west coast market. In addition to advising APS and Pinnacle West, I
have worked on the SEMPRA merger, the Duke acquisition of Westcoast Energy,
the various transactions involving Portland General, the PG&E bankruptcy, and
several of the regulatory proceedings involving the California and western power
markets, including the FERC cases conceming refunds for the crisis period and the
potential cancellation of the power contracts signed in 2001. My resume is attached
as Appendix A.

Please describe your relationship with Arizona Public Service and its affiliates.

I first came into contact with APS in about 1975 when I was doing research for the

predecessor agency of the U.S. Department of Energy, specifically, the
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development of state-level electricity load forecasting models for use by the agency
and state PUCs and planning agencies. I was first retained by APS in circa 1986 to
assist in planning for and execution of the Palo Verde Unit I rate case. I worked
intermittently with APS, primarily on Palo Verde nuclear plant issues throughout
the late 1980s and early 1990s. Subsequent to my return to the United States in
1993, 1 have worked with the Pinnacle West companies on a variety of strategy
issues, most of which have to degree or another dealt with the general area of
resource planning. Sometimes, my role has been to provide an independent view
and analysis to management. Other times it has been to offer independent advice to
in-house staff on methodologies and assumptions. I also have been tasked to
review and comment on in-house evolving strategies or pieces of analysis.
Sometimes it has been to provide a national or international view of trends and
developments to management. In this context, I have had a semi-continuous
familiarity with the resource planning tools and analyses of APS and Pinnacle
West.

I alsq have testified on behalf of the companies on a number of occasions,
most recently including Docket No. E-01345A-98-0473, et al; the settlement case
in which it was determined that APS generating assets would be transferred to what
became Pinnacle West Energy Company (PWEC); and also Docket No. E-01345A-
01-0822 in which PWEC and APS sought to establish a full requireme;nts PPA
between the two companies. This latter proceeding subsequently was merged into
and ACC Docket E-00000A-02-0051, referred to as the “Track A” proceeding in

which I also testified.
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IL PURPOSE AND SUMMARY OF TESTIMONY

Q. What is the purpose of your testimony in this proceeding?
My testimony relates generally to the question of whether the Pinnacle West
investment in the Redhawk, West Phoenix and Saguaro units properly is included
in APS’s ratebase. The standard that I will employ is the “prudent investment test”.
At the core of the test is the question, was the investment prudent in light of what
was known or reasonably knowable at the time that it was made? In this context, I
review the options available to Pinnacle West' for meeting APS’s customers’
needs. As a closely related matter, I have reviewed, and provide an independent
commentary upon, Pinnacle West's resource planning and evaluation, particularly
as it relates to the “reliability assets” — West Phoenix 4 & 5, Saguaro and to
Redhawk. I also will discuss whether these assets are and will be “ﬁsed and useful”
in meeting APS’s load. Finally, while I do not believe that an analysis of the
contemporary economics of the PWEC Arizona generation, as opposed to one that
is based on the prudence of the investments when made, is appropriate for
evaluating the inclusion of these assets in APS’s ratebase, 1 will discuss the likely

economics of the acquisition. In part, my discussion on this point will review what

' Generally, I will use the term “Pinnacle West” to refer to Pinnacle West Capital Corporation, the parent of
both APS and Pinnacle West Energy Company (PWEC). In some cases, operative decisions were
implemented at one subsidiary or the other. However, Pinnacle West Capital had fiduciary responsibilities for
the entire enterprise, including both subsidiaries and also had ultimate responsibility for the conduct of the
utility functions of APS regulated by this commission. Where referring specifically to either APS or to
PWEC, 1 will use those terms. In discussing planning functions, I also will refer to Pinnacle West for the
simple reason that planning functions sometimes were wholly in APS and sometimes were split between APS,
PWEC and Pinnacle West corporate.
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was learned in the “Track B” process about third party resources that might be
available to meet APS’s load in the future.

Portions of this analysis compliment the testimony of Mr. Ajit Bhatti, who
testifies in some detail about many of these same matters from the perspective of
being the person in charge of resource planning for the company, both now and
during the period when the PWEC assets were planned and constructed.

Please summarize your conclusions.

I conclude that the investment in West Phoenix, Redhawk and Saguaro was
prudent. The concept of prudence requires that management’s decisions and
actions were reasonable given what was “known or knowable” at the time. This
standard is met readily with respect to these plants. Indeed, I conclude that
Pinnacle West management could not prudently have avoided building these
facilities, a far higher standard of prudence than ever has been applied to an electric
utility.

As I will discuss, these plants were built as part of an “APS-centric”
decision process that focused on assuring that APS’s native load could be met
reliably and at reasonable costs. The APS-centric planning process was warranted
because Pinnacle West had a corporate obligation to APS and its customers.
Ordinarily, the result would have been that APS would have built or otherwise
acquired capacity itself. This was precluded by the Electric Competition Rules.
Instead, it was necessary for another Pinnacle West subsidiary, Pinnacle West
Energy Company (PWEC) to build the units. This concern with APS dictated the

location of the plants and the timing and amount of plant additions.
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There can be no dispute that the type of plants that were built, gas combined

cycle and simple cycle units, was a prudent choice since these same plant types

account for virtually all new construction. The amount and timing of new
construction also was prudent. West Phoenix construction was commenced when it
became clear that new capacity was needed to meet the needs of the Valley load
pocket. No merchant had announced plans to build capacity within the load pocket
(and none are planned now). The West Phoenix additions were planned to come on
line when needed; their schedule was appropriate even with the benefit of hindsight.
Indeed, without West Phoenix 4 coming on line in 2001, it is unlikely that APS
could have met load without curtailment or other emergency measures.

The Saguaro unit was planned to meet load economically in the anticipated
shortage conditions of the summer of 2002. Withoﬁt it, APS would have had to
take measures similar to those taken in the summer of 2001, which would have
been substantially more expensive than the annualized cost of Saguaro.

Redhawk was planned as a flexible future addition to meet load in the first
decade of the new millennium. Its timing was firmed and contracts were signed in
1999 in response to unanticipated load growth being experienced in the latter half
of the 1990s and in recognition that new merchant capacity was slow to build in
Arizona and not reliably available to meet APS’s load. It was accelerated in 2000
to the schedule on which it was built in response to still more load growth in the
early summer of 2000 and to the beginning of the western electricity crisis. Until
well past the time when the investment was irrevocably committed it would not

have been reasonable for APS to rely on generation being built by others for the
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market to meet its load at prices no higher than the cost of construction. Evenin the

Track B solicitation, long after the electricity crisis had waned, only quite modest

and insufficient amounts of generation owned by others was made available for
contracts to meet APS’s load.

I also reviewed APS’s planning process and management decisions over the
period that is relevant to a prudence inquiry. I found that the process was highly
professional and, as already summarized, the decisions were prudent and intended
to assure that APS could meet load reliably and economically. There were no
infirmities of either the resource planning methods or decisions that, if cured, would
have caused Pinnacle West to have not built these units.

I also reviewed the construction costs of the PWEC Arizona units and
conclude that their costs were in the middle of the range of costs for similar units,
as best as can be ascertained from publicly available data. Given the biases in those
data, T conclude that the Pinnacle West units likely were below average in cost.
Hence I conclude that the management and execution of construction also was
prudent.

The PWEC assets also are “used and useful” to meeting the APS load.
Indeed, they have been so since coming on line. Effective July 1 of this year, they
will be dedicated by contract to meeting APS’s summer loads. Based on current
forecasts, APS will be short, notwithstanding these contracts, by the time rates
decided in this proceeding are effective. APS will continue to need capacity
(beyond its owned capacity) in amounts greater than these assets in all years

thereafter.
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My testimony also looks forward at power markets during the period after

the rates set in this proceeding come into effect. While I do not believe that such an
analysis should be central to this proceeding, I recognize that the likely economics
of ratebasing the assets may be of interest. Over most of the future, the Pinnacle
West assets are essentially certain to be cost effective since market prices, will vary
around long run, marginal cost, essentially the cost of a new and similar unit.
Unlike the PWEC units, the units that set long run marginal costs will be built with
future and more inflated dollars that are not depreciated. Hence, there is a
predictable, continuous wedge of benefit from ratebasing the units.- In the nearer
term, rate-basing the L;nits might be more expensive than the market as a result of
the price-depressing effects of the new capacity coming on line in 2002-2003.
However, the “glut “ period likely will be very brief. Western power markets will
cease to be in surplus, most likely beginning sometime between 2005 and 2008.
My best estimate is for 2007. In view of the “boom-bust” nature of power markets
in particular, and commodity markets generally, I do not expect that a new age of
capacity/load balance will be reached without another period of near-shortage and
resulting high prices. Indeed, my testimony will explain the inevitability of such
cyclic price spikes as were seen in 2000-2001 in the operation of competitive power
markets and the necessity of price spikes to the economics of building new
generation plants for the market. My expectation of a near-shortage and price spike
in the latter half of the decade, which occurs essentially at the same time that the

Track B contracts will expire, is amplified by knowledge of the reduced

circumstances of the merchants that built the majority of new capacity over the past
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three years and the continuing regulatory difficulties they are experiencing in being
paid for long term contracts and other sales in Western power markets.

For these reasons, I conclude that ratebasing these assets is likely to be cost-
effective, relative to purchasing from the competitive wholesale market, for APS.
How is your testimony organized?

Section III discusses the regulatory concept of “prudence,” the test that I believe is
central to the ratebasing of these assets. Section IV analyzes the prudence of
decisions to construct the PWEC Arizona assets. Section V summarizes my review
of APS’s system planning in the relevant period, drawing substantiélly on studies
addressed in the prior section. Section VI presents the results of benchmarking the
cost of the PWEC units against the cost of other units built during this period.
Section VII addresses the issue of whether the PWEC assets are used and useful to
APS’s customers. Section VIII discusses lessons learned from the Track B
procurement. Section IX assesses near-term forward markets, and in particularly
the likely timing and magnitude of the next price spike. More generally, it provides
qualitative information that supports a conclusion that ratebasing the PWEC assets
is likely to result in lower and less volatile prices than relying on the market for the

same amount of electricity. Section X briefly summarizes my main conclusions.

I11. The Concept of Prudence

Please define what is meant by prudence in the context of utility regulation.

As a general matter, the use of the term “prudence” refers to costs incurred by

regulated utilities. Most commonly, it is applied to tangible investments made by
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the utility, though it also can be applied to other costs, such as costs for power

contracts. The concept of “prudent investment™ relates to the utilities’ ability, and

right under the form of regulation that has applied to utilities for at least the last 50

years, to include the prudently incurred cost of investments in ratebase and have a
reasonable opportunity to earn a fair return on the investment.

The definition of prudence contained in the regulations of the Arizona
Corporation Commission (A. A. C. R14-2-103) is characteristic of the term as used
in other jurisdictions as well. The definition is:

“Prudently invested” — investments which under ordinary circumstances
would be deemed reasonable and not dishonest or obviously wasteful. All
investments shall be presumed to have been prudently made, and such
presumptions may be set aside only by clear and convincing evidence that
such investments were imprudent, when viewed in the light of all relevant
conditions known or which in the exercise of reasonable judgment should
have been known, at the time such investments were made.”

The key elements of the definition are: (1) the strong presumption of
prudence; (2) the clear deference to management decision making implied by the
notion that imprudent investments are those that are dishonest and obviously
wasteful; and (3) the exclusive focus on what was known or reasonably knowable
at the time that decisions were made -- not at the time of a ratebasing decision or at
any other future date. The limitation of the analysis to focus on what was then
known or knowable means that “20-20 hindsight” is not permitted or appropriate.
Some decisions that were prudent may well turn out to be sub-optimal from a later

perspective.  Others may, with similar hindsight turn out to be particularly

beneficial. I note also that the focus on reasonable judgment means that “prudence”
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does not mean “perfection” but merely that the decision or actions could reasonably

have been made by competent decision-makers.

The relevant time frame for considering prudence, in this instance, is short. -

Significant financial commitments to the units began only in 1999, and by no later
than early 2001, the decisions concerning construction of these units were
irrevocable, in that (1) no other timely resource was available to reliably meet load
on a timely basis and (2) construction expenditure was soO far advanced that
cancellation was not an economic option. During that period, Pinnacle West:

. Could not reasonably have relied on the expectation that enough merchant
capacity would be built on a timely basis to meet APS load beginning in
January, 2003.

. Would not reasonably have anticipated the extent of the collapse of power
prices in the second half of 2001.

. Would not reasonably have anticipated that the ACC would unilaterally
modify the settlement and prevent PWEC’s acquisition of APS’s existing
assets.

. Would have recognized that no merchant capacity was being built to serve

APS’s load, particularly to support reliability in the Valley load pocket.

THE PRUDENCE OF CONSTRUCTING THE RELIABILITY ASSETS

Please summarize your conclusions concerning the prudence of constructing

the Red Hawk, West Phoenix and Saguaro units.
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Essentially, I reach two conclusions. First, the construction of the new units that
APS is seeking to include in ratebase was prudent. That is, the decision process
whereby APS’s affiliates committed to the units was at all times rgasonable, indeed
was quite appropriate even viewed with hindsight. Further, I demonstrate that the
cost of the units was reasonable in comparison to similar units constructed at about
the same time by others. My testimony demonstrates that it was prudent for
Pinnacle West to build the units in anticipation of the fulfillment of the Settlement
Agreement — either as part of a merchant portfolio eligible to compete to supply
APS’s load or as units that would be dedicated to APS under an A.C.C.-approved
contract. 1 also demonstrate that Pinnacle West, acting as APS’s parent, was
prudent in building sufficient resources to enable it to meet the substantial majority
of APS’s load, notwithstanding the provisions of the Electric Competition Rules, in
view of the evolving circumstances that became inconsistent with the market
development expectations. that the Electric Competition Rules and Settlement were
predicated upon. Indeed, in view of what was then known or knowable, it would
have been derelict for Pinnacle West not to have done so.

This leads me to my second point. The decision to build the units was
“APS-centric”. While Pinnacle West was fully aware of the fact that generation
was to be severed from APS, and that the Settlement required that APS purchase its
energy and capacity from the corhpetitive wholesale market, Pinnacle West used its
generation subsidiary to build or otherwise acquire the capacity that would be

needed to meet APS’s load. The location of the Pinnacle West units, the integration

of them with new transmission to reach the rapidly growing Valley load center, the
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acceleration of their commercial operation to match load growth forecasts for APS

and the deliberate decision to not contract the capacity on a long term basis to

California or Nevada all point to the fact that Pinnacle West’s capacity expansion
plans were driven by APS’s needs.

This does not mean that Pinnacle West proceeded without regard for the
provisions of the Electric Competition Rules. Indeed it was because of those rules
that it was compelled to act as it did, i.e., to have necessary assets built outside of
APS. At relevant times, Pinnacle West had valid concerns as the owner of APS
that non-PWEC capacity would not be available on a timely basis, in sufficient
amounts, or at economic prices, to meet APS’s load. Moreover, its studies
demonstrated that the PWEC portfolio, inclusive of transferred and new assets,
would have below market costs and would have been able to compete successfully
for as much of the APS portfolio requirement as it chose to serve in 2002 and
beyond. In fact, I have reviewed planning studies executed in 1999, the year that
West Phoenix and Redhawk were announced and initiated, that assumed, consistent

with the Settlement agreement, that all PWEC generation would be sold at no

higher than market prices, but also demonstrated that this low cost competitive

position would enable PWEC to be the successfully bidder for 100 percent of
APS’s load requirements.

Because I will conclude that Pinnacle West had no prudent alternative to
building the capacity required to meet APS’s load and all of the generation at issue
was built to serve that load, I have looked at the prudence issue in the same way

that T would have assessed prudence if APS still were a fully integrated utility and
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had built the units itself. That is, rather than looking at prudence from the
perspective of PWEC building an integrated portfolio to serve the market, I have
looked at the resource planning decisions from the perspective of whether they
were a prudent basis for planning to meet APS’s load. This is a more stringent test.
How have you examined the issue of whether construction of these assets was
prudent?
I have focused primarily on planning decisions and studies in the late 1990s and the
2000-2001 period. This is the period during which the commitments to build the
PWEC generation were made. It encompasses also the period during which the
decisions theoretically might have been reversed based on what became known or
knowable after construction was initiated. 1 will refer to the prudence of decisions
to build the units as “planning prudence.” As a separate matter, I also consider the
cost of these units in comparison to other similar units in order to determine
whether the units were prudently constructed. I will refer to the reasonableness of
the construction cost of the units as “construction prudence.”

In assessing decisions to build the units, I have reviewed numerous planning
studies. Many if not all of the key studies that I will reference are discussed in Mr.
Bhatti’s testimony. I also have relied on my own quite substantial knowledge of
what was happening in the electrieity industry in the west and in the United States
generally during this period. To some degree, I also have relied on discussions that
I had with Pinnacle West planners and executives during this period.

How will you address the planning prudence issue?
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In considering whether it was prudent for APS to build these units, keeping track of
the chronology of events is critical. In the late 1990s, Pinnacle West found itself in
a unique position as a result of the ACC's Competition Rules and the Settlement.
On the one hand, APS (and hence Pinnacle West) had an obligation to serve the
needs of APS’s full requirements customers reliably and economically. On the
other hand, APS itself was forbidden to acquire new generation.2 Indeed, it was
anticipated that APS would, by the end of 2002, no longer control its then-existing
generation.
Had the situation evolved as anticipated at the time of the Competition
Rules in 1998 and 1999, this mismatch between APS’s responsibilities and its
authority might not have been a problem. Prior to and into that period, APS
aﬁticipated that there would be ample low cost power available in the West that it
could purchase on a short-term basis to meet its requirements through at least 2004.
Moreover, retail access was expected to result in a re(iuction in those requirements,
albeit by an unknown amount. Neither APS’s forecasts, nor any other forecasts of
which I am aware, indicated a need to secure new capacity after 1998 prior to the
end of 2002 when the asset transfer was due to take place.3 Since new long term
capacity commitments were not believed to be needed before 2004 at the earliest,
even as late as the 1999 version of the Competition Rules, this may explain why
there was no provision in either the Electric Competition Rules or the Settlement

dealing with securing new supplies prior to 2003.

2 During most of this period, it was assumed that the fossil generation would be transferred by the end of
2001 and the nuclear generation by the end of 2002.




10

11

12

13

14

15

16

17

Testimony of William H. Hieronymus
Page 17 of 65
More generally, the spirit of the Competition Rules was that the market
would provide. Certainly in 1998, and even in 1999, there appeared to be an
expectation by the ACC that the market would provide capacity sufficient to meet
APS’s needs.
When did the expectation that APS would need no new resources before 2004
begin to erode?
By about 1998 it became clear to APS that its load growth and growth for other
load serving entities in the Desert Southwest, and to a lesser extent growth in the
WECC generally, was very substantially exceeding expectations. This concem
deepened in 1999. As a result, future regional reserve margins that APS had
forecast to be ample until at least 2004 began to shrink rapidly. Moreover,
experience in states that were early adopters of retail access suggested that APS
would retain a need to serve substantially its entire load. Moreover, little new
capacity had been announced for Arizona and most of that appeared to be destined
for California. Despite AB1890, which in 1996 had restructured the California
market, attempts to build new capacity in that market were stalled by siting and

environmental permitting difficulties.”

> For example, the 1999 WSCC 10-Year Plan still showed that the WSCC as a whole would be reserve
adequate even under adverse hydro conditions through 2005 and the Desert Southwest region through 2004.

* The California Energy Commission’s database of new and planned generation in the WECC
(http/www.energy.ca.govielectricity/wsee_proposed genera tion html/download) shows only 59 MW of new

generation (all of it geothermal) built in California in 2000, four years after AB1890. In 2001, about 2,600
MW of new generation came on line in the state, most of it after the crisis had passed and the majority of it
being quickly built peaking units, many of which were commissioned as a result of actions by the state, the
California ISO and California Department of Water Resources in response to the 2000-1 crisis.
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What issues did the acceleration of load growth and the slow development of

new merchant generation pose for APS and for Pinnacle West corporate
management?

The clearest issue that it posed was in the Valley. While the spirit of the
times was that APS would rely on the market (as were the California utilities), the
need in the Valley was quite specific and could not be met by an amorphous
reliance on market forces. Rather, it required that specific, real generating plants be
built in amounts and at a time sufficient to meet the Valley’s requirement.

Under the terms of the Electric Competition Rules, APS was to meet its
needs from the market, including buying from PWEC (as contemplated and
specifically authorized by the settlement), at market prices. However, the market
was providing no new generation in the Valley. Reliability considerations required
that new generation be built within the Valley. Pinnacle West could compel only
one entity to build the generation — the corporate entity that would become PWEC.
Thus, in April 1999 Pinnacle West announced plans to construct West Phoenix 4
and 5. While peaking generation could meet the reliability needs of the Valley
area, analyses showed consistently that combined cycle units would be more cost
effective.

Did the decision to build West Phoenix as a solution to the Valley reliability
problem fully solve the conundrum in which the Electric Competition Rules
placed APS?

No. The West Phoenix units were not sufficient to meet the overall energy and

reliability needs of APS. After observing the growth in peak loads in 1998, it was
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clear that new'capacity would be needed substantially earlier than had been

anticipated. New capacity would have to be secured to serve APS’s load‘ even if the
Va!ley reliability constraint was met by the West Phoenix units.

Merchant plants were not a demonstrated solution. By the end of 1998,
more than two years after AB1890 and Arizona’s first restructuring order, only
three merchant units totaling approximately 1,600 MW had been announced in
Arizona. It should be emphasized that these were announcements only. Experience
shows that less than half of announced merchant projects (more typically, one-
third) actually are constructed in the general timeframe originally contemplated.
Moreover, two of the three projects were sited in northwest Arizona, off of APS’s
transmission system, and clearly intended for the California/southern Nevada
markets.

APS’s own studies indicated that California and southern Nevada would be
higher priced markets than Arizona and therefore more lucrative markets for
merchant generators to build in or sell into. Thus, it was not clear that the market
would provide sufficient capacity to meet APS’s needs in the early part of the new
century. By the spring of 1998, APS’s deficiency was projected to be
approximately 1,200 MW by 2002 and the decision to build West Phoenix would
cover only half of this.> The 1998 system plan (which did not yet include West
Phoenix) still reflected a reliance on future market purchases to meet that need.

However, confidence that the market would continue to have a surplus sufficient to

5 The 1995 IRP showed a deficit of 200 MW in the year 2002. The 1997 Loads and Resources Forecast
increased the 2002 load forecast by approximately 530 MW, implying a further generation need of
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economically and reliably meet that need was eroding. The 1998 summer peak
turned out to be 400 MW above the then-current forecast; SRP had similar load
growth. This implied a further shortfall in the early-2000s, not merely for APS but
for the whole region. Partly for that reason, and partly to support its role under the
Settlement as an unregulated generator, Pinnacle West performed numerous
planning studies in 1998-1999 to consider options for meeting APS’s load and
creating a balanced portfolio for PWEC £
Do Pinnacle West’s planning studies at that time indicate an unwillingness to
rely on the market for new capacity?
No. AsI stated, APS, as of early 1998, had determined that it remained prudent to
rely on the existing surplus of generation in the WECC to meet up to 1,000 MW of
APS’s load requirements through 2004. For new generation. the assumption quite
properly was that the cost of power production for PWEC and the cost of new
wholesale contracts for APS would be essentially the same, whether PWEC or
some other vendor was the source. However, new generation, whether purchased
via contract or produced by PWEC, was not the preferred option. Pinnacle West’s
preference was to buy available shares of existing Arizona baseload units rather
than to build new capacity itself. Its belief and expectation was that shares of these
units could be purchased at more economical prices than generation from new
units. Further, in view of the fact that all new generation for the foreseeable future

was expected to be gas, buying shares of existing coal and nuclear units was a

approximately 600 MW. The load forecast for 2002 increased by a further 400 MW in the Spring of 1998.

Note also that then-current plans were that West Phoenix 5 would be fifty percent owned by Calpine.
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limited and disappearing chance to increase the non-gas share of generation
supporting APS’s load. Owning coal and nuclear units would become increasingly
economic if Pinnacle West’s expectation of higher gas prices was borne out.
Did Pinnacle West actively pursue buying additional shares of existing
generation?
Yes. APS had negotiated an agreement to buy generation from TEP that was part
of the failed three-way settlement in 1998. In any event, the TEP purchase would
have carried with it a contractual requirement to serve TEP’s load, so this would
have done nothing to cure APS’s shortfall in the near term. Planning documents
indicate that APS considered buying LADWP’s share of Palo Verde, but fhose
discussions went nowhere. Promising discussions were entered into with El’ Paso
Electric (El Paso) and Southern California Edison (SCE) concerning acquisition of
their shares of Palo Verde and Four Comers. It was believed that these plants
would allow Arizona load to be met though the early years of the new century.
Did Pinnacle West’s planning presume that all potential purchases of shares in
existing jointly owned units could be used to meet APS’s load?
No. Planning studies indicate that any purchase from El Paso Electric would entail
a power buyback through at least 2004. Moreover, transmission limitations from
Four Corners meant that not all of SCE’s share of that unit could serve APS’s load,

even if SCE’s transmission rights were purchased. Hence, at most 1,000 MW of

6 Until at least late 1999, these studies were performed by APS, since the Pinnacle West resource planning
function at this time still was wholly within APS.
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the purchases could be used to serve APS’s load prior to expiration of any buy back
contract with El Paso.

Further, there never was any firm assurance that either of the purchases
would be executed, as indeed, they were not. The El Paso negotiations, 1n
particular, never even reached a Memorandum of Agreement stage. Moreover,
neither of the purchases would serve APS’s need for in-Valley generation.
Redhawk and the purchases were simply elements of a portfolio of options that
Pinnacle West was pursuing to serve APS’s load and provide a basis for off-system
energy sales by PWEC.

When did building the Redhawk units enter into Pinnacle West’s planning?

Studies conducted in 1998 indicated that it would be feasible to site up to 2,000
MW of gas-fired plant at or near Palo Verde. By early 1999 longer range
generation plans focused on building combined cycle plants at Palo Verde, totaling
up to 2,000 MW. Notably, building new capacity at Palo Verde was planned to’
coincide with APS building additional transmission capacity into the Valley.
Hence, by design, all of this generation was capable of being used to serve APS
load. Similarly, in pursuing negotiations with SCE over its Four Corners share,
Pinnacle West also sought to acquire SCE’s transmission rights that would enable
the acquired generation to be accessed by APS’s load. Hence, both the construction
and purchase options were designed to enable the company to support APS’s

requirements.
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Is there any particular point in time that you can identify when a critical
decision was made concerning Redhawk versus the attempt to purchase shares
of existing assets?
Yes. Expenditure on Redhawk began in the spring of 1999, albeit at a low level.
By autumn, Pinnacle West faced a decision concerning executing the engineering
and construction contract. Once that agreement was executed, the cost of
withdrawing from, or substantially delaying Redhawk would increase rapidly.

In parallel, Pinnacle West was negotiating with SCE and El Paso. While
the SCE Memorandum of Understanding was not executed until April 2000, and no
agreement ever was reached with El Paso, by that same time Pinnacle West had a
reasonably firm idea of what would be the agreed purchase prices.

Pinnacle West studies showed clearly that, at the expected prices, the SCE
and El Paso option was economically superior to the market — i.e. to the cost of new
combined cycle capacity, whether built by it or someone else. Hence in the fall of
1999 it faced a dilemma. On the one hand, it needed to “fish or cut bait” on
proceeding with immediate construction of Redhawk. This decision needed to be
made while it still was uncertain whether the SCE and El Paso negotiations would
ultimately prove successful. If the decision to go ahead with Redhawk was made,
and the negotiations with both parties proved successful, the corporation would be
substantially long in the market. Conversely, if Redhawk did not go ahead, and the
negotiations failed, APS load would be dangerously unhedged and potentially
unmet. This set of risks led to a major study dated September 11, 1999.

Please describe the September 11, 1999 study.
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There are several notable things about this study. First, it indicates that if all of
these plans came to fruition, Pinnacle West would be long in power markets.
Second, the study assumed that PWEC would serve 100 percent of APS load in that
sales equal to APS’s load were assumed dedicated to APS throughout the study
period. Third, the base case for the study assumed, consistent with the facts as then
known, that relatively modest amounts of new generation would be built by
merchants in the relevant period. Both the Desert Southwest and California
remained short, California alarmingly so. Fourth, the study did an excellent job of
investigating the sensitivity of results to key drivers of the market. These included
gas prices, water levels for hydro generation, the amount of new builds, and the
possibility that major existing units for which closure was being discussed
(principally, the West Coast nuclear units and Mojave) would in fact be closed.
Based on study results, the acquisition of the shares of Palo Verde and Four
Corners was both the lowest cost action and provided the best hedge against rising
gas prices. Indeed, it was shown to be more cost-effective than Pinnacle West’s
then-existing APS generation, primarily because it was believed that SCE’s Palo
Verde share could be acquired at substantially below book value. The PWEC new
builds had forecasts costs essentially identical to the generation inherited from APS.
In short, the study showed that both main elements of the possible
expansion of generation were cost-effective against market alternatives and that the
fuel mix provided a useful hedge against known gas price uncertainty and potential
uncertainty concerning the future operating performance of nuclear and baseload

coal units.
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Q. You stated that the Pinnacle West study assumed that PWEC would supply

100 percent of APS’s needs. Wasn’t that inconsistent with the Electric
Competition Rules?

No. The Competition Rules required that APS procure 100 percent of its
requirements from the market and the Settlement Agreement (which already had
been signed) specifically allowed sales to APS from an affiliate as “in the public
interest.”” It did not limit the amount that affiliated companies could sell to it at
prices no higher than the market price. At the time of the study, Pinnacle West
believed that the “all-in” cost of its fleet of generation taken as a whole (including
both purchases and new builds as well as the generation transferred from APS)
would be below the market price. It also believed that little if any generation local
to Arizona would be available to compete to serve APS’s load, at least in the near
term. Finally, Pinnacle West management remained committed to meeting APS’s
needs with resources that it controlled. The analysis I have been discussing
explicitly compared the cost of the PWEC fleet and its main components to the cost
of generation from a generic new combined cycle unit and concluded that the
PWEC fleet as a whole would have a significant cost advantage. Also, Pinnacle
West’s studies showed that California would need to import more generation than it
believed would be built in the Desert Southwest or, equivalently would demand a
price higher than the price PWEC would need to receive in order to earn a capital

market-required rate of return on sales to APS. Hence, Pinnacle West’s belief that
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PWEC could profitably outbid such other suppliers as choose to compete to serve
the load was eminently reasonable and consistent with the Competition Rules.’

I should note that, in one sense, it did not matter that Pinnacle West
assumed that PWEC would serve APS’s load. From an enterprise risk management
perspective, the key fact was that APS would in 2003 be more than 6,000 MW
short against the market since it no longer would own any resources. Thus, APS
was fully exposed, on both a price and reliability basis, to the market. While APS
needed to be hedged, its short position was essentially offset by PWEC’s long
position. Viewed solely from the perspective of corporate-level economics, the
same potentially short market that would injure APS and its ratepayers would
benefit PWEC in essentially a like manner. The fact that Pinnacle West planned
and executed an expansion strategy geared to meeting APS’s needs demonstrates
that its focus was on APS, not merely on the overall corporate bottom line.

Q. So is it your testimony that Pinnacle West was comfortable being long against
the market by the approximately 2,000 MW that were shown in the study?

A. No. First, I should note that Pinnacle West did not expect to have use of the output
from the El Paso units for some time, as there were commercial and regulatory
imperatives facing El Paso that meant that the power likely would not be available
to Pinnacle West until 2005. Also, in parallel to the analyses of potential expansion

of owned generation, Pinnacle West also was looking at partnering arrangements.

7 ] use the term “profitable” here as it is used by economists, not in its accounting sense. Economic
profitability is profits in excess of full costs, including a return on the equity portion of capital, whereas an
asset is profitable in the accounting sense if it makes any equity profit at all. Note too that while sales at
below-market prices could be profitable in this sense, they still were not profit-maximizing since selling at
market prices would be still more profitable.
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My recollection is that there were three reasons for such negotiations. First,
it intended to use the joint ventures to enhance its skills in carrying out the planned
expansion. Pinnacle West sought a joint venture relationship with Calpine because
Calpine was a large scale and highly reputable power project developer. It sought a
relationship with Reliant because Reliant was a highly experienced marketer of
both electricity and gas. Pinnacle West thus sought to partner with entities that
brought skills to the bargain that complemented and supplement Pinnacle West’s
abilities.

Second. Pinnacle West sought to reduce its long position, notwithstanding
that it appeared from its studies that a long position would be profitable. The
Calpine and Reliant ventures involved partnering arrangements that, effectively,
divested half of Redhawk 1 and 2 and half of West Phoenix 5, a total of nearly 800
MW.2  This substantially reduced the potential long position, particularly for the
first several years. 1 should note that part of the Reliant deal was a swap. However,
the swap waé less than megawatt-for-megawatt and diversified market exposure
within the WSCC.”

Third, there was no assurance that both or either of the SCE and El Paso
negotiations would succeed. The failure of either would substantially eliminate the
long position. Pinnacle West’s “supply plan” as of the fall of 1999 can best be

thought of as a group of options that were being pursued to ensure that APS needs

8 Note that the fact of the joint ventures did not limit the output from the Redhawk and West Phoenix units
that could be made available to APS. However, Calpine and Reliant were under no obligation to offer their
output to APS.
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still could be met even if some of them failed to be feasible or if circumstances

differed materially from plan. Redhawk was the “fly wheel;” timing of it was being

managed to compensate for, and balance, changes in the more favored program of
purchasing shares of existing generation.10

Q. Please continue through your time sequence. What happened subsequent to
September 1999?

A. In the fall of 1999, Pinnacle West signed the EPC agreement for Redhawk and
announced it to the public. I hesitate to say that this was now a “committed”
investment since for an increasingly steep price it could be unwound. For example,
by the end of 1999, cancellation costs had risen to approximately $200 million.

An agreement in principle to buy SCE’s share of Four Corners and Palo
Verde was entered into in April of 2000. By this time, the negotiations to purchase
El Paso generation had failed to produce a positive result. Under the SCE
agreement, SCE had an opportunity to “shop” the bid to other buyer, so the
purchase remained uncertain.

As the California crisis began in early May 2000 and continued through the
summer (and beyond), Pinnacle West came to regard the SCE purchase as
increasingly unlikely. First, as forward prices rose, the likelihood that an

alternative buyer would emerge who would outbid the MOU price by an amount

® By the time that the joint venture arrangements were terminated in early 2001, APS needed the capacity
that was released. Moreover, eliminating the swap deal with Reliant better focused the geographic position of
the PWEC assets on APS.

1 For example, a planning study early in 1999 provided for building one Redhawk unit per year starting in
2002 if the purchase of SCE’s shares did not occur, but delaying the schedule by two years if it did. A one-
year delay also was modeled. At the time of announcement in fall, 1999, the schedule was to build the first
unit in 2003 and the second in 2004.
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that Pinnacle West would not match increased substantially. Pinnacle West's
attitude toward acquisitions that were not clearly tied to APS’s load was cautious as
a general matter, as demonstrated by its hesitant posture toward purchasing the
California fossil assets divested by that state’s [OUs, and it was unlikely that they
would outbid the most optimistic alternative bidder in a suddenly bullish market for
the SCE assets. Second, as the California utilities, including SCE, piled up billions
of dollars in unrecovered power costs as a result of being under-hedged, it became
increasingly likely either that SCE itself would end the sale or that the Califorma
government and regulators would not permit still further divestituré that wquld
remove the (inadequate) hedge against the short term market that SCE still retained.
Hence, the SCE deal at the desirable negotiated ‘price became increasingly
speculative.

Ultimately, the SCE’s Four Comers share was bid away from Pinnacle
West.!! The agreement to buy the share of Palo Verde survived on paper until the
beginning of 2001, when the California legislature forbade California utilities from
selling any of their generation.

Moving beyond the events of September 1999, please take up again your
chronology of what was happening with the Pinnacle W»est companies.
During 1999, the negotiation and ultimate acceptance of the Settlement meant that,

by the end of 2002, APS’s existing generating assets would be consolidated into

1 \While SCE did not formally inform Pinnacle West that its bid had been topped (by a quite substantial
margin) until nearly the end of 2000, it earlier had signaled that superior offers were being negotiated. Well
before the end of 2000, Pinnacle West had resigned itself to the likelihood of such an event. In any event, the
matter was moot since it was by then highly likely that California would not permit the asset sale to take
place, as was soon thereafter confirmed by legislative action.
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PWEC. Studies were performed to determine whether the combined assets,

including both the assets to be purchased from SCE and new gas-fired generation at

West Phoenix and Palo Verde, would be competitive at market prices. It was

determined that they would be. In part this was due to the lower costs of the
existing assets and the SCE assets relative to new combined cycle units.

In the fall of 1999, Pinnacle West announced the Redhawk project with
units 1 and 2 planned to come into service in 2003 and 2004. The last four months
of 1999 saw several other new plant announcements by other generators. Again,
there was no assurance that all, or indeed any, of these units would be built (indeed,
it was quite unlikely, based on historic experience) or even if built would be made
available to meet APS’s load. None of the merchant units began construction until
the late winter of 2000—2001, well into the Western electricity crisis. Significantly,
none of the new merchant units (i.e., other than SRP units) were sited to meet
Valley reliability requirements.

The sudden rush of plant announcements in late 1999, before the run-up of
prices in Spring, 2000 demonstrates that Pinnacle West was not alone in forecasting
that power supplies in the WECC would soon become very tight. No similar spate
of announcements was seen in California, the most power deficient region,
however. A major contributing factor to the geographic distribution of new
announcements doubtless was the continuing inability to site plant in California. In
contrast, Arizona presented a relatively efficient and feasible permitting process.

With substantial transmission available between Arizona and Califormia, these
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plants (most of which were clustered around the strong Palo Verde hub) would
have opportunities to trade into, and transmit power to, California.
What happened in 2000?
Moving into 2000, none of the new facilities announced in 1999, except for West
Phoenix 4 and Redhawk, actually began construction until 2001. With relatively
little invested in these new facilities, a shakeout reasonably could be anticipated.
Pinnacle West perhaps could have cancelled Redhawk during a narrow
window after the first of these new projects were announced and before it signed
the Redhawk EPC contract if it believed that APS could secure power from one or
more of the merchant generators on at least as favorable of terms and with the same
degree of assurance that the power would be available on a timely basis. But other
than the three units that had been announced in 1998, none of the Arizona merchant
plants actually began construction before the spring of 2001. Moreover, there was
no reason to assume that the cost of a contract for the output of a new combined
cycle unit owned by some other generator would be lower than the cost of a
contract with PWEC for power from Redhawk; a merchant unit would not be bult
to serve a long-term contract at less than full cost. Moreover, under the Settlement,
there was no provision for APS to enter into such a contract and, even were it to
enter into it, there was no assurance that it could retain the contract rather than
divest it to PWEC by the end of 2002, since the Electric Competition Rules had
defined “generation” to include such contracts.

Did the Western U. S. energy crisis affect Pinnacle West’s options?
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Yes. Beginning in May of 2000 prices exploded in the WECC and remained quite
elevated into the summer of 2001. Forward prices also were elevated, reflecting
both views of gas prices and an acknowledgement that power could well be in short
supply, leading to shortage pricing, for a prolonged period. During this period,
long-term contract prices moved to at least the full cost of new generating plant.
An example is the contracts entered into by the Califormia Department of Water
Resources (CDWR) in the winter of 2000-1. As has been widely reported, the
average cost of these contracts, totaling in excess of 10,000 MW, was $69/MWh.
By no later than the second half of 2000, APS could not have signed a long term
contract for power for a cost as low as the construction cost of its new units, even
setting aside the fact that the units were partly built and much of their cost was
“sunk.”

In mid-2000, Redhawk 1 and 2 construction was accelerated to come on
line by summer of 2002. This provided a reliability and energy cost backstop in
case the SCE purchases could not be made. This became increasingly likely as the
crisis continued and the cost to California of its load being substantially unhedged
mounted. In addition, steps were initiated to bring back capacity APS’s mothballed
capacity, and for PWEC to install temporary capacity, to meet APS’s load in 2001.
West Phoenix 4 also was a critical element of the plan to meet 2001 load.

You mentioned the CDWR long-term contracts. Why didn’t Pinnacle West
sell long-term contract power to CDWR?
By January and February of 2001, when the contracts were solicited, Pinnacle West

was no longer long. The planned purchase of SCE capacity had gone away and the
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company no longer had enough planned resources to meet APS’s load. The effect

of the loss of the SCE purchase on its supply-demand balance was, in part,

compensated by the termination of partnering arrangements with Reliant and

Calpine. Nonetheless, Pinnacle West’s total existing and planned resources were
less than APS’s requirements in each year from 2001 and thereafter.

Of course, had PWEC been a stand-alone unregulated market generator, it
likely would have viewed the situation quite differently. PWEC had generation
coming on line beginning in the summer of 2001 and would be hugely long when it
would acquire the APS generation in late 2002. It was far better positioned than
many sellers who sold to CDWR to back up a contract with real assets over most of
the contract period. Notably, however, Pinnacle West’s corporate management
chose to override PWEC’s commercial interest and declined to offer a long-term
contract to CDWR. It was cleﬁr that APS would need capacity from market sellers
in amounts that would increase megawatt-for-megawatt by the amount that PWEC
would sell. Either APS or some affiliate would need to buy replacement power
from a market that (based on forward price offers) would be far more expensive
that ?innacle West’s existing or new resources.

How did Pinnacle West factor the new Arizona merchant generation into its
plans?

As new units were announced in late 1999 and in 2000, most of them combined
cycle units, it became increasingly likely that the Western U.S. would have a
surplus of energy (MWH) even if summer capacity margins (MW) remained

relatively tight. Pinnacle West’s planners began looking at changes in its resource
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plan that would make it less energy long and/or better able to take advantage of
anticipated lower cost off-peak markets. In particular they began to reassess the
schedule for Redhawk 3 and 4. This reflected Pinnacle West’s increased
willingness to be slightly short against the market in those years for which
modification of its resource balance still was an option. The 2001 system plan
showed that corporate resources would be short relative to APS’s requirements by
about 350 MW in 2003-5. This reflected an anticipation, also shown in its market
price forecasts, that the market would cool in the face of new construction and
resurgent reserves.

These market expectations could not, however, materially mmpact West
Phoenix and Redhawk 1 and 2. West Phoenix remained necessary to meet load in
the Valley. The first two Redhawk units were heavily committed; too much of their
costs were sunk for cancellation to be cost-effective even if prices turned out to be
well below forecasts made in 2000-2001. Thus, by the time prices softened in 2001
and it became more likely that at least some of the Arizona merchant plants would
be built and not fully committed to California and thus would be available to serve
Arizona loads, canceling either West Phoenix or Redhawk 1 or 2 was not an option.
Indeed, as early as November 2000, when construction started, over $500 million
had been contractually committed to Redhawk construction.

You several times have mentioned Pinnacle West’s continued reliance on the

terms of the Settlement during this period. Should Pinnacle West and APS

management have anticipated that the Settlement would be modified?
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No. The ACC had given no indication that it would seek to unilaterally modify the

terms of the Settlement. Nor did Pinnacle West and APS take any action likely to

cause the ACC to do so. As I have discussed, management throughout this period

was concerned with protecting APS and its customers, even at the expense of
PWEC profits.

Nevertheless, in the spring of 2001, management began- to consider the
effect of APS buying 100 percent of its requirements from the market. This was
motivated both by its concern for APS’s customers and a concern for APS’s
financial integrity. APS, like SCE and PG&E who were fully or nearly bankrupted
by having to buy the majority of their power from the market, was subject to a rate
freeze. If APS were required to buy all of its needs from the market, then it would
be trapped between high market prices and a fixed (indeed, declining) retail tariff,
precisely as had occurred in California in 2000.

In part also, the analysis was driven by uncertainty about how regulation in
Arizona might change. Califomia had, by then, cancelled the planned sales of
generation by both SCE and PG&E and, generally, was seeking to role back both
retail access and dependence on competitive markets. Nevada also had put the
brakes on its restructuring plans, including the sale of Nevada Power’s owned
generation. Several other states, primarily in the West and nearby areas in the
southern mid-west, also had frozen or abandoned restructuring. While APS and its
customers were largely unaffected by the western power crisis, unlike California
and Nevada, and the ACC had shown a much stronger commitment to restructuring

than some other states that halted steps to restructure, it was viewed as quite
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possible that the ACC would seek or even require arrangements that would assure
that APS would be protected from what was then an out-of-control market.

As a consequence of these concerns, Pinnacle West analyzed three cases
that included the required transfer of APS’s generating assets to PWEC with APS
relying fully on the competitive market and two versions of re-integration of APS
with the Pinnacle West generating assets. One such case provided that the assets
being constructed by PWEC would be transferred to APS on a book cost basis. The
other assumed that the APS assets would be transferred to PWEC as agreed, but a
long-term contract, essentially at cost of service, would be signed between APS and
PWEC.'? Either of these re-integration scenarios assumed that the requirement that
APS buy from the market as envisioned by the Electric Competition Rules would
be waived or terminated.

Using its April 2001 price forecasts, it was found that the cost of meeting
APS’s load would be higher under the full market reliance scenario called for in the
Electric Competition Rules than under the options that retained the APS and PWEC
assets for system use, either via contract or re-regulation.  In particular, the
expected cost of meeting APS’s load in 2002 and 2003 under the terms of the
Settlement was considered likely to cause severe financial difficulty to APS as a
result of the rate freeze. From a Pinnacle West-wide enterprise perspective this was
not a first order, direct bottom-line profit issue, since losses at APS occasioned by

having to buy at market prices would be counterbalanced by high profits at PWEC

12 A fourth case in which only the existing APS assets were retained was originally specified but determined
to be so impractical and unlikely that the analysis of it was never completed.
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if it also transacted at market prices. However, true exposure of APS to the

expected market would have impacted its financial integrity, adversely affected its

bond ratings and likely would have led to a request for emergency rate relief, as
was permitted under the Settlement.

As the market cooled in late spring, near-term price forecasts declined
sharply. However, the long-term forecast worsened. From an APS customer
perspective, the situation actually worsened since lower prices during the rate freeze
were counter-balanced by higher prices post-freeze. Reanalysis of the three cases
with these later (June 2001) forecasts reaffirmed that the status quo full market
reliance scenario still was higher cost to APS and its customers than either of the
reintegration scenarios.

Based on these results and other considerations, Pinnacle West determined
that its preferred course of action would be to propose to reintegrate via a long-term
contract with PWEC. While the decision that reintegration would be its preferred
option was made in the late Spring of 2001, it took considerable time for APS and
PWEC to agree on the specific terms of the contract, which delayed filing of the
proposed PPA and request for a variance from the competition rules with the ACC
until later in the year.

What is significant about Pinnacle West’s choice to reintegrate by contract
in the Spring of 2001 is that, based on then-expected prices, this was not the most
profitable course of action for Pinnacle West. The PPA would yield significantly
lower revenues to PWEC than would expected market prices. Consumers would

have been shiclded from these market prices (and APS correspondingly exposed),
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but only until the rate freeze ended, which was well before the earliest termination
date for the PPA. Thereafter, it was expected, based on then-forward price
forecasts, that customers would pay higher prices absent the PPA. Hence from an
overall corporate profitability perspective, the contract was a non-event until the
rate freeze expired in 2004, but subsequently less profitable to the corporation than
the “status quo” — the arrangements under the Settlement -- thereafter.
What do you conclude from this review of resource studies and business
decisions over the period through 2001?
First, from a Pinnacle West corporate point of view, the decision to build the West
Phoenix and Redhawk units was prudent in terms of its responsibility for meeting
APS’s customers’ needs. The same decision would have been prudent if a) APS
had remained integrated; b) PWEC were a stand-alone merchant generator owning
these assets along with the existing APS assets, or ¢) Pinnacle West, as the parent of
both companies, was the guarantor that APS load would be met reliably and
economically, as was the case in any event. Based both on my current review of
the Pinnacle West planning studies and decisions, and my reviews of studies and
discussion at the time, Pinnacle West’s corporate strategy was dominated by its
concern with protecting APS’s customers and APS’s financial integrity. As the
PPA offer in 2001 would demonstrate, Pinnacle West was prepared to sacrifice
significant enterprise profits in order to protect the customers that APS had served

for nearly a century, as well as the utility itself.
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REVIEW OF APS SYSTEM PLANNING IN 1998-2001

What do you conclude as a resuit of your review of Pinnacle West’s planning
activities?

The resource planning analysis and related management decisions were of high
quality. The resource planners engaged in numerous and frequent studies of
southwestern and western power markets. They performed numerous scenario
analyses and sensitivity studies. Planners used state of the art models. They also
closely monitored new construction, both in Arizona and throughout the west.

As I stated in my summary, I have reviewed numerous planning studies in
preparation for this téstimony and, in many cases, contemporaneously. The quality,
frequency and diversity of these studies are state of the art. The company’s
planning personnel are highly experienced, skilled and knowledgeable Databases
were carefully prepared and models of the highest quality were employed. The
corporate culture allowed planners to reach technical and economic judgments
based on their analyses and expertise, rather than to ratify pre-determined corporate
policies and strategies. I know from my own experience that at key points outside
independent experts were brought in to review the analyses and resultant
recommendations.

As I have just discussed, Pinnacle West’s planning and decision making
was “APS-centric.” However, it also recognized that Pinnacle West — both its
generation arm and APS — would be participating in the western power market and
its planning and decision-making was informed by monitoring and analyzing the

entire western market, in terms of supply and demand balances and prices.
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Pinnacle West showed no bias toward construction. If anything, its
preference was to rely as much as is prudent on competitive markets, taking
advantage of anticipated low prices, and to buy existing resources rather than build
new ones. Its recognition that partners brought coﬁplementny abilities and 1ts
desire to spread plant-specific risks was illﬁstrated by efforts to engage in joint
ventures with experienced developers and marketers.

A hallmark of Pinnacle West’s resource planning decisions was their
flexibility. Initially, the company focused primarily on supplemental economy
market purchases. As load grew, it responded by, first, building new facilities to
meet the needs of the Valley load pocket and by seeking to buy existing facilities
while backstopping the risk that purchases would not materialize with a flexibly
scheduled Redhawk. As it became clear that the short-term market was a
dangerous place to be, and that the shares of existing resources would not be
available, Pinnacle West moved up the schedule for Redhawk.

During the western energy crisis, Pinnacle West’s planning deserves
particularly high marks. During my long association with the planning group, they
always have been focused on market fundamentals. This fundamental view led -
them to forecast that the worst of the immediate crisis would be of relatively short
duration. Unlike other load serving entities in the West, Pinnacle West did not
engage in panic buying of long-term power during the heart of the crisis. Of
course, Pinnacle West could afford to be more sanguine than others, since the

retention of existing generation and the ownership of the new PWEC assets meant
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that, at least on an energy basis, the company was unlikely to be a net buyer in the

market.

CONSTRUCTION PRUDENCE

Turning to the prudence of the construction of the PWEC Arizona generation,
as distinct from the decision to build the units, how is construction prudence
addressed?

In some cases, this is done by a detailed audit of construction management and the
costs of construction. A simpler method is to first benchmark the cost of
construction. If the construction cost of a unit is within the general range of the
cost of other such plants, the presumption of prudence is upheld and there is no
need for the type of detailed and expensive audit that was performed for the Palo
Verde nuclear plant.

Have you undertaken such a benchmarking study?

Yes, within the limits of what is achievable. Unlike previous periods in which the
cost of new units was apparent from FERC Form 1 data, cost data are not now
uniformly available.

What data have you used for benchmarking?

I have utilized two data seté. The first is the RDI NewGen database. Specifically, 1
culled data on all combined cycle units coming on line in 2001 through early 2003.
The second source is the California Energy Commission’s database on new
generation in the WECC. From this database, I extracted data on all completed

combined cycle units that either have come on line or are under construction with a
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near term planned completion without a major deferral in on-line date (i.e. without
a construction stoppage).
Are these databases comprehensive?
No. Each database contains many units for which no construction cost estimate 1S
present. Somewhat surprisingly, there is very little overlap in the two databases.
That is, most of the units for which cost data are contained in the CEC database
have no cost data in the RDI database, and conversely. There is no reason to
believe that the incompleteness of data biases the sample for which cost estimates
are available.
How confident are you of the cost data contained in these two sources?
The cost data likely are broadly representative, but are known to be biased
downward.
How do you know that the cost estimates are biased downward?
I know because for some of the units 1 have confidential cost information from
other sources that shows significantly higher costs than are reported in these
databases. Also, I know how these data are collected, and why it is that these
sources will cause the data to be biased.
Please explain the source of the bias.
The cost information comes from public announcements by the owners. However,
costs as announced often exclude certain cost elements and often are early, design
cost estimates that exclude cost growth as the project contracts are let and design is
completed. Moreover, some projects overrun because they encounter constructfon

problems or equipment failures. The types of cost that may be excluded include
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interest during construction and other owner’s costs, transmission-related costs and
spare parts. The growth of cost from initial design estimates is exemplified by
Pinnacle West’s units. For example, as discussed by Mr. Bhatti, West Phoenix 4
was initially forecast to cost $60 million and ultimately cost $78 million Redhawk
was initially forecast to cost $250 million per unit and ultimately cost $286 million
per unit. West Phoenix 5 initially was forecast as $251 million and is now forecast
to cost $289 million.
How do you know that the databases include these types of original cost
estimates as opposed to final costs?
Both the RDI database and the CEC database include West Phoenix 4 and each
shows a cost of $60 million. The CEC database includes Redhawk 1 and 2 at a cost
of $250 million per unit, and ’West Phoenix 5 at $255 million. Also, I have an older
version of the CEC database dating back to 2001. I checked it and found that the
same cost data are contained in it as are contained in the current CEC database.
Thus, while entries in the database indicate that data have been updated in the
interim, apparently, the update does not include updated costs.
In view of these biases, why have you used these data for benchmarking the
Pinnacle West units?
Flawed though they are, they are the only data on which I am aware. If the
Pinnacle West plant costs are within the general range of these downward biased
data, then the costs of the plants clearly was reasonable.

What does the RDI database show to be the cost of new combined cycle units?
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The simple average cost is $535/kW with a range of $413/kW to $1375/kW. 1am
inclined to distrust both of the extremes. Figure WHH-1 shows the data
graphically, with the Pinnacle West units included. The Pinnacle West units are
well within the pack, notwithstanding the data biases I have described. I should

also note that units coming on line earlier tend to have lower costs and that smaller

units tend to be more expensive on a per-kW basis.
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1 Figure 1

Construction Cost of New Combined Cycle Projects (2001 - Present)
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3 Q. What do the CEC data show?

4 A The CEC data average $578/kW with a range of $383/kW to $954/kW. Again, |

5 distrust the extremes, but the average again indicates that the cost of the APS units
6 (approximately $550 per kW) was reasonable. Note also that if, as I have indicated,
7 the data in these databases consists primarily of initial estimates, the comparison
8 properly is to the initial estimates for the Pinnacle West combined cycle units.
9 These total to $474/kW for the four units.

10 Q. Do the CEC data give any guidance on the cost of the Saguaro peaking unit?
11 A The database includes cost data for a few units. They range from $417kW to

12 $1000/kW. At $500/kW, the Saguaro unit is toward the bottom of the range. The
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final cost of the Saguaro unit was slightly under the design budget and hence is
lower still.
What do you conclude from this benchmarking?
The cost of the Pinnacle West units clearly is within a reasonable range as
demonstrated by this comparison. If one takes into account the biases in the
databases, Pinnacle West’s combined cycle units were built at a cost below the
average for comparable units. Its simple cycle Saguaro units also benchmarks
favorably. Hence, I conclude that these units were built at reasonable costs, from

which I infer that their construction was prudently managed and executed.

THE PWEC ASSETS ARE USED AND USEFUL

Please define the term “used and useful” as it normally is used in electricity
regulation.

In its origins, the term is equivalent to “used in utility service”. The concept was
that investments and expenses that were not related to serving customers should not
be recovered in rates. For example, Pinnacle West’s investment in Suncor, a real
estate venture, is not recoverable in rates.

How is the “used and useful” test typically conducted for electric utility
generation?

The used and useful test has been applied to generating plants primarily in the rate
cases in which the utility was seeking to ratebase a new unit. Almost invariably, the

used and useful test was conducted by comparing the total megawatts of the

utility’s capacity with its load requirement. In some cases, a unit was used and
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useful if any part of it was needed to meet the strict standard of load plus reserves.
In other cases, plant was subject to exclusion on a megawatt-by-megawatt basis if
not needed. In still other cases, costs were disallowed only if no part of the plant
would be needed. within some reasonable period of time. In some cases, any
disallowance was not specific to the new unit.
How does the used and useful standard differ from the prudence standard?
As described previously, the prudence standard looks at whether decisions were
reasonable at the time that they were made, considering what was known or
reasonable knowable at the time. This is a “no hindsight” test that does not depend
on ultimate outcomes. Conversely, used and useful looks at an ultimate outcvome,
whether in fact the unit was needed to meet load, given what load turned out to be
when the owner sought to put it into ratebase. Because load growth is inherently
uncertain, this test is less “fair” than the prudence test, unless it is applied
reasonably — i.e. to allow a reasonable margin for forecast uncertainty and the
lumpiness of economic plant additions.
Is there a potential inconsistency between the prudence standard and used and
useful and, if so, how should that inconsistency be resolved?
Yes, there is a potential inconsistency. The prudence standard is inherently forward
looking from the perspective of what was known or knowable when decisions were
made. In most instances, prudence would subsume the issue of whether the plant
reasonably was believed to be used and useful, once completed, at that time. The

used and useful test, as generally practiced, compares resources to needs as

anticipated at the time of the ratecase, i.e., with the benefit of hindsight concerning




10

11

12

13

14

15

16

17

18

19

20

21

22

Testimony of William H. Hieronymus

Page 48 of 65

actual rather than unanticipated load growth. In extreme cases, even a “fair” used

and useful test could be failed, in whole or in part, with respect to a prudently
planned and constructed plant.

For this reason, the proper course is to give primacy to the prudence
standard. Fortunately, in this case the issue of which standard should dominate
need not be faced since the investment is both prudent and used and useful.

Are the PWEC assets that APS is seeking to ratebase used and useful?

Yes. West Phoenix 4 has been used and useful beginning in the summer of 2001.
Saguaro and Redhawk have been used and useful since the summer of 2002. West
Phoenix 5 will be used and useful when it comes into service this summer. When I
state that they are used and useful, I mean that they are needed to meet reliability
and that they also are used to meet native load.

While it is the case that these assets already are used and useful, the actual
application of the test, in Arizona and elsewhere, is related to the period beginning
when rates go into effect. When the rates set in this case go mto effect, most likely
no earlier than sometime in the latter half of 2004, APS’s load during the peak
season will be met in substantial part by these assets that are under contract to serve
that load. Notwithstanding this contract, and other contracts signed during Track B,
APS is projected to be short of capacity by 2004 and increasingly short in every
year thereafter. Moreover, the bulk of the capacity that APS has under contract as a

result of Track B is the PWEC Arizona capacity.
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LESSONS FROM THE TRACK B PROCUREMENT

What can be learned from the Track B procurement?

First, with the exception of PWEC, suppliers generally were unwilling to enter into
contracts at below the expected spot prices for the contract period. A few offers
were slightly in the money, based on APS’s forward price curves. These slight
discounts likely reflect that some sellers had a slightly lower forward price curve
than did APS, rather than a willingness to sell below the forward market. This
result should come as no surprise: a profit maximizing seller will not deliberately
sell via contract for less than it can get in other sales venues.

Second, a substantial part of the non-PWEC Arizona merchant generation
was not offered at all. In addition to the 150 MW from Sundance thaf APS
accepted, only 1512 MW were offered. ' In addition, approximately 630 MW was
offered by power marketers, at least some of which may have been backed by
Arizona generation. Nothing was offered by several large generation owners such
as Duke and Sempra, nor from load serving entities, such as SRP, WAPA or
AEPCO. In addition, not all of this bid power was deliverable because the bidders
selected transmission paths that could not simultaneously accommodate all of the
bid amounts. APS estimates that the total amount of non-PWEC generation that
could have been delivered if PWEC used none of the constrained interfaces would
have been 1,463 MW in 2004 and lesser amounts in other years. Had PWEC not

bid, and made the offers that it did, APS would have received very little power

B Cited totals are for 2004, the peak year of offers.
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priced at or below its forward price curve. It would have been able to contract for
only a fraction of its needs, about half, at any price.

Third, there was very little non-PWEC capacity offered on a long-term
basis. APS was offered 225 MW of peaking capacity and 300 MW of combined
cycle capacity (from a unit that has not begun construction or even received a
Certificate of Environmental Compatibility) beginning in 2006. Both of these
offers were out of the money. It also received a very small intermediate term (five-
year) non-asset-backed offer from a power marketer.

The absence of long-term offers suggests that potential sellers view the
post-2005 market with greatér optimism than is reflected in current forward
markets. To the extent that their capacity is not already committed to other buyers,
sellers apparently prefer to accept the risks of selling short term for the next year or
two in order to preserve the value of having capacity to sell at market in later
periods.

The paucity of offers at a time when prices in the market are so depressed
that sellers are going bankrupt speaks volumes about the folly of requiring that APS
commit to replace the contracts and buy needed new supply to meet load growth
from the market when its current Track B contracts expire.at the end of 2006. As
discussed below, the current glut of capacity likely will have fully disappeared by
about that time. At best, APS would have to compete head-to-head against
California for the Arizona merchant capacity. The ACC cannot reasonably expect
that PWEC, having twice been denied a long-term sale of its output (by contract or

outright) would continue to withhold its capacity from the export contract market.
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Nor can it rely on other generators having held back thousands of megawatts of
capacity on the mere hope that APS will be compelled to pay higher prices than in
nearby markets.
What do you conclude based on your review of the Track B solicitation?
Even at the peak of the glut in Western power markets, there was not nearly enough
non-PWEC capacity offered to meet APS’s needs. APS will be significantly
shorter by the time that the Track B contracts expire. There is no evidence that
additional capacity will be built in Arizona. In particular, there is no evidence that
in-Valley capacity will be built. The Western power market, overall, is virtually
certain to be much tighter and market prices to be higher. A new solicitation held
in 2006 would be unlikely to yield the capacity that APS will need at prices as
attractive as the ratebase cost of the PWEC units and might not yield the needed

capacity at all.

IX. OBSERVATIONS ON FUTURE WHOLESALE MARKET PRICES

Q. Can you determine at this time whether the PWEC Arizona assets are cost-
effective relative to the wholesale market?

A. Let me preface my answer by noting that this question should not be relevant to

ratebasing these assets since, in view of the facts, the prudent investment test is the
relevant standard. This having been said, whether the assets are cost effective
relative to the market can be truly determined only with hindsight 30 years from
now. A forecast of whether they are likely to be cost effective depends entirely on

the market price forecast used. Near-term prices are forecast to be relatively low,
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reflecting the glut of capacity coming on line in the western U.S. in 2002-3 and the
recessionary economy. Of course, these near-term forecasts are not relevant, since
the rate freeze remains in effect through most or all of 2004. The only prices that
matter are post-freeze prices. Market data on forward prices for the relevant period
beginning in late 2004 or 2005 and extending for the life of the assets are not
available or are of dubious quality. Forward markets beyond the next few quarters
are illiquid and reflect small trading volumes. It simply is not possible to determine
from forward market data what price the competitive market would pay for 1,700
MW of capacity in Arizona for the next 30 years or so. Even if forward markets
were more liquid and robust, there is no assurance that current forecasts of market
prices will prove more accurate than the sometimes wildly inaccurate forecasts of
the past. 14

Q. Do long-term contract prices provide any guidance on the competitive value of
the output of the PWEC assets?

A. No. Long-term contract prices generally are unobservable. The last group of long
term contracts for which price terms were disclosed publicly was the CDWR
contracts signed between February and August of 2001.

Q. Do you have an opinion, qualitatively, of how long-term prices could be

estimated?

"4 As traders always point out, a forward price curve is not the same thing as a price forecast. Forward bid-
offer prices are the prices at which forward products will transact today. Any market participant may have a
quite different price forecast. For example, in 2001, Pinnacle West’s price forecasts were below the market
curves of the time, although they still showed that a cost-based PPA brought considerable value to APS’s
customers.
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Yes. In the short run, prices need to be high enough to do two things: first to pay
the variable cost of the marginal producer — the highest cost unit needed to meet
load at particular points in time (e.g. hourly). Second, prices need to yield enough
margin to keep sufficient plant available to meet load reliably. In general, this 1s an
additional amount that must cover, at a minimum, the “going forward” cost of
plant. This includes (in addition to fuel) operation and maintenance €Xpense
(including capitalized future expenditures) associated general and administrative
expense and property taxes. It needn’t cover the entire sunk cost of capital
investment. The shorthand for this is “short run marginal cost”. The explanation I
have given varies slightly from the economist’s standard definition of the short run
marginal cost of energy in order to reflect the need for system operating reserves, a
factor that is unique to electricity.

In the long run, the expected (approximately, the average) level of prices
needs to be high enough that needed new entry will be attracted. Historically, this
was achieved in a different manner, by rolling new plant into ratebase. This might
lower, but more typically raised, the average prices seen by ratepayers in the first
years of plant operation. In a competitive wholesale market (i.e. absent cost-based
relgulation), the constraint that prices must be high enough to attract needed entry
determines a market price that is eamned by all competitive market participants. The
short hand term for such prices is “long run marginal cost” or LRMC.

If you know, does your description match how Pinnacle West forecasts prices?
Yes. I have worked with APS’s planners fof a number of years and can conﬁrrﬁ

that this is how they typically have forecasted prices. That is, they use short run
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marginal cost in the near term and LRMC for years past when markets come into
balance. I note that I am talking about the planners who do long term analyses, not
about traders whose focus is short term and whose methodology is different.
Do you agree that this is an appropriate way to forecast prices?
Generally yes, particularly for studies of generation options that will have long
lives. However, this type of “fundamental” price forecasting is not very good at

forecasting price volatility or even the year-to-year trajectory of prices. It used to

be a common practice to use short run marginal cost to forecast prices in the near

term, then to trend prices up to long run marginal cost gradually as the need for new
capacity approached. However, this ignores the “boom-bust nature of commodity
markets, including electricity. In reality, new capacity will not generally be built on
a “just in time” basis, thus capping prices at long run marginal costs, then holding
steady at long run marginal cost for the remainder of time. Rather, it reasonably
can be anticipated that the elimination of surpluses will result in quite high shortage
prices until supply fully responds. This is a major lesson learned from the Western
power crisis of 2000-1 as well as from other commodity markets.

Forecasts made today that ignore the “boom” portion of the cycle generally
will have a downward bias, taken as a whole; that is, they will unsystematically
under-forecast future prices. Since they typically will have a near term “bust”
component with no off-setting “boom”, they would also, on average, forecast
revenues to new entrants that are below full costs. If potential entrants acted on

such forecasts, entry would not occur. If the prices were to occur in fact, such entry

as occurred would not be profitable
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This systematic bias is relevant to any evaluation of the proposed ratebasing
of the PWEC Arizona units. This bias is compounded by, and indeed arises
principally from, the sensitivity of such an analysis to the timing of future price
changes.

Why does the timing of price changes matter to the cost-effectiveness of
ratebasing the PWEC Arizona assets?

As was demonstrated by the non-PWEC bids in Track B, as well as by Pinnacle
West’s traders forward price curves used in evaluating the bids, the near-term
market is in a “bust” cycle. That is, these prices are below the level needed to
support new entry.

However, we can know with reasonable certainty that ratebasing the PWEC
assets will be a good deal for ratepayers, relative to buying from a market that is in
“long run equilibrium,” that is, with prices equal to long run marginal costs. This is
because the PWEC assets came on line in 2001-3 and were built with less inflated
dollars that will be the case for the future new plants, the cost of which will
determine long run marginal cost and thus set long run marginal cpst-based prices.
Moreover, the PWEC assets are partly depreciated. These two factors will create a
continuous wedge of benefits from ratebasing these assets relative to buying at long
run marginal costs.

This can be shown with a simple numerical example. Suppose that APS’s
best alternative to ratebasing these assets is to sign a new long-term contract with

new generation to begin when the PWEC contract expires in 2006. The PWEC

assets will be roughly four years old. If inflation over the 2002-6 period averages,
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|
1 say 2.5 percent, and depreciation is 3 percent per year, the capital cost of the new
2 faciﬁty will be around 22 percent higher. It will remain that much higher for the
3 life of the PWEC assets."
4 Q. Does this discussion mean that you could derive a forward price curve to
5 compare against the PWEC assets by using short run marginal cost or
6 forward price curves in the near term and long run marginal cost once the
7 current supply glut is exhausted?
8 A No. This misses the factor that makes such forecasts biased downward. Electricity
9 has been shown to be like other commodities in that it is subject to “boom-bust”
10 cycles. The current over-supply is the “bust” from a generator’s perspective. To
11 simply move smoothly from the “bust” to long run equilibrium misses the “boom”
. 12 part of the equation and would systematically undervalue the PWEC assets
13 Q. Can you give a quantitative example of what the “hoom” prices look like?
14 A Yes. In concept. the “boom™ prices have to be enough higher than long run
15 marginal cost to offset the extent to which “bust” prices are below it. It is the
16 nature of commodity cycles involving capital intensive facilities fhat “booms” are
17 shorter than “busts”. That is, when prices are high, so much new capacity is built
18 that the over-supply can last several years.
19 What has happened in Western power markets over the past five years
20 provides a very telling example. Beginning with the establishment of the California
21 PX and ISO in April 199816, prices were very low for two years. This was followed
. 15 This example calculation ignores tax-timing effects and will somewhat overstate the difference.
1 prices were low before April of 1998, but the market data that I am addressing date only from the beginning

of the PX and ISO markets.
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by the very high prices during the 13-month crisis period and prices tailing off for
another couple of months. Thereafter, prices returﬁed to the low levels of 1998-9."

As part of my testimony in the California refund litigation, I examined the
contribution margin'® for a hypothetical new combined cycle unit and a
hypothetical new combustion turbine unit coming on line in April 1998. In that
analysis, I assumed that the plants’ output was sold in the PX day-ahead market
until the PX ceased to function, and then in the ISO balancing market. Both types
of units were deeply loss making, eamning less than half of what was needed to
cover fixed costs in the pre- and post-crisis periods. It turned out that the full
amount of the very high margins earned during the crisis period was necessary to
get the units back to income levels sufficient to support entry.

Specifically, [ testified that in the first year, the contribution margin for a
new combined cycle unit would have been $55/kW and in the second year would
have been $65/kW. In the year beginning April 2000, the margin would have been
$377/kW and in the year beginning April 2001 (catching the last part of the crisis
period) would have been $83/kW. In the year beginning April 2002, the
contribution margin would have been $42/kW. This averages $125/kW-year,
approximately the long run marginal cost of such a unit. The peaking unit fared

even worse.

17 While I have couched this in terms of prices, this is not strictly accurate. What matters is not prices as such
but the margins over fuel costs that pay for fixed cost and a return on investment. Over this period, there was
a great deal of variability in gas prices, which also affected prices. The pattern that I described is the pattern
of margins, though the pattern of prices is similar.

'® The contribution margin is the “profit” earned in excess of out-of-pocket variable costs that can be used to
offset semi-fixed costs (e.g. operations and maintenance) and to provide a return on and of investment.



10

11

12

13

14

15

16

17

18

Testimony of William H. Hieronymus
Page 58 of 65
While this was an eye-opening result, on reflection, it was not surprising. If
a unit is earning less than half of the required margin during a four-year “bust”
period, it must eam more than three times long run marginal cost margin during the
“boom” year. Stated slightly differently, the “boom” period margin needs to be at
least 6 times the margin during the “bust” period if the unit is to cover long run
marginal cost over the whole cycle."”
Does the California experience teach any other lessons about “boom-bust”
cycles?
Yes. There was general unanimity among all of the witnesses that the roo‘t cause of
the high prices was a shortage of generation. There was less unanimity about the
role of other factors (e.g. market design, market manipulation); however, even those
experts who laid much of the blame on the éxercise of market power testified that
the ability to exercise market power and substantially affect prices was a result of
the underlying shortage of power. Published analysis entered into the record in that
case’® showed a systematic relationship between tight reserve margins and the
ability of generators to raise prices substantially above the short-term marginal cost
of energy. Hence, the next substantial price spike (setting aside the effects of gas

prices) should coincide with the working off of the current capacity surplus.

19 This assumes that it earns half of the required contribution margin in glut years, a better performance than
seen in the western power markets over the past five years. Under this assumption, it must cover its full cost
in the boom year, plus make up the half that was not covered during the other four years. Six halves 1s six
times the glut margin.

2 Borenstein ef al., “Measuring Market Inefficiencies in California’s Restructured Wholesale Electricity
Market,” 92 American Economic Review (Dec, 2002). Cited in Exhibit No. CSA-2, Prepared Testimony of
Steven E Stoft, Ph.D on Behalf of the California Electricity Oversight Board and the California Public
Utilities Commission, Exhibit No. CSA-2 in FERC Docket No. EL00-95-075 et al.
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Can you provide a numeric example of why it is important to take into account
the timing of the next “boom” period in any going-forward evaluation of rate
basing the PWEC assets?
Yes. Figure WHH-2 contrasts between the two methods of forecésting that 1 have
just described. Common to both examples are four assumptions. First, new
capacity is needed in 2007, an assumption that | believe to be valid for reasons I
will discuss later. Second, the cycle is eight years long. I believe that this
assumption is ballpark correct, but it is of no significance to the analysis; any
reasonable assumption would yield similar results. Third, I assume that over the
course of each such cycle, the net present value of prices is equal to long run
marginal costs. Fourth, I reflect the fact that the bookk cost of the PWEC assets 1s
below the cost of an otherwise identical unit (the marginal cost-determining unit)
coming on line in 2007. |
“Prices” used are annual per-kW contributions to fixed cost and financing
costs, not KWh prices. That is, the time weighted average price over a cycle is
sufficient to cover the annualized cost (return on and of, plus fixed O&M) of a new
combined cycle unit. The contribution margin permits the analysis to abstract from
variable costs, principally fuel. Neaf—term prices in the buy-from-market case are
assumed to be below LRMC through 2006. In the purchase case, they are set by the
ratebase cost of the units.
In both cases, long run marginal cost is the same. The sole difference
between the cases is whether the “boom-bust” nature of the market is taken into

account or not.
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Figure 2
$/MW Contribution Margin With and Without Market Cycles
SRMC/LRMC
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4 Because the PWEC Arizona assets enter into ratebase relatively near to the

5 beginning of a boom, the value of the assets is greater in the boom-bust model.

6 The fact that it is much more cost-effective for ratepayers if APS acquires the assets

7 at book value near the beginning of a “boom” hardly is surprising. The acquirer

8 avoids the cost of ownership for much of the “bust” period and attendant low prices

9 for off-system sales, and is primed and ready to avoid high market prices during the
10 “boom” period. Of course, this result arises solely from the fact that the assets are
11 acquired at book value. The market value of assets will rise as the anticipated

12 boom period gets closer. Thus, for example, assets purchased in California that
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provided energy during the “boom” actually were worth substantially more than
their value under long run marginal cost conditions.

Does your example include the value of the asset purchase in terms of

enhanced reliability during periods when the market is tight?

‘No. The example assumes that APS will be able to buy all of the power that it

needs from the market. In reality, we know from the Western power markets CTisis
of 2000-2001 that while utilities such as the Arizona utilities and LADWP that
controlled the resources that they needed avoided rolling blackouts and power
emergencies, the power-short IOUs in California did not.

You have emphasized the importance of acquiring capacity close to a boom
period. Have there been studies that suggest how long if will take before a
shortage of capacity reemerges in the western U. S., setting off another round
of scarcity prices?

Yes. A recent California Energy Commission study”' concluded that reserves
available to California should be adequate for the next two years, but that continued
adequacy required additional conservation measures and/or new capacity. A
review of the CEC’s calculations actually is a bit more alarming. First of all, it
assumes merely average temperature conditions. One-year-in-ten temperatures
increase requirements by between 6.5 and 7 percentage points. Second, while only
plant scheduled to be competed in 2003 or at the latest early 2004 can be regarded

as committed to be built, the CEC assumes an additional nearly 4,000 MW of

21 «California 2003 Electricity Supply and Demand Balance and Five-Year Outlook”, available at
http://www.energy .ca.gov/electricity/2003_SUPPLY DEMAND_PEAK pdf
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capacity is built in California in the few years after that period, primarly to come

on line by the summer of 2005. Without that capacity, California has inadequate

operating reserves by 2006-7 under normal weather conditions and by 2005 in one-

year-in-ten temperature conditions. Third, the study assumes that California can

count on nearly 8,500 MW of on-peak imports in each year. The bulk of these are

stated to be under contract. However, the study assumes that 2,700 MW of imports
are available in each year beyond the amounts contracted.

Building 4,000 MW of new capacity in California, primarily in 2005, is not
consistent with prices that reméin below long run marginal costs. The assumed
level of availability of imports also is highly questionable. Contracted imports
already include a substantial (albeit unknown) amount of Desert Southwest
merchant capacity.22 As Mr. Bhatti testifies, Arizona load growth likely will
absorb all of the available surplus of merchant capacity in Arizona within two to
three years. APS, in particular, is forecast to be 1,100 MW short, even taking into
account all of the PWEC Arizona capacity. From where, then, will California get
the additional 2,700 MW of imports? It is precisely this kind of blind faith reliance
on non-California generation that was the root cause of the power crisis of 2000-1
that dragged down the entire West.

While load forecasting is highly uncertain, and forecasting reserve levels

still more so, the foregoing suggests that (unless actions not currently apparent are

22 Nearly all of the imports (other than capacity owned by LADWP and SCE) likely relates to the contracts
signed with CDWR. One of those contracts is with Sempra. In view of the fact that it did not bid into the
Track B auction, it is likely that Sempra is using Mesquite to fulfill part of its contract. Other contracts are
with power merchants who are relying on contracts with unknown generators. At least some of these
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taken) the Western U.S. will again be in a reserve deficit situation by around 2006

or 2007. Indeed, under one-in-10 weather, unless the phantom new capacity is built

and the rest of the WECC remains in substantial surplus, California will be deficit

in operating reserves to about the same degree as in 2000-1 by the 2006-2007

timeframe. Even this grim result assumes low-normal hydro, not the highly adverse

conditions experienced in 2000-1 and assumes no “gaming” of the market that
involves the withholding of capacity.

As happened in 2000-1, when California catches cold, the rest of the West
catches pneumonia. As California bids away the remaining uncommitted capacity
from the Desert Southwest, price arbitrage between the markets will cause prices to
rise to more-or-less equivalent amounts. Of course, to the extent that APS’s
ratepayers are protected by owning assets or by long term purchased power
agreements, such a crisis will not affect them adversely and may even benefit them
to the extent that APS has excess energy to sell into the market.

Is this view of the market consistent with the actions of non-PWEC bidders in
the Track B auction?

Yes. As discussed earlier, with minor exceptions, bidders did not offer to sell into
the auction beyond 2005.

If sellers anticipate a “boom” spike in prices in the middle of the decade, how
would this affect their offers for contracts to replace or supplement the

contracts that are due to expire at the end of 20067

contracts are with Desert Southwest generators. As Mr. Bhatti testifies, Pinnacle West believes that
approximately 3,000 MW of Arizona merchant capacity has been sold out of state.
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They would price this into their contract offers. Contract offer prices are the risk-
adjusted equivalent of expected future short-term prices. This is both common
sense and demonstrated by the long term contracts signed during the last power
Crisis.
Would this calculus apply to PWEC as well as to other bidders?
Yes. PWEC would face the same opportunities in export markets as would other
generators and power marketers. A profit maximizing PWEC would not sell to
APS for less than it could receive elsewhere, particularly having twice offered its
capacity to APS’s customers at cost-of-service prices and been turned down.
Further, unless someone else builds new capacity within the Valley load pocket,
PWEC would face no effective competition to meet the reliability must run
requirement. Doubtless, FERC market power mitigation would place some limits
on what it could charge. However, under current policies, the permitted price
would certainly be no less than the cost of ratebasing the West Phoenix plant.

CONCLUSIONS

Please summarize your conclusions.

My conclusions can be summarized briefly as follows. First, the PWEC Arizona
units were prudently planned to meet APS’s load. Second, they are used and useful
in meeting that load. Third, they were constructed at reasonable costs, consistent
with the cost of similar units built by other companies. Fourth, the Track B |
responses signal that the market is likely to tighten at about the time that existing
contracts end. Fifth, this likely tightening makes it quite risky in terms of

reliability, prices and price volatility, to rely on the market for the capacity that
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ratebasing these assets would cover. Sixth, ratebasing the PWEC assets likely will
be economic relative to the market for the capacity and energy that they provide.

Does this complete your prefiled direct testimony in this proceeding?

Yes, it does.
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William Hieronymus has consulted extensively to managements of electricity and gas companies,
their counsel, regulators, and policymakers. His principal areas of concentration are the structure
and regulation of network utilities and associated management, policy, and regulatory issues. Dr.
Hieronymus has spent the last fourteen years working on the restructuring and privatization of
utility systems in the U.S. and internationally. In this context he has assisted the managements
of energy companies on corporate and regulatory strategy, particularly relating to asset
acquisition and divestiture. He has testified extensively on regulatory policy issues and on
market power issues related to mergers and acquisitions. In his twenty-five years of consulting to
this sector, he also has performed a number of more specific functional tasks, including analyzing
potential investments; assisting in negotiation of power contracts, tariff formation, demand
forecasting, and fuels market forecasting. Dr. Hieronymus has testified frequently on behalf of
energy sector clients before regulatory bodies, federal courts, and legislative bodies in the United
States and United Kingdom. He has contributed to numerous projects, including the following:

ELECTRICITY SECTOR STRUCTURE, REGULATION, AND
RELATED MANAGEMENT AND PLANNING ISSUES

U.S. Market Restructuring Assignments

e Dr. Hieronymus serves as an advisor to the senior executives of electric utilities on
restructuring and related regulatory issues, and he has worked with senior management
in developing strategies for shaping and adapting to the emerging competitive market
in electricity. Related to some of these assignments, he has testified before state
agencies on regulatory policies and on contract and asset valuation.

e For utilities seeking merger approval, Dr. Hieronymus has prepared and testified to
market power analyses at FERC and before state commissions. He also has assisted in
discussions with the Antitrust Division of the Department of Justice and in responding
to information requests. The mergers on which Dr. Hieronymus has testified include
both electricity mergers and combination mergers involving electricity and gas
companies. Among the major mergers on which he has testified are Sempra (Enova
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and Pacific Enterprises), Xcel (New Century Energy and Northern States Power),
Exelon (Commonwealth Edison and Philadelphia Electric), AEP (American Electric
Power and Central and Southwest), Dynegy-Illinois Power, Con Edison-Orange and
Rockland, Dominion-Consolidated Natural Gas, NiSource-Columbia Energy, E-on-
PowerGen/LG&E and NYSEG-RG&E. He also submitted testimony in mergers that
were terminated for unrelated reasons, including Entergy-Florida Power and Light,
Northern States Power and Wisconsin Energy, KCP&L and Utilicorp and Consolidated
Edison-Northeast Utilities. Testimony on similar topics has been filed for a number of
smaller utility mergers and for asset acquisitions. Dr Hieronymus has also assisted
numerous clients in the pre-merger screening of potential acquisitions and merger
partners.

For utilities seeking to establish or extend market rate authority, Dr. Hieronymus has
provided numerous analyses concerning market power in support of submissions under
Sections 205 of the Federal Power Act.

For utilities and power pools engaged in restructuring activities, he has assisted in
examining various facets of proposed reforms. Such analysis has included features of
the proposals affecting market efficiency and those that have potential consequences
for market power. Where relevant, the analysis also has examined the effects of
alternative reforms on the client’s financial performance and achievement of other

objectives.

For generators and marketers, Dr. Hieronymus has testified extensively in the
regulatory proceedings concerning the electricity crisis in the WECC that occurred
during May 2000 and May 2001. His testimony concerned, inter alia, the economics
of long term contracts entered into during that period the behavior of market
participants during the crisis period and the nexus between purportedly dysfunctional
spot markets and forward contracts.

For the New England Power Pool (NEPOOL), Dr. Hieronymus examined the issue of
market power in connection with NEPOOL’s movement to market-based pricing for
energy, capacity, and ancillary services. He also assisted the New England utilities in
preparing their market power mitigation proposal. The main results of his analysis
were incorporated in NEPOOL’s market power filing before FERC and in [ISO-New
England’s market power mitigation rules.

For a coalition of independent generators, he provided affidavits advising FERC on
changes to the rules under which the northeastern U.S. power pools operate.

As part of a large planning and analysis team, Dr. Hieronymus assisted a Midwest
utility in developing an innovative proposal for electricity industry restructuring.

Dr. Hieronymus has contributed substantially to projects dealing with the restructuring
of the California electricity industry. In this context he also is a witness in California
and FERC proceedings on the subject of market power and mitigation and more
recently before FERC in connection with transactions related to PG&E’s bankruptcy
and on the contracts signed between merchant generators and various buyers.
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Valuation of Utility Assets in North America

Dr. Hieronymus has testified in state securitization and stranded cost quantification
proceedings, primarily in forecasting the level of market prices that should be used in
assessing the future revenues and the operating contribution earned by the owner of
utility assets in energy and capacity markets. The market price analyses are tailored to
the specific features of the market in which a utility will operate and reflect
transmission-constrained trading over a wide geographic area. He also has testified in
rebuttal to other parties’ testimony concerning stranded costs, and has assisted
companies in internal stranded cost and asset valuation studies.

He was the primary valuation witness on behalf of a western utility in an arbitration
proceeding concerning the value of a combined cycle plant coming off lease that the
utitity wished to purchase.

He assisted a bidder in determining the commercial terms of plant purchase offers as
well as assisting clients in assessing the regulatory feasibility of potential acquisitions
and mergers.

Other U.S. Unhty Engagements

&

Dr. Hieronymus has contributed to the development of several benchmarking analyses
for U.S. utilities. These have been used in work with clients to develop regulatory
proposals, set cost reduction targets, restructure internal operations, and assess merger
savings.

Dr. Hieronymus was a co-developer of a market simulation package tailored to regton-
specific applications. He and other senior personnel have conducted numerous multi-
day training sessions using the package to help utility clients in educating management
regarding the consequences of wholesale and retail deregulation and in developing the
skills necessary to succeed in this environment.

He has made numerous presentations to U.S. utility managements regarding overseas
electricity systems.

For an East Coast electricity holding company, Dr. Hieronymus prepared and testified
to an analysis of the logic and implementation issues concerning utility-sponsored
conservation and demand-management programs as alternatives to new plant
construction.

In connection with nuclear generating plants nearing completion, he has testified in
Pennsylvania, Louisiana, Arizona, Illinois, Missouri, New York, Texas, Arkansas, New
Mexico, and before the Federal Energy Regulatory Commission regarding plant-in-
service rate cases on the issues of equitable and economically efficient treatment of
plant costs for tariff-setting purposes, regulatory treatment of new plants in other
jurisdictions, the prudence of past system planning decisions and assumptions,
performance incentives, and the life-cycle costs and benefits of the umits. In these and
other utility regulatory proceedings, Dr. Hieronymus and his colleagues have provided




Charles
River
, Associates
WILLIAM H. HIERONYMUS — Page 4

extensive support to counsel, including preparation of interrogatories, cross-
examination support, and assistance in writing briefs.

e On behalf of utilities in the states of Michigan, Massachusetts, New York, Maine,
Indiana, Pennsylvania, New Hampshire, and Illinois, he has submitted testimony in
regulatory proceedings on the economics of completing nuclear generating plants that
were then under construction. His testimony has covered the likely cost of plant
completion; forecasts of operating performance; and extensive analyses of the impacts
of completion, deferral, and cancellation upon ratepayers and shareholders. For the
senior managements and boards of utilitues engaged in nuclear plant construction, Dr.
Hieronymus has performed a number of highly confidential assignments to support
strategic decisions concerning the continuance of construction.

e For an eastern Pennsylvania utility that suffered a nuclear plant shutdown due to NRC
sanctions relating to plant management, he filed testimony regarding the extent to
which replacement power cost exceeded the costs that would have occurred but for the
shutdown.

o  For a major Midwestern utility, Dr. Hieronymus headed a team that assisted senior
management in devising its strategic plans, including examination of such issues as
plant refurbishment/life extension strategies, impacts of increased competition, and
available diversification opportunities.

. e On behalf of two West Coast utilities, Dr. Hieronymus testified in a needs certification
hearing for a major coal-fired generation complex concerning the economics of the
facility relative to competing sources of power, particularly unconventional sources
and demand reductions.

e For a large western combination utility, he participated in a major 18-month effort to
provide the client with an integrated planning and rate case management system.

e For two Midwestern utilities, Dr. Hieronymus prepared an analysis of intervenor-
proposed modifications to the utilities' resource plans. He then testified on their behalf
before a legislative committee.

U.K. Assighments

e Following promulgation of the white paper that established the general framework for
privatization of the electricity industry in the United Kingdom, Dr. Hieronymus
participated extensively in the task forces charged with developing the new market
system and regulatory regime. His work on behalf of the Electricity Council and the
twelve regional distribution and retail supply companies focused on the proposed
regulatory regime, including the price cap and regulatory formulas, and distribution and
transmission use of system tariffs. He was an active participant in industry-government
task forces charged with creating the legislation, regulatory framework, initial

. contracts, and rules of the pooling and settlements system. He also assisted the
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regional companies in the valuation of initial contract offers from the generators,
including supporting their successful refusal to contract for the proposed nuclear power
plants that subsequently were canceled as being non-commercial.

During the preparation for privatization, Dr. Hieronymus assisted several individual

U K. electricity companies in understanding the evolving system, in developing use of
system tariffs, and in enhancing commercial capabilities in power purchasing and
contracting. He continued to advise a number of clients, including regional companies,
power developers, large industrial customers, and financial institutions on the UK.
power system for a number of years after privatization. '

Dr. Hieronymus assisted four of the regional electricity companies in negotiating
equity ownership positions and developing the power purchase contracts fora 1,825
megawatt combined cycle gas station. He also assisted clients in evaluating other
potential generating investments including cogeneration and non-conventional
TESOUrCes.

Dr. Hieronymus also has consulted on the separate reorganization and privatization of
the Scottish electricity sector. Part of his role in that privatization included advising the
larger of the two Scottish companies and, through it, the Secretary of State on all
phases of the restructuring and privatization, including the drafting of regulations, asset
valuation, and company strategy.

He assisted one of the Regional Electricity Companies in England and Wales in the
1993 through 1995 regulatory proceedings that reset the price caps for its retailing and
distribution businesses. Included in this assignment was consideration of such policy
issues as incentives for the economic purchasing of power, the scope of price control,
and the use of comparisons among companies as a basis for price regulation. Dr.
Hieronymus’s model for determining network refurbishment needs was used by the
regulator in determining revenue allowances for capital investments.

He assisted one of the Regional Electricity Companies in its defense against a hostile
takeover, including preparation of its submission to the Cabinet Minister who had the
responsibility for determining whether the merger should be referred to the competition
authority.

Assignments Outside the U.S. and U.K.

Dr. Hieronymus assisted a large state-owned European electricity company in
evaluating the impacts of the 1997 EU directive on electricity that infer alia requires
retail access and competitive markets for generation. The assignment included advice
on the organizational solution to elements of the directive requinng a separate
transmission system operator and the business need to create a competitive marketing
function.

For the European Bank for Reconstruction and Development, he performed analyses of
least-cost power options and evaluated the return on a major mvestment that the Bank
was considering for a partially completed nuclear plant in Slovakia. Part of this
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assignment involved developing a forecast of electricity prices, both in Eastern Europe
and for potential exports to the West.

e For the OECD he performed a study of energy subsidies worldwide and the impact of
subsidy elimination on the environment, particularly on greenhouse gases.

e For the Magyar Villamos Muvek Troszt, the electricity company of Hungary, Dr.
Hieronymus developed a contract framework to link the operations of the different
entities of an electricity sector in the process of moving from a centralized command-
and-control system to a decentralized, corporatized system.

e For Iberdrola, the largest investor-owned Spanish electricity company, he assisted in
development of their proposal for a fundamental reorganization of the electricity sector,
its means of compensating generation and distribution companies, its regulation, and
the phasing out of subsidies. He also has assisted the company in evaluating generation
expansion options and in valuing offers for imported power.

e Dr. Hieronymus contributed extensively to a project for the Ukrainian Electricity
Ministry, the goal of which was to reorganize the Ukramian electricity sector and
prepare it for transfer to the private sector and the attraction of foreign capital. The
proposed reorganization is based on regional electric power companies, linked by a
unified central market, with market-based prices for electricity.

o At the request of the Ministry of Power of the USSR, Dr. Hieronymus participated in
. the creation of a seminar on electricity restructuring and privatization. The seminar

was given for 200 invited Ministerial staff and senior managers for the USSR power
system. His specific role was to introduce the requirements and methods of
privatization. Subsequent to the breakup of the Soviet Unon, Dr. Hieronymus
continued to advise both the Russian energy and power ministry and the government-
owned generation and transmission company on resfructuring and market development
issues.

e On behalf of a large continental electricity company, Dr. Hieronymus analyzed the
proposed directives from the European Commission on gas and electricity transit (open
access regimes) and on the internal market for electricity. The purpose of this
assignment was to forecast likely developments in the structure and regulation of the
electricity sector in the common market and to assist the client in understanding their
implications.

e For the electric utility company of the Republic of Ireland, he assessed the likely
economic benefit of building an interconnector between Eire and Wales for the sharing
of reserves and the interchange of power.

e For a task force representing the Treasury, electricity generating, and electricity
distribution industries in New Zealand, Dr. Hieronymus undertook an analysis of
industry structure and regulatory alternatives for achieving the economically efficient
generation of electricity. The analysis explored how the industry likely would operate
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under alternative regimes and their implications for asset valuation, electricity pricing,
competition, and regulatory requirements.

TARIFF DESIGN METHODOLOGIES
AND POLICY ISSUES

e Dr. Hieronymus participated in a series of studies for the National Grid Company of
the United Kingdom and for ScottishPower on appropriate pricing methodologies for
transmission, including incentives for efficient investment and location decisions.

e Fora U.S. utility client, he directed an analysis of time-differentiated costs based on
accounting concepts. The study required selection of rating periods and allocation of
costs to time periods and within time periods to rate classes.

e For EPRI, Dr. Hieronymus directed a study that examined the effects of time-of-day
rates on the level and pattern of residential electricity consumption.

e For the EPRI-NARUC Rate Design Study, he developed a methodology for designing
optimum cost-tracking block rate structures.

e On behalf of a group of cogenerators, Dr. Hieronymus filed testimony before the
Energy Select Committee of the UK Parliament on the effects of prices on

. cogeneration.development.

e For the Edison Electric Institute (EEI), he prepared a statement of the industry's
position on proposed federal guidelines regarding fuel adjustment clauses. He also
assisted EEI in responding to the U.S. Department of Energy (DOE) guidelines on cost-
of-service standards.

e For private utility clients, Dr. Hieronymus assisted in the preparation both of their
~ comments on draft FERC regulations and of their compliance plans for PURPA
Section 133.

automatic adjustment clauses to determine their compliance with PURPA and
recommended modifications.

e For DOE, he developed an analysis of automatic adjustment clauses currently
employed by electric utilities. The focus of this analysis was on efficiency incentive
effects.

e For the commissioners of a public utility commission, Dr. Hieronymus assisted in
preparation of briefing papers, lines of questioning, and proposed findings of fact ina
generic rate design proceeding. .

|
|
|
|
e For a state utilities commission, Dr. Hieronymus assessed its utilities' existing
|
|
|
|
|
|
|
|
|
|
|
|
\
|
\
|
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SALES FORECASTING METHODOLOGIES
FOR GAS AND ELECTRIC UTILITIES

e  For the White House Sub-Cabinet Task Force on the future of the electric utility
industry, Dr. Hieronymus co-directed a major analysis of "least-cost planning studies”
and "low-growth energy futures.” That analysis was the sole demand-side study
commissioned by the task force, and it formed a basis for the task force's conclusions
concerning the need for new facilities and the relative roles of new construction and
customer side-of-the-meter programs in utility planning.

o For a large eastern utility, Dr. Hieronymus developed a load forecasting model
designed to interface with the utility's revenue forecasting system-planning functions.
The model forecasts detailed monthly sales and seasonal peaks for a 10-year period.

¢ For DOE, he directed development of an independent needs assessment model for use
by state public utility commissions. This major study developed the capabilities
required for independent forecasting by state commissions and provided a forecasting
model for their interim use.

e For state regulatory commissions, Dr. Hieronymus has consulted in the development of
service area-level forecasting models of electric utility companies.

e For EPRI, he authored a study of electricity demand and load forecasting models. The
study surveyed state-of-the-art models of electricity demand and subj ected the most
promising models to empirical testing to determine their potential for use in long-term
forecasting.

e For a Midwestern eleciric utility, he provided consulting assistance in improving the
client’s load forecast, and testified in defense of the revised forecasting models.

e For an East Coast gas utility, Dr. Hieronymus testified with respect to sales forecasts
and provided consulting assistance in improving the models used to forecast residential
and commercial sales.

OTHER STUDIES PERTAINING TO
REGULATED AND ENERGY COMPANIES

e In a number of antitrust and regulatory matters, Dr. Hieronymus has performed
analyses and litigation support tasks. These cases have included Sherman Act Section
1 and 2 allegations, contract negotiations, generic rate hearings, ITC hearings, and a
major asset valuation suit. In a major antitrust case, he testified with respect to the
demand for business telecommunications services and the impact of various practices
on demand and on the market share of a new entrant. For a major electrical equipment
vendor, Dr. Hieronymus testified on damages with respect to alleged defects and
associated fraud and warranty claims. In connection with mergers for which he is the
market power expert, Dr. Hieronymus assists clients n Hart-Scott-Rodino
investigations by the Antitrust Division of the U.S. Department of Justice and the
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Federal Trade Commission. In an arbitration case, he testified as to changed
circumstances affecting the equitable nature of a contract. Ina municipalization case,
he testified concerning the reasonable expectation period for the supplier of power and
transmission services to a municipality. In two Surface Transportation Board
proceedings, he testified on the sufficiency of product market competition to inhibit the
exercise of market power by railroads transporting coal to power plants.

e  Fora landholder, Dr. Hieronymus examined the feasibility and value of an energy
conversion project that sought a long-term lease. The analysis was used in preparing
contract negotiation strategies.

e For an industrial client considering development and marketing of a total energy
system for cogeneration of electricity and low-grade heat, Dr. Hieronymus developed
an estimate of the potential market for the system by geographic area.

e For the U.S. Environmental Protection Agency (EPA), he was the principal investigator
in a series of studies that forecasted future supply availability and production costs for
various grades of steam and metallurgical coal to be consumed in process heat and
utility uses.

Dr. Hieronymus has been an invited speaker at numerous conferences on such issues as market
power, industry restructuring, utility pricing in competitive markets, international developments
in utility structure and regulation, risk analysis for regulated investments, price squeezes, rate
design, forecasting customer response to innovative rates, intervener strategies in utility
regulatory proceedings, utility deregulation, and utility-related opportunities for investment
bankers.

Prior to rejoining CRA in June 2001, Dr. Hieronymus was a Member of the Management Group
at PA Consulting, which acquired Hagler Bailly, Inc. in October 2000. He was a Senior Vice
President of Hagler Bailly. In 1998, Hagler Bailly acquired Dr. Hieronymus’s former employer,
Putnam, Hayes & Bartlett, Inc. He was a Managing Director at PHB. He joined PHB in 1978.
From 1973 to 1978 he was a Senior Research Associate at CRA. Previously, he served as a
project director at Systems Technology Corporation and as an economist while serving as a
Captain in the U.S. Army
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DIRECT TESTIMONY OF JOHN H. LANDON

(DOCKET NO. E-01345A-03-__)

QUALIFICATIONS AND PURPOSE OF TESTIMONY

A. Background

Please state your name and business address.

My name is John H. Landon, and my business address is Two Embarcadero
Center, Suite 1750, San Francisco, California, 94111.

What is your current position?

I am a Managing Principal and Director of the Energy and Telecommunications
practice of Analysis Group, Inc. (Analysis Group) an economic and business
strategy consulting firm. My resume is attached to this testimony as Appendix A.
Please outline your educational background.

I received a B.A. degree with highest honors from Michigan State University with
a major in economics in 1964. I subsequently completed graduate school at
Cornell University, where I was awarded an M.A. in economics in 1967 and a
Ph.D. in the same field in 1969.

Where were you employed after leaving Cornell University?

I served on the faculty of Case Western Reserve University from 1968 to 1973,
rising from the rank of assistant professor to associate professor, and on the
faculty of the University of Delaware from 1973 to June 1977 as an associate

professor.

ANALyYsis GrROUP

ECONOMIC, FINANCIAL and STRATEGY CONSULTANTS 1
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What subjects did you teach during this period?

I taught regulatory economics, microeconomics, industrial organization, antitrust
economics, and economic forecasting.

Where were you employed after leaving the University of Delaware?

I was employed by National Economic Research Associates (NERA) from 1977 to
1997 first as a Senior Consultant, and, eventually, as a Vice President, a Senior
Vice President, and finally as a member of the Board of Directors.

When did you join Analysis Group?

I joined Analysis Group in March of 1997.

What has been the nature of your assignments at NERA and Analysis
Group?

Much of my work over the last twenty-five years has been on issues relating to the
application of economic principles to the electric utility industry. I have
participated in numerous projects addressing economic and related antitrust issues
before the Federal Energy Regulatory Commission (FERC), the Nuclear
Regulatory Commission (NRC), the Securities and Exchange Commission (SEC),
state regulatory commissions, and federal and state courts.

Please briefly outline your electric utility-related background.

I studied regulatory economics both as an undergraduate (Michigan State with Dr.
Joel Dirlam) and as a graduate student (Cornell University with Dr. Alfred Kahn).
I was one of the graduate assistants who provided research assistance for Dr. Kahn

as he wrote his seminal work, Economics of Regulation. As a faculty member at
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Case Western Reserve University and the University of Delaware, I taught
regulatory economics and authored or co-authored several articles and book
chapters focused on economic aspects of the electric utility industry. In my more
than 25 years of practice as an economic consultant, I have spent the majority of
my time on issues involving electric utilities.

B. Prior Experience

Have you previously testified as an expert on the electric utility industry?
Yes. I have testified on many occasions before state and federal courts and
regulatory agencies on a variety of matters. These matters include: deregulation,
affiliate relations, competition and market power, rate making, performance-based
regulation, transmission governance, demand-side management, cost allocation
and pricing.

Before which state regulatory commissions have you testified?

I have provided testimony before the state regulatory commissions of Arkansas,
Arizona, California, Delaware, Florida, Illinois, Iowa, Louisiana, Maryland,
Massachusetts, Michigan, Minnesota, Missouri, Montana, Nevada, New Jersey,
New Mexico, New York, Ohio, Oklahoma, Pennsylvania, Texas, Vermont and
West Virginia.

C. Purpose of Testimony

What is the purpose of your testimony in this proceeding?

I have been asked by Arizona Public Service Company (APS) to provide the

Arizona Corporation Commission (ACC) an overview of recent events in the on-
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going evolution of the electricity industry that bear on the evaluation of long-term
energy supply alternatives. My testimony focuses on evaluating the necessary, but
sometimes overlooked, trade-offs in economic efficiencies between two
alternative models of long-term electricity supply: 1) vertical integration of
generation within the traditional electric utility and 2) contracting for generation
supplies with unrelated, and, for the most part, unregulated third parties. I have
also been asked to discuss specifically how the current financial condition of some
merchant generators and enforcement problems associated with long-term power
supply contracts affect the evaluation of efficiency trade-offs.
D. Summary and Conclusions
Please summarize your testimony and conclusions.
1. Cost-of-service regulation in Arizona generally has provided reliable
service at relatively low prices. However, regulators and others have sought
partial restructuring of traditional regulation in the state in order to capture
competitive market efficiencies. These proposals originally included the
introduction of a new system of generation supply based on unregulated electricity
providers.
2. There are recognized and substantial economic efficiencies from vertical
integration, including:

e Coordinating technological and planning interdependencies;

e Conveying efficient prices and cost signals throughout the production

process;
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e Improving non-price information flow, for example, regarding operating
constraints;

e Reducing uncertainty by relying on internally supplied resources;

¢ Reducing transaction costs; and

o Providing a self supply alternative to supplement, discipline, and hedge the

market.

There is also the potential for efficiencies from relying on competition among
merchant generators to supply certain long-term resource needs. Regulators need
to weigh the trade-offs between these known and pbtential efficiencies in deciding
the appropriate roles of each in meeting utilities’ long-term resource needs.
3. Vertically-integrated utilities can benefit from the efficiencies of both
vertical integration and the competitive wholesale market by using the latter to
supplement the former, and using the former to hedge the latter.
4, The suitability of relying on merchant generation for a utility’s long-term
resources is a function of four criteria: functioning competitive markets,
financially sound counterparties, adequate means of hedging contractual risks, and
enforceable contracts. In today’s environment, shortcomings in each of these
areas increase contractual and operational risks and their associated costs.
5. Regulators should support their jurisdictional utilities acquiring ownership
and control of capacity resources if, after appropriately reflecting all economically
relevant risks, it represents a cost-effective and reliable way to meet customer

requirements.
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II. THE VERTICALLY-INTEGRATED UTILITY

A. Historical Perspective

Please discuss the provision of electricity supply prior to the late-1970s.
Commencing in the mid-1930s, with passage of the Public Utility Holding
Companies Act of 1935, electricity was supplied primarily by vertically-integrated
utilities. This structure reflected the widely-held view that, due to economies of
scale and scope, the economic efficiencies from vertical integration overwhelmed
any competitive efficiencies in electricity supply. Economies of scale occur when
there are decreasing average costs with increasing size; i.e., production from
larger plants costs less per unit of output. Economies of scope occur when
interrelated activities are performed in coordination; ie., the costs of joint
production of a good or service are less than the sum of the individual costs of
production.

By the late 1970s, privately-owned utilities accounted for around 75
percent of generating capacity and were regulated by state public utility
commissions on a “prudent cost-of-service” basis.! That is, for the most part,
these firms had the opportunity to earn a regulated rate-of-return from their
customers on the depreciated prudent original cost of plant in service, plus
recovery of other reasonable expenses. Integrated electric utility operations were

generally concentrated in geographically defined service territories, with limited
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transmission interconnections between them. Transactions between integrated
utilities were small relative to self-supply; in short, most utilities were largely self-
sufficient.

During much of this period, regulation of prices was based on ex post
allocations of already incurred costs and expectations of their trends. As a

consequence of regulation, incentives to achieve maximum operational efficiency

‘were dulled. When inflation outpaced efficiency improvements, rates tended to

rise. Some regulators used ratemaking to implement social goals such as
subsidizing designated producers or classes of consumers; this led to further cost
increases and introduced additional inefficiencies. Commencing with the effects
of the Arab Oil Embargo of 1973-74, deteriorating economic conditions,
heightened inflation, and increased interest rates greatly complicated regulated
utilities’ efforts to build new plants. Problems encountered in constructing
nuclear and coal plants during the 1970s and 1980s heightened awareness of the
hidden costs of this system of regulation to customers, regulators and utilities—
costs that at least partially offset its benefits.

Did these concerns result in changes in public policy?

Yes. These events led regulators to take a more proactive role in utility cost
control. For example, cost disallowances and rates rising less rapidly than costs
became more common. In addition, passage of the Public Utility Regulatory

Policies Act of 1978 (PURPA) signaled the beginning of a trend that was to lead

"'n 1979, 97 percent of generation was owned by a combination of privately-owned utilities and publicly-
owned utilities. Publicly-owned utilities include municipalities, federal market agencies, rural co-ops,
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to greater emphasis on independent generation supplies. PURPA required
jurisdictional utilities to contract with certain generators called qualifying
facilities (QFs), at avoided costs, i.c., the cost the utility would otherwise have
incurred to supply generation. While PURPA encouraged the use of cogeneratioﬁ
and renewable energy, it had the effect of demonstrating the technical feasibility
of using third-party generation to meet a significant portion of vertically-
integrated utility load requirements. However, the use of administratively
forecasted avoided costs as the basis for QF contracts turned out to be very
expensive in several states. Administratively determined utility avoided costs,
which formed the basis for long-term QF contracts, reflected a static view of
technology, as well as the difficult, and relatively short-lived, economic
conditions that utilities faced at the time. As economic conditions improved, and
technological advances were achieved, long-term QF contracts were revealed as
extraordinarily expensive compared with alternative resources.

Later, the Electric Policy Act of 1992 (EPAct), broadened competitive
generator eligibility by creating a new class of generators, Exempt Wholesale
Generators (EWG), that were exempt from PUHCA requirements. EWGs did not
have some of the ownership limitations of QFs, but they also did not enjoy the
mandatory utility purchase requirement of PURPA. EPAct also gave FERC the

authority to ensure that competitive suppliers had access to markets for their

and so on.
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products. On the basis of this authority, FERC issued Order 888 in 1996, which
called for open access to transmission.

Over this same period, was there a change in the perceived level of economies
of scale and scope from vertical integration?

Yes. The movement away from nuclear power and improvements in the
efficiency of small coal plants and combined cycle gas turbines made technical
economies of scale less significant in electric generation. Whereas the large
nuclear units were around 1,100 megawatts to 1,200 megawatts and required
significant upfront investment, today’s combined cycle plants are sized as small as
100 to 300 megawatts” In addition, economies of scope from vertical
efficiencies, which had been somewhat eroded by the introduction of computer-
based information systems, were assumed to be outweighed by the potential
benefits of competition.

Were there also changes in the way that vertically-integrated utilities
evaluated prospective supply options?

Yes. Theoretical models were developed that incorporated competitive generation
supply as an alternative to projected future plant additions by vertically-integrated
utilities. These models also increasingly took into consideration the ability of
utility-owned generation to compete effectively for off-system sales. Electric
supply models analyzed the construction of facilities on a regional rather than

utility-by-utility basis.  Wholesale electric markets increasingly provided

% Although individual unit economies-of-scale declined somewhat, there are still significant economies in
owning and maintaining multiple units of similar type.
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competitive options and opportunity for more efficient operations and planning by
vertically-integrated utilities.

B. Trading Off Efficiencies from Vertical Integration and Competition

. Are there tradeoffs between achieving the benefits of vertical integration on

the one hand and relying solely or primarily on the marketplace on the
other?

Yes, there are.

Please summarize the trade-off in economic efficiency between 1) utility
vertical integration in the provision of new generating resources and 2)
relying on the marketplace to provide them.

The vertical economies in the generation and‘ delivery of electricity were
historically well-known and arose both from economies of scale and scope,
including reduced costs of coordination, such as better cost and price signals.
Regulation was used to eliminate the market power concerns that otherwise would
accompany the single supplier paradigm that resulted.

In contrast, economic efficiencies from wholesale or bulk power supply
conipetition were expected to result from market forces applying competitive
pressure on providers 1) to achieve lower costs and develop new products, and 2)
to pass these lower costs on to their customers in the form of lower prices and also
improved product choices. The bases for the benefits of competitive markets, as a

general proposition, are also well-known.
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The movement to restructure the electricity industry away from the
vertically-integrated model and to introduce wholesale competition in generation
supply has rested heavily on the assumption that any increased efficiency from
competition would more than outweigh any loss of the old vertical integration
efficiencies.

C. Recent Developments

How has the assumption that the efficiency from more competitively-supplied
generation would outweigh the loss of efficiency from vertical integration
held up in recent years?

Recent developments call the benefits of complete reliance on external market
alternatives into serious question.

Why is it that contracting for long-term generation supplies from merchant
generators may be léss economically efficient than self-supply by a vertically-
integrated entity?

First, the two need not be mutually exclusive. Some merchant generation can be
used to supplement self-supply. That being said, cost-of-service regulation has
evolved new tools. Mechanisms such as periodic rate freezes and performance-
based ratemaking, have evolved in many places to supplement traditional cost-of-
service regulation. Indeed, Arizona has utilized each of these regulatory tools in
the past decade. These developments preserved the economies of vertical
integration while supplying increased incentives to utilities to control generation

costs. While these mechanisms may not incorporate all of the same incentives to
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innovation as competitive markets, taken in combination they appear to have
allowed rate reductions in many states, including Arizona. In addition, major
increases in new plant efficiency have come from improved generation
technology. It is notable that much of this recent innovation in generation has
come from competing generating equipment manufacturers, not from independent
power suppliers.

It is also noteworthy that competitive markets are not emerging at a
uniform pace or in the manner many expected. In some regions, there is
uncertainty in bulk power market design and institutions, transmission governance
and retail market development. There are also questions as to whether and when
markets for electricity will be sufficiently developed to support many of the
theoretical benefits of competition. In addition, recent electricity supply market
volatility, along with generation expansion in excess of near term market
requirements combined with legislative and regulatory uncertainty, have
compounded the financial distress of competitive generators. This distress, in
turn, calls into question the financial security of long-term energy contracts,
jeopardizing the ability of the utility and its customers to realize their benefits.
Long-term security through market arrangements is also reduced by increasing
difficulties in the enforcement of long-term generation contracts. Default is
largely a concern only when contracts turn out favorable to the buying utility and
its custorhers. To the extent that contracts favor the seller, it is not likeiy that

default will become an issue; and, even if it occurs, the utility should be able to
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easily obtain equivalent or superior replacement supplies elsewhere. - In this
testimony, I will concentrate my attention on the financial condition of merchant
generators and other factors which increase levels of utility risk exposure under
long-term contracts.

Please explain.

While there is a surplus of physical generation capacity in some regions that may
last for several years, much of it is controlled by entities which have suffered
significant impairment of their financial condition. In the Southwest, nearly 6,000
MW of new or near-term expected capacity is owned by entities that carry junk
bond level credit ratings® As I discuss below, there are substantial risks
associated with long-term supply contracts with these entities. Regulators should
take account of these risks together with the recent volatility of energy markets
and a recent history of enforcement issues with long-term contracts. When
weighed against the other advantages of vertical integration, they are likely to find
that, in Arizona, a substantial continued reliance on the economic efficiencies of
vertical integration outweighs the benefits of a substantial shift to outside
procurement and disaggregation at the present time. Under these circumstances, it
is reasonable for utilities to integrate capacity into their systems through new
construction, purchase or transfer of existing generation from an unregulated

subsidiary. The balance of this testimony explores these issues.

3 Includes Harquahala plant (1,092 MW) which is under construction. According to PG&E National
Energy Group if plant is not transferred to lenders or their designees by June 30, 2003, a default will
occur. http://www.neg.pge.com/refforts.html (visited June 9, 2003).
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1.

How should regulators evaluate the reasonableness of vertically integrating
capacity into jurisdictional utilities?

Regulators should support their jurisdictional utilities acquiring in ownership and
control of capacity resources if, after appropriately reflecting all economically
relevant risks, it represents a cost-effective and reliable way to meet customer

requirements taking into account all other relevant circumstances.

DiscussION OF POLICY CHOICES AND CONCLUSIONS

A. Trade-offs Between Vertical Integration and Contracting for Generation
Please discuss the trade-offs between the economic efficiencies from owning
generation resources versus acquiring varying degrees of output rights via
contract.

Comparing the two directly requires considerable care, judgment, and experience.
The nature and source of the efficiencies differ. The efficiencies from vertical
integration arise primarily from more efficient planning and operational
coordination between generation and delivery when the investment, maintenance
and operating decisions are made by a single management. In contrast, economic
efficiencies from acquiring generation via competitive contracts with unrelated
entities depend upon market pressure to provide incentives for wholesale suppliers
to offer alternatives that will be both profitable for themselves and cost-effective
for the buyer. Vertical integration reduces the reliance on the competitiveness of

future markets and utility exposure to the risk of market fluctuations, whereas
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contracts can only shift some market risks to unregulated market suppliers. The
correct balance between the two is a matter for careful judgment—a judgment that
may well shift over time.

Please discuss the conditions necessary to realize economic efficiency from
wholesale eléctric market competition.

Maintaining competitive pressure requires well-functioning markets and the
means to ensure that contractual arrangements are binding and enforceable on
financially viable counterparties.

Markets tend to be well-functioning when there aré economically sensible
and predictable operating and trading arrangements. Today, in the Southwest,
these arrangements are not yet fully developed for the supply of electric
generation; thus, as in much of the country, the future shape and mechanisms of
markets are unknown. As the experience in California has shown, some methods
of organizing markets will not lead to econémically sound institutions that support
competitive and efficient outcomes. At this time, it is unclear whether or when
sufficiently well-functioning markets necessary to realize the benefits of
competition will be available in Arizona.

In addition, the impaired financial condition of merchant generators has
greatly undercut the functioning of markets and has led to increased, even
unacceptable levels of counterparty risk for long-term contracts. The likely cost
of absorbing or mitigating this risk also must be weighed in evaluating the

tradeoff between vertical integration and contracting with third parties.
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B. Benefits from Vertical Integration

Q. Please describe the sources of benefits from vertical integration in supply and
delivery of electricity.

A. The benefits from vertical integration arise from:*

. Technological and planning interdependencies. Where it is most
efficient for a good to be passed directly and immediately from one
stage to another, the rationale for combining the stages under
unitary control is obvious. In electricity, technological and
planning interdependencies arise from the need for the system to be
continuously in balance between generation, transmission and
distribution functions in order to produce and deliver electric
service. In competitive markets, the introduction of regionally
centralized coordination (such as ISOs or RTOs) is intended to
substitute for this source of vertical efficiencies, but gives rise to a
new layer of measurement, control and transactions costs. It is
necessary, for example, to identify and settle imbalances between
participants and to coordinate operation of plants under separate
ownership, management and incentives.

. ‘Conveying efficient price and cost signals throughout the
production process is difficult. When marginal input and output

costs are not observable in or reflected by the market, they cannot

4 John Landon, “Theories of Vertical Integration and Their Application to the Electric Utility Industry,”
Antitrust Bulletin 28 (1983).
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be used to make decisions to adjust production or change inputs.
Vertical integration allows the passing of intermediate goods and
services between various production stages at marginal cost, as
opposed to regulated prices, or at prices contfacted for in advance,
neither of which will reflect current marginal costs except in the
most fortuitous of circumstances. A long-term contract priced at
four cents/kWh, for example, may reflect the supplier’s marginal
costs of 10 cents at peak periods and of 2.5 cents off-peak.
Improved non-price information flow such as that regarding
operating constraints, load and capacity projections, and
maintenance plans. Vertical integration enables this information to
be used within the organization in a more seamless manner to
match loads and resources and to supply customer needs. Where
utilities acquire capacity from outside parties they must forecast
these factors in advance and draft agreements with their
counterparties accordingly. As actual circumstances change,
utilities relying on outside resources must coordinate or attempt to
negotiate any modifications of contractual constraints in real-time
with the needs of customers.

Reduced uncertainty by relying on internally-supplied resources.
Much of this testimony is about the effects of uncertainty regarding

the current and future financial well-being of merchant generators
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and/or on the amount of risk that is inherent in contracts with them.
In addition, there are risks associated with evolving markets and
the effects of unforeseen developments on contracts and on
enforceability of contracts.  Relying on internally-supplied
resources reduces (although it cannot entirely eliminate) exposure
to these risks.

Transaction costs in vertically-integrated entities generally are
significantly lower than in wholesale competitive markets. For
example, for a vertically-integrated electric utility that self-supplies
generation, acquiring a block of owned capacity entails upfront
costs associated with siting and constructing the plant, and perhaps
arranging for sales of any excess capacity. Acquisition of supply
from outside parties entails repeatedly incurring transaction costs
as contracts expire or require renegotiation. Examples Qf these
costs are costs of soliciting resources, negotiating contracts suitable
to the utility’s anticipated needs, administering contracts and
ironing out any disagreements that may arise during the course of
the contract. In addition, any contracted energy or capacity that is
excess to the utility’s needs must be remarketed with or without the

participation and cooperation of the seller.
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Please describe examples of how these efficiencies are achieved in a
vertically-integrated electric utility.

The following examples demonstrate how efficiencies are achieved in a vertically-
integrated electric utility. This list is illustrative, not exhaustive.

First, internalizing planning for future resource needs of utility retail
customers permits planning and investment decisions to be made in a fully-
coordinated manner with respect to existing generation, transmission and
distribution investments rather than in a piecemeal fashion. In addition, the
standard electricity products that are available do not necessarily match utility
load shapes as well as a system designed and operated for that purpose.

Second, operating efficiencies are possible when utilities have accurate
information on the marginal costs of alternative methods of supplying customer
demands and maintaining system regulation and reserves. Accurate marginal cost
information enables the utility’s resource mix to be dispatched to serve load in the

most efficient manner possible given plant operating constraints. When plant

operating constraints can be adjusted to improve dispatch and thereby improve

overall system efficiency, the vertically-integrated utility has the incentive to.do
s0. A merchant plant owner whose objective is to supply power under already
agreed upon terms and conditions may not make similar investments or may make
them only if it achieves renegotiation of other aspects of the contract that would

be in its favor. In any event, the merchant plant owner would retain the benefit (at
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least pursuant to the contract terms), in some form, of any investments to improve
its plants rather than passing the benefits on to the utility and its customers.

Third, generation plant maintenance can achieve economies of scale and
scope if the utility’s fleet is sufficiently uniform in type and central in location to
allow maintenance crews to service efficiently multiple units and eliminate the
need to inventory parts for diverse generation plants constructed by muitiple
manufacturers. For example, the West Phoenix plant was designed to eventually
have multiple, similar units at a single site in order to take advantage of economic
efficiencies in maintenance. Although merchant generators can sometimes
provide a similarly uniform fleet of generating assets, they may be scattered over
many states or have obligations to multiple entities who have differing scheduling
requirements. In addition, reliability is enhanced when there are robust
maintenance crews available to deal with the consequences of any plant failure.

Fourth, capital improvements can be undertaken when, if and as they are
needed to serve load in the most efficient manner. Decision makers also readily
can weigh the relative merits of meeting future needs by expanding, upgrading,
replacing, retrofitting and/or adding new plant consistent with their obligations to
supply service and existing or planned distribution and transmission investments.
Thus, the West Phoenix plant, originally an oil-fired generator, was converted to
dual fuel capability in the 1980s. Optimal use of expansion and improvement
potentials is complicated when different parties will not profit equally and/or at

the same time from changes.
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. 1 Q. Are there other advantages to ownership of generation by vertically-

2 integrated utilities?

3 A Yes. These include operational efficiencies (i.e., economies of scope) of
4 scheduling multiple units, coordination to maximize the benefits of off-system
5 sales, and system reliability, as well as economic advantages of financing within
6 the regulated entity.

7 C. Distressed State of Merchant Generation Industry

8 Q. Please describe the status of wholesale competitive generation markets today.

9 A In some regions, wholesale spot markets for generation appear to some observers
10 to be functioning reasonably well. The PJM Interconnection, NEPOOL, and NY
11 ISO are examples. Consistent with concerns over ongoing litigation, longer-term

‘ 12 contract markets in these areas are less fully developed.
13 In other areas, including the Southwest region that encompasses Arizona,
14 market development has stalled. In some regions, daily and forward markets for
15 physical generation have withered and are not expected to revive to earlier levels
16 any time soon. Broader financial markets to address the risks inherent in
17 competitively supplying electricity are also not well-developed. Last August,
18 Platts reported that as of July 2002, the volume of daily and forward trading at
19 some key hubs declined by up to 70 percent from year earlier levels.’ Trading on
20 publicly regulated exchanges was halted completely for a time; however, on April
21 11, 2003, it resumed on NYMEX on a very small scale.

3 «oorst is Yet to Come’ for Electric Sector, S&P Says as Financials Slide,” Electric Utility Week, 18

) ‘ November 2002, 1.
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Please describe the financial health of merchant generators today.

In general, the financial health of merchant generators has deteriorated
significantly over the past two years. The chart in Attachment  JHL-]
provides a graphic illustration of the current credit rating of a number of merchant
generators compared with 2001 levels. These generators supplied over 50 percent
of all U.S. merchant capacity in 2002. As the attachment illustrates, the credit
ratings of every generator have fallen, and more than half have declined from
investment grade to junk status. Stock prices also have fallen precipitously. For
example, as of the end of May 2003, closing stock prices for Calpine, Reliant and
Aquila had fallen from about 80 to more than 90 percent from their highs in mid-
2001.

What has led to these declines in merchant generator financial integrity?

The primary causes are: 1) a decline in the energy tréding business, 2) loss of
confidence in the viability of firms in overbuilt and/or immature competitive
markets, and 3) the potential future effect of compensation that may be required
for past illegal activities.® Generation supply is significantly overbuilt in many
regions (and may be expected to remain so for several years), resulting in severely
depressed price levels. While these conditions may or may not prevail in the

Southwest, they do affect the financial well-being of nationally active merchant

generators with operations in the region.

® Peter Rigby, “Merchant Energy Survival Hangs on the FERC’s Blueprint for Market Design, Special
Report,” Standard & Poor’s Utilities and Perspectives, Vol. 12, No. 10, March 10, 2003, 6.
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1 Prices are well below those projected during the planning and financing

2 stages for much of merchant plant. They are so low that merchant generators are
3 having difficulty paying the debt associated with construction. These difficulties
4 are triggering creditors’ requirements for increased collateral, performance
5 assurances and more onerous financing terms, at a time when internally generated
6 cash flow is often at a historic low. While merchant generators are experiencing
7 difficulty meeting their existing obligations, they will need to refinance around
8 $90 billion in medium-term debt between 2003 and 2006.° This perfect storm of
9 adverse conditions continues to undermine the confidence of the financial
10 community in the ongoing viability of the generators themselves. As a result, it is
11 estimated that $200 billion in capitalization evaporated in the U.S. energy sector’
. 12 with additional losses outside of the U.S.
13 Creditors’ requirements for more and more collateral and other
14 performance assurances reduce companies’ ability to conduct business on a going
15 forward basis. As a result of merchant generator financial distress, counterparty
16 risk and market uncertainty is very high, leading to further merchant generator
17 financial distress.
18 Q. In what way are electricity markets immature?

19 A At present, the regulated exchanges such as NYMEX are just beginning to re-list

20 forward electricity contracts for some markets. Instead, electricity forward

7 “Morgan Stanley Sees Banks Hiking Reserves for Troubled Energy Firms,” Electric Utility Week, 31
March 2003, 1.

8 «Recalibration of Distressed Assets Begins,” EEnergy Informer, April 2003, 1.
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markets are conducted in an ad hoc manner on several privately operated
exchanges. These exchanges are not regulated10 and generally lack independent
oversight. Forward contract terms and conditions are not standardized; threshold
requirements for participation are not high; and trading volumes are light. Thus,
forward contracts are insufficient to supply credible hedges against the increased
contract risk presentéd by merchant generators. Long-term forward contracts are
substantially less common. This combination of factors combined with the
uncertainty as to future market design and rules discussed above demonstrate that
electricity markets are immature.

Why does the distressed condition of merchant generators lead to increased
risk for contracting utilities?

Reduced credit ratings and falling stock prices have constrained merchant |
generators’ access to capital, and limited financial resources are absorbed by
existing projects and obligations. Distressed merchant generators may not have
financial resources for bonding or other acceptable direct performance assurances
to contracting utilities.  Since, as discussed above, it seems likely that
counterparty risks for many merchant generators cannot be adequately hedged at
the present time, they must be borne by the contracting utility together with its
customers if it signs long-term contracts with merchant generation to supply

customer needs.

? Karl Miller and David Haarmeyer, “Powering Up Private Equity,” Wall Street Journal, 18 March 2003.

10 «yse of financial derivatives lags in U.S. electricity market,” Electric Light and Power, February 2003,

19.
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D. Additional Risks of Reliance on Long-Term Contracts for Generation

Are there other reasons to be concerned about over-reliance on long-term
contracts with merchant generators at the present time?

Yes. Long-term contracts are complex and are subject to interpretation especially
in the presence of significantly changing market conditions. As I mentioned
previously, electricity markets are continuing to develop, and it is not possible to
foresee how rapidly or in which directions they will evolve. In addition, there are
currently a large number of litigated matters arising from substantial changes in
market conditions. These changes, in turn, have led to significant differences of
opinion regarding the interpretation of the terms and conditions of pre-existing
contracts. In at least some instances, contracts have been renegotiated, or even
terminated, in light of changing circumstances. In contrast to the small
adjustments that are normal under long-term contracts, many of these disputes are
very large in size, running into the millions, and even billions, of dollars. Thus,
even if counterparties are financially viable going forward, contractual provisions
negotiated in today’s environment for hypothetical deliveries several years from
now do not necessarily secure future sources of revenue to ensure the financial

viability of merchant suppliers in the future.
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Are there other sources of supply uncertainty with regard to long-term
contracts with merchant generators?

Yes. In addition to developing markets for electricity, environmental regulations
are also evolving and can affect plant owners® willingness and ability to keep their
plants in operation. An example of this is Southern California Edison’s
determination to shut down the Mohave generating station in part due to
requirements for increased environmental investments. It is instructive that while
Edison’s Mohave partners have indicated a desire to make the required
investments and continue operating, Edison may be able to shut down the entire
plant simply by its unilateral refusal to participate. Were Mohave a merchant
plant under long-term contract, these actions by Edison may be excusable as force
majeure. This situation illustrates the vulnerability of even contracts backed by
“steel-in-the-ground” to decisions of the counterparty or even its partners over
which the purchasing utility may have no control and no effective remedy.

Are you saying that APS should not enter into long-term contracts?

No. I am saying that APS and its regulators should weigh all of the risks and
benefits of long-temi contracting for its generation resource needs against those of
plant ownership. APS should seek an appropriate balance of these risks in
determining the most advantageous portfolio of resources to serve its customers’

needs.
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What do you conclude about how the ACC should evaluate vertical
integration versus relying on third-party merchant generation.

The Commission needs to weigh security of supply and security of price in its
deliberations. Prices are low now; however, the ability to bid at a low price does
not guarantee an ability or willingness to deliver at that price under future
circumstances, even if suppliers are willing to commit to long-term agreements.
There are factors related to the future financial viability of competitive suppliers
that are beyond the control of either the- ACC or the merchant generators
themselves. Furthermore, there are limited means in today’s markets to hedge the
risks of non-performance by merchant generators.!! Thus, if a buyer of today’s
long-term contract needs to go back into the market for “cover” in the future, it
likely will be at the then current market price, which may very well be above
today’s contracted price. |

Does this conclude your testimony?

Yes, it does.

11For example, on June 13, 2003, NRG Energy discontinued deliveries to Connecticut Light and Power
pursuant to a ruling by the U.S. Bankruptcy Court for the Southern District of New York. FERC is
scheduled to review this matter. :
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Public Service Company of New Mexico
Comments on proposed Code of Conduct rules filed with the New Mexico Public Regulation
Commission, NMPRC Case No. 3106, September 27, 1999.
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Before the Arizona Corporation Commission, Docket Nos. E-01345A-98-0473, E-01345A-97-
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Before the Public Utilities Commission of Nevada, Docket No. 97-5034, September 1998.
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Before the Maryland Public Service Commission, Case No. 8738, July 1, 1998.
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Nevada Power Company
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. =  PECO Energy Company and Susquehanna Electric Company
Federal Energy Regulatory Commission, Docket No. ER94-8-000, January 21, 1994.
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May 17, 1993.

= Florida Power & Light Company
Florida Public Service Commission, Docket No. 920606-EG, December 15, 1992 and January

20, 1993.
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‘ United States District Court, Northern District of California, Civil Action No. 90-20233 JW

(WDB), December 2, 1992.
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Superior Court of California, Sonoma County, Case No. 179105, August 24, 1992.

*  Florida Power & Light Company v
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Florida Public Service Commission, Docket No. 891324-EU, March 12, 1991.
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Iowa State Utilities Board, Docket No. SPU-88-7, February 28, 1989 and September 1, 1989.

* Arizona Public Service Company
Arizona Corporation Commission, Docket No. U-1345-88-180, November 7, 1988 and
January 17, 1989.

* Delmarva Power and Light Company
Delaware Public Service Commission, Docket No. 88-16, June 3, 1988, February 10, 1989 and
April 24, 1989.
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Florida Public Service Commission, Docket No. 860001-EI-G, Investigation Into Affiliated
Cost-Plus Fuel Supply Relationships of Florida Power Corporation, May 2, 1988.
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Cambridge Electric Light Company and Commonwealth Electric Company
Massachusetts Department of Public Utilities, Docket Nos. DPU87-2C and DPU87-3C,
January 29, 1988.

Gulf States Utilities Company
Nineteenth Judicial District Court, State of Louisiana, Case No. 324,224, Division “I”,
January 28, 1988.
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Federal Energy Regulatory Commission, Docket No. EC88-2-000, January 8, 1988 and
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Illinois Commerce Commission, Docket No. 87-0695, November 19, 1987, June 10, 1988 and
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Federal Energy Regulatory Commission, Docket No. ER86-704-001, October 15, 1987.
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Minnesota Public Utilities Commission, Docket No. E-015/GR-87-223, September 16, 1987.

Gulf States Utilities Company
Texas Public Utility Commission, Docket Nos. 6755 and 7195, April 13, 1987.
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Louisiana Public Service Commission, Docket No. U-17282, March 23, 1987 and May 26, 1987.

Arizona Public Service Company
Arizona Corporation Commission, Docket No. U-1345-85-367, February 13, 1987 and March
16, 1987.

Delmarva Power and Light Company
Delaware Public Service Commission, PSC Regulation Docket No. 14 (Concerning Gas and
Electric Fuel Adjustment Clauses), December 1, 1986 and December 21, 1987.

Southern California Edison Company
United States District Court, Central District of California, Civil Action No. 78-0810-MRP,
August 26-28, 1986.

Florida Power and Light Company
Florida Public Service Commission, Docket No. 860786-EI, August 15, 1986 and September 5,
1986.

Jersey Central Power and Light Company
New Jersey Board of Public Utilities, BPU Docket No. 8511-1116, August 7, 1986.
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Florida Public Service Commission, Docket No. 850673-EU, Generic Investigation of Standby
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Commonwealth Edison Company
Federal Energy Regulatory Commission, Docket Nos. ER86-76-001 and ER86-230-001,
June 23, 1986.

Gulf States Utilities Company
Federal Energy Regulatory Commission, Docket No. ER85-538-001, January 6, 1986 and April
25, 1986.

Arizona Public Service Company
Arizona Corporation Commission, Docket No. U-1345-85-156, November 15, 1985, February 3,
1986 and February 18, 1986.
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Federal Energy Regulatory Commission, Docket No. EL85-46-000, September 20, 1985.

Southern California Edison Company
Federal Energy Regulatory Commission, Docket No. ER79-150-000 (Phase II) Price Squeeze,
August 20, 1985.

Baltimore Gas and Electric Company
Maryland Public Service Commission, Case No. 7871, August 1, 1985 and December 16, 1985.

Central Vermont Public Service Corporation
Vermont Public Service Board, Docket No. 5030, July 12, 1985.

Delmarva Power and Light Company
Maryland Public Service Commission, Case No. 7871, June 28, 1985 and December 16, 1985.

Florida Power and Light Company
Florida Public Service Commission, Docket No. 840399-EU, April 19, 1985 and May 1, 1985.

Central and South West Services, Inc.
Federal Energy Regulatory Commission, Docket No. ER82-545, et al., April 11, 1985

Gulf States Utilities Company
Louisiana Public Service Commission, Docket No. U-16338, April 9, 1985.

Gulf States Utilities Company
Federal Energy Regulatory Commission, Docket No. ER84-568- 000 February 22, 1985.

Gulf States Utilities Company
Texas Public Utility Commission, Docket No. 5820, October 15, 1984.

Central and South West Services, Inc.
Federal Energy Regulatory Commission, Docket No. ER84-31-000, August 6, 1984.

Delmarva Power and Light Company
Delaware Public Service Commission, Docket No. 84-21, July 3, 1984 and July 10, 1985.

Houston Lighting and Power Company
Texas Public Utility Commission, Docket No. 5779, June 7, 1984.
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Gulf States Utilities Company
Louisiana Public Service Commission, Docket No. V-16038, June 7, 1984.

Gulf States Utilities Company »
Texas Public Utility Commission, Docket No. 5560, April 23, 1984.

Pennsylvania Power Company
Federal Energy Regulatory Commission, Docket No. ER81-779, December 1, 1983.

American Electric Power System Companies
Federal Energy Regulatory Commission, Docket No. E-9206, November 21, 1983 and
November 5, 1984.

Appalachian Power Company
Public Service Commission of West Virginia, Case No. 83-384-E-GI, November 2, 1983.
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Iowa State Commerce Commission, Docket No. RMU-83-17, October 27, 1983.

Appalachian Power Company
Federal Energy Regulatory Commission, Docket Nos. ER82-853 and ER82-854, October 31,
1983.

Ohio Edison Company
Federal Energy Regulatory Commission, Docket No. ER82-79 (Phase II), April 15, 1983.

Ohio Power Company
Federal Energy Regulatory Commission, Docket Nos. ER82- 553 and ER82-554, March 25,
1983, May 20, 1983 and June 27, 1983.

Pennsylvania Power Company
Pennsylvania Public Utility Commission, Docket No. R-821918C002, January 21, 1983.

Indiana and Michigan Electric Company
United States District Court, Northern District of Indiana, Civil Action No. F78-148, March
1982.

Louisiana Power and Light Company
Federal Energy Regulatory Commission, Docket Nos. EL81-13 and ER81-457, September 4,
1981 and September 13, 1981.

Philadelphia Electric Company
United States District Court, Eastern District of Pennsylvania, Civil Action No. 78-2533,
July 7-9, 1981.

Appalachian Power Company
Federal Energy Regulatory Commission, Docket No. EL78-13, March 1981 and January 1982.

Arkansas Power and Light Company
Arkansas Public Service Commission, Docket No, F-007 November 1980,
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=  Central Vermont Public Service Corporation
State of Vermont Public Service Board, PSB Docket No. 4299, November 30, 1979.

®*  Union Electric Company
Federal Energy Regulatory Commission, Docket No. ER77-614, February 9, 1979.

®  Wisconsin Power and Light Company
Federal Energy Regulatory Commission, Docket No. ER77-347, May 31, 1978 and March 7,
1979.

*  Empire State Power Resources, Inc.
New York State Public Service Commission, Case No. 26798, October 11, 1977.

= Staff of the Securities and Exchange Commission
Securities and Exchange Commission, In the Matter of Delmarva Power and Light Company,
File No. 59-144, April 30, 1973.
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v. Shepard's/McGraw-Hill, Inc., before the District Court, El Paso County, Colorado, Case No. 96-CV-
2449, August 10, 1997.
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Design, Inc. v. Shepard’s/McGraw-Hill, Inc., before the District Court, City and County of Denver,
Colorado, Case No. 96-CV-6977, April 13, 1997. '

“Expert Report of John H. Landon,” in compliance with Rule 26(a) in the matter of Konrad Schmidt,
11 v. Shepard’s/McGraw-Hill, Inc., before the District Court, El Paso County, Colorado, Case No. 96-
CV-1731, April 9, 1997.

“Expert Report of John H. Landon,” in compliance with Rule 26(a) in the matter of Dennis Brierton et
al. v. Emery Worldwide, et al., Docket No. CV 75 3391, August 8, 1997.

“Expert Report of John H. Landon,” in compliance with Rule 26(a) in the matter of Arthur W. Manning
v. McGraw-Hill, Inc., Docket No. 94-13-1697, July 10, 1997.

“Affidavit of John H. Landon,” on behalf of American Electric Power Service Corporation before the
Federal Energy Regulatory Commission, Docket No. ER93-540-001, July 18, 1996.

“Rebuttal to Expert Report of Phillip Allman,” expert rebuttal report of John H. Landon prepared on
behalf of Family Health Foundation, Inc. in the United States District Court, Northern District of
California, Case No. C95-2013, September 9, 1996.

“Rebuttal to Expert Report of Ona Schissel,” expert rebuttal report of John H. Landon prepared on
behalf of Family Health Foundation, Inc. in the United States District Court, Northern District of
California, Case No. C95-2013, August 23, 1996.

“Expert Report of John H. Landon,” prepared on behalf of Family Health Foundation, Inc. in the
United States District Court, Northern District of California, Case No. C95-2013, July 16, 1996.

“Expert Report of John H. Landon on behalf of Nevada Power Company,” in a private arbitration
before the American Arbitration Association in the matter Saguaro Power Company, Inc. v. Nevada
Power Company, AAA Case No. 79 Y 199 0054 95, April 4, 1996.

“An Overview of the Electric Utility Industry,” expert report of John H. Landon prepared on behalf of
El Paso Electric Company before the United States District Court, District of New Mexico, Civil
Action No. 95-485-LCS, March 1, 1996.

“Adverse Consequences and Material Impairment Resulting from the Las Cruces Condemnation,”
expert report of John H. Landon prepared on behalf of El Paso Electric Company before the United
States District Court, District of New Mexico, Civil Action No. 95-485-LCS, March 1, 1996.

“Statement of John H. Landon,” on behalf of PECO Energy Company regarding Investigation into
Electric Power Competition, before the Pennsylvania Public Utility Commission, Docket No. 1-940032,
January 6, 1996.

“Expert Report of John H. Landon on behalf of Nevada Power Company,” in a private arbitration
before the American Arbitration Association in the matter Nevada Cogeneration Associates #1 and
Nevada Cogeneration Associates #2 v. Nevada Power Company, AAA Case No. 79'Y 199 0064 95,
November 14, 1995,
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“Rebuttal Expert Report of John H. Landon,” prepared on behalf of Southern California Gas Company
before a private arbitration panel in the matter Marathon Oil Company v. Southern Calzfomza Gas
Company, April 21, 1995.

“Expert Report of John H. Landon,” prepared on behalf of Southern California Gas Company before a
private arbitration panel in the matter Marathon Oil Company v. Southern California Gas Company,
April 7, 1995.

“Initial Comments of National Economic Research Associates, Inc. on Florida DSM Employment
Impacts,” prepared for Florida Power & Light Company, J anuary 1994, with Mark P. Berkman and
Peter H. Griffes.

“Answers to Questions Concerning the Treatment of Distribution Companies,” prepared for the
Chilean National Energy Commission, October 25, 1993.

“Final Report on Transmission Pricing in Chile to the Chilean National Energy Commission,” prepared
for the Chilean National Energy Commission, October 25, 1993.

“A Proposal for Backstop Regulation for Cable Television Prices,” prepared on behalf of Time Warner
Entertainment Company, L.P. before the Federal Communications Commission, August 25, 1993, with
Lewis Perl, Paul Brandon and Anna Della Valle.

“Affidavit of John H. Landon on Behalf of Northeast Utilities Service Company,” prepared on behalf
of Northeast Utilities Service Company before the Federal Energy Regulatory Commission, Docket
Nos. EC90-10-007, et al., April 27, 1993.

“Incentive Regulation in the Electric Utility Industry,” a survey of state regulation programs throughout
the United States, January 1993. '

“Affidavit of John H. Landon in Support of Motion for Summary Judgment,” prepared on behalf of
Portland General Electric Company before the United States District Court, District of Oregon, Civil
Action Nos. 90-524 FR and 90-592 FR, December 9, 1992,

“Affidavit of John H. Landon on Behalf of Northeast Utilities Service Company,” prepared in support
of Request for Rehearing of Northeast Utilities Service Company before the Federal Energy Regulatory
Commission, Docket No. ER92-766-000, November 2, 1992.

“Declaration of John Landon in Support of Plaintiff's Motion for Summary Judgment or Alternatively
for Summary Adjudication,” prepared on behalf of Benziger Family Ranch Associates d/b/a/ Glen
Ellen Winery before the Superior Court of California, Sonoma County, Case No. 187834, October 9,
1992.

“Supplemental Expert Report of John H. Landon in Response to the Expert Report of Gordon T.C.
Taylor,” prepared on behalf of Portland General Electric Company before the United States District
Court, District of Oregon, Civil Action Nos. 90-524 FR and 90-592 FR, August 28, 1992.

“Expert Report of John H. Landon,” prepared on behalf of Portland General Electric Company before
the United States District Court, District of Oregon, Civil Action Nos. 90-524 FR and 90-592 FR,
July 3, 1992.




John H. Landon - page 14

“Declaration of John Landon in Opposition to Plaintiff's Motion for Permanent Injunction,” an affidavit
prepared on behalf of Sega of America, Inc. before the United States District Court, Central District of
California, Civil Action No. CV-90 2323 RIK, April 23, 1992.

“Preliminary Report for the Colombian National Planning Department,” presented to the Colombian
National Planning Department, Bogot4, Colombia, November 7, 1991.

“The United States Electric Utility Industry,” presented at the Seminar on Restructuring the Electric
Power Subsector in Colombia, Paipa, Colombia, sponsored by The World Bank, May 31-June 1, 1991.

“Affidavit of John H. Landon,” prepared on behalf J. F. Shea Company, Coast Cable Partners, et al.
before the United States District Court, Northern District of California, San Jose Division, Civil Action
No. C-90-20073 WAL, October 3, 1990.

“Incentive Regulation in the Electric Utility Industry,” a survey of state regulation programs throughout
the United States, July 1990.

“An Estimate of the Economic Loss Sustained by Brian Nelson as a Result of His Job Loss,” an Expert
Report prepared on behalf of Pacific Gas and Electric Company before the Superior Court of the State
of California, City and County of San Francisco, Case No. 864961, June 20, 1990.

“Affidavit of John H. Landon on Behalf of Florida Power & Light Company,” prepared on behalf of
Florida Power & Light Company before the United States District Court, Middle District of Florida,
Tampa Division, Civil Action No. 88-1622-CIV-T-13C, March 30, 1990.

“Declaration of John H. Landon in Support of Defendant's Motion to Exclude Plaintiff's Expert
Witness on Damages or, Alternatively, to Bifurcate Trial on Liability and Damages Issues,” an affidavit
prepared on behalf of Clyde Robin Seed Company, Inc. before the United States District Court,
Northern District of California, Civil Action No. C 88-4540 SC, February 23, 1990.

“Expert Report of John H. Landon,” prepared on behalf of Florida Power and Light Company, FPL
Group, Inc. and FPL Energy Service, Inc. before the United States District Court, Southern District of
Florida, Civil Action No. 88-2145, December 8, 1989.

“An Evaluation of the OCC's Performance Incentive Proposal and Suggestions for a New Performance
Incentive Program,” a report prepared on behalf of the Ohio Electric Utility Institute, September 23,
1988, with Stephen M. St. Marie.

“Comments Responding to BPU Staff's Assessment of Cogeneration and Small Power Production,”
prepared on behalf of Public Service Electric and Gas Company before the New Jersey Board of Public
Utilities, Docket No. 8010-687B, August 31, 1987, with Joe D. Pace.

“Incentive Regulation in the Electric Utility Industry,” a survey of state regulation programs throughout
the United States, July 1987.

“Comments (Initial and Reply) of National Economic Research Associates, Inc.,” prepared on behalf of
Illinois Power Company before the Illinois Commerce Commission, No. 86-NOI-1, Excess Capacity,
December 15, 1986 and January 20, 1987.

“Incentive Regulation in the Electric Utility Industry,” a survey of state regulation programs throughout
the United States, October 1985.
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“Utility Performance Evaluation,” prepared for the Rate Research Committee of the Edison Electric
Institute, September 18, 1984, with David A. Huettner.

“Comments on the Proposed Standard for Utility Construction Decision Making,” prepared on behalf
of the Ohio Electric Utility Institute before the Public Utilities Commission of Ohio, Case
No. 84-61-AU-ORD, April 28, 1984.

“Expert Report of John H. Landon,” prepared on behalf of Pennsylvania Power Company before the
United States District Court, Western District of Pennsylvania, Civil Action No. 77-1145, March 1,
1984.

“Additional Comments,” prepared on behalf of the Investor-Owned Electric and Gas Utilities of Iowa
before the lowa State Commerce Commission, Docket No. RMU-83-17, October 1983.

“Recommendations of the Investor-Owned Electric and Gas Utilities of Iowa in Response to the lowa
State Commerce Commission Request for Comments in Docket No. RMU-83-17,” prepared in
conjunction with Iowa investor-owned utilities, October 1983.

“Report to the Iowa State Commerce Commission on Measuring Productivity of Electric Utilities,”
prepared on behalf of Investor-Owned Electric and Gas Utilities of Iowa before the Iowa State
Commerce Commission, Docket No. RMU-83-17, October 1983.

“Analysis of the Operations Review Division Proposal,” prepared on behalf of the Investor-Owned
Electric and Gas Utilities of Iowa before the Iowa State Commerce Commission, Docket No. RMU-83-
17, October 21, 1983.

“Comment on ‘Iricentive Regulation in the Electric Utility Industry’,” prepared on behalf of a
consortium of electric utilities and submitted to the Federal Energy Regulatory Commission, March
1983.

“Expert Report on Competition and Relevant Markets,” prepared on behalf of Delmarva Power and
Light Company before the United States District Court, District of Delaware, Civil Action Nos. 77-254
and 77-296, December 15, 1982.

“Measuring Productivity of Electric Utilities,” a report prepared for Wisconsin Electric Power
Company, May 1982.

“Analysis of Chapter 14 ‘Competition’ of the National Power Grid Study,” prepared by NERA for the
Edison Electric Institute, December 20, 1979.

“Short Term Economic Forecasting Techniques for Selected Atlantic Fisheries,” prepared for U.S.
Department of Commerce, National Oceanic and Atmospheric Administration, National Marine
Fisheries Service, Office of Fisheries Development, Economic Analysis Group, April 1978, with Lee
G. Anderson.

“Economic Impact of Alternative Crude Oil Transfer Techniques in the Lower Delaware Region: A
Report on a Proposed Analytic Design,” prepared for the Center for the Study of Marine Policy,
College of Marine Studies, University of Delaware, September 30, 1974, with William R. Latham and
Mark G. Brown.
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PUBLICATIONS

“Spillover Effects of Environmental Policies”, The Electricity Journal, August-September 2001, pp.14-
21, with Edward P. Kahn

“Retail Access Pilot Programs: Where's the Beef?,” The Electricity Journal, Vol. 9, No. 10, December
1996, pp. 19-25, with Edward P. Kahn.

“Wine Wars: An Economic Analysis of Winery/Distributor Litigation,” Practical Winery & Vineyard,
January/February 1994, pp. 40-41, with Kara T. Boatman.

“Use and Abuse of Economic Experts in Winning a Business Jury Trial,” American Bar Association,
National Institute, November 1990, with Lewis J. Perl. (Reprinted in How to Win a Business Jury
Trial, copyright 1990, 1991 and 1992, American Bar Association.)

“Opportunity Costs as a Legitimate Component of the Cost of Transmission Service,” Public Utilities
Fortnightly, December 7, 1989, with Joe D. Pace and Paul L. Joskow.

“Theories of Vertical Integration and Their Application to the Electric Utility Industry,” The Antitrust
Bulletin, Spring 1983.

“Measuring Electric Utility Efficiency,” Proceedings of the Fall Industrial Engineering Conference,
American Institute of Industrial Engineers, Cincinnati, Ohio, November 14-17, 1982.

“Introducing Competition into the Electric Utility Industry: An Economic Appraisal,” Erergy Law
Journal, Vol. 3, No. 1, May 1982, pp. 1-65, with Joe D. Pace.

“Regional Econometric Models: Specification and Simulation of a Quarterly Alternative for Small
Regions,” Journal of Regional Science, Vol. 19, No. 1, 1979, pp. 1-13, with William R. Latham and
Kenneth A. Lewis.

“Electric Utilities: Economies and Diseconomies of Scale,” Southern Economic Journal, Vol. 44, No.
4, April 1978, pp. 883-912, with David A. Huettner.

“Restructuring the Electric Utility Industry: A Modest Proposal,” Electric Power Reform: The
Alternatives for Michigan, William H. Shaker, Wilbert Steffy, eds. (Ann Arbor, Mich.: Institute of
Science and Technology, The University of Michigan, 1976), pp. 217-229, with David A. Huettner.

“Market Structure, Nonpecuniary Factors, and Professional Salaries: Registered Nurses,” Journal of
Economics and Business, Vol. 28, 1975-1976, pp. 151-155, with Charles R. Link.

“Richard Hellman, Government Competition in the Electric Utility Industry: A Theoretical and
Empirical Study,” The Antitrust Bulletin, Vol. XX, No. 3, Fall 1975, pp. 681-684. [Book Review.]

“Changing Technology and Optimal Industrial Structure,” Technological Change: Economics,
Management and Environment, Bela Gold, ed. (New York, N.Y.: Pergamon Press, 1975), Chapter 4,
pp. 107-127.

“Monopsony and Teachers' Salaries: Some Contrary Fvidence ¥ Comment,” Industrial and Labor
Relations Review, Vol. 28, No. 4, July 1975, pp. 574-577.
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“Monopsony and Union Power in the Market for Nurses,” Southern Economic Journal, Vol. 41, No. 4,
April 1975, pp. 649-659, with Charles R. Link.

“Pricing in Combined Gas and Electric Utilities: A Second Look,” The Antitrust Bulletin, Vol. XVIII,
No. 1, Spring 1973, pp. 83-98.

“Political Fragmentation, Income Distribution, and the Demand for Government Services,” Nebraska
Journal of Economics and Business, Autumn 1972, pp. 171-184, with Robert N. Baird.

“Electric and Gas Combination and Economic Performance,” Journal of Economics and Business, Fall
1972, Vol. 25, pp. 1-13.

“Discrimination, Monopsony, and Union Power in the Building Trades: A Cross-Sectional Analysis,”
Monthly Labor Review, April 1972, pp. 24-26, with William Pierce.

“The Effects of Collective Bargaining on Public School Teachers' Salaries %2 Comment,” Industrial
and Labor Relations Review, Vol. 25, No. 3, April 1972, pp. 410-423, with Robert N. Baird.

“An Economic Analysis of Combination Utilities,” The Antitrust Bulletin, Vol. XVII, No. 1, Spring
1972, pp. 237-268, with John W. Wilson.

“Teacher Salaries and School Decentralization,” Education and Urban Society, February 1972, pp.
197-210, with Robert N. Baird.

“Monopsony in the Market for Public School Teachers,” The American Economic Review, Vol. LXI,
No. 5, December 1971, pp. 965-971, with Robert N. Baird.

“The Relation of Market Concentration to Advertising Rates: The Newspaper Industry,” The Antitrust
Bulletin, Vol. XVI, No. 1, Spring 1971, pp. 53-100.

“The Effect of Product Market Concentration on Wage Levels: An Intra-Industry Approach,”
Industrial and Labor Relations Review, Vol. 23, No. 2, January 1970, pp. 237-247.
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DIRECT TESTIMONY OF ALAN PROPPER
ON BEHALF OF ARIZONA PUBLIC SERVICE COMPANY
(Docket No. E-01345A-03- )

INTRODUCTION AND SUMMARY

PLEASE STATE YOUR NAME AND BUSINESS ADDRESS.
My name is Alan Propper. My business address is 400 North Fifth Street, Phoenix,

Arizona 85004.

BY WHOM ARE YOU EMPLOYED AND WHAT IS YOUR POSITION?
I am employed by Arizona Public Service Company (“APS” or “Company”) as

Director of Pricing. I am responsible for establishing and administrating APS
tariffs and contract provisions that are under the jurisdiction of the Arizona
Corporation Commission (“ACC” or “Commission”) or the Federal Energy

Regulatory Commission (“FERC”).

WOULD YOU DISCUSS YOUR EDUCATIONAL BACKGROUND AND
BUSINESS EXPERIENCE?

My background and experience are set forth in Appendix A to this testimony.

WERE THIS TESTIMONY AND THE ACCOMPANYING
ATTACHMENTS PREPARED BY YOU OR UNDER YOUR DIRECTION?

Yes, they were.

ARE YOU SPONSORING ANY STANDARD FILING REQUIREMENTS
(“SFR”) SCHEDULES?

Yes. | am sponsoring required SFR Schedules G, and H, and portions of SFR
Schedules B-1, B-2, C-1, and C-2, as well as the rate schedules portion of APS’
retail tariff. Although not specifically required by the SFR, 1 am also sponsoring

some additional schedules that have been designated as Schedule GJ (Attachment
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II.

AP-1), Schedule GE1 (Attachment AP-2), Schedule GE2 (Attachment AP-3), and

Schedule GE3 (Attachment AP-4) and are attached to my testimony.

WOULD YOU SUMMARIZE YOUR TESTIMONY?

My testimony addresses two general areas. The first area discusses the cost-of-
service study prepared to Functionalize, Classify, and then Allocate test year costs
and revenues first between wholesale and retail customers and then to the various
classes of retail service. It is this cost allocation study that allows me to determine
the rate of return produced by each class and subclass of customer, as well as the
unit costs needed to be expended to provide service to each customer grouping.
The second area discusses the rates and related service provisions being proposed

to recover the costs of providing service to our customers.

COST-OF-SERVICE

WAS AN EMBEDDED CLASS COST-OF-SERVICE STUDY USED IN THE
DEVELOPMENT OF APS’ PROPOSED RATES?

Yes. APS’ proposed rates are based on an embedded and fully allocated cost-of-
service study, with calendar year 2002 as the test period, as a major inpﬁt for
designing the proposed rates. The study results provided both rates of return for
the customer classes as well as a Functionalization, Classification, and Allocation

of costs.

WAS THE USE OF A 2002 TEST YEAR SUITABLE FOR THIS COST-OF-
SERVICE STUDY?

Yes. A test year utilizing 2002 data provides the most recent calendar year
financial and operational information, and is consistent with the Company’s
revenue requirements. Therefore, I believe it is appropriate to be used as the basis

for performing an accurate cost-of-service analysis. Although a future test year is
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more reflective of the period in which the proposed rates will be in effect, such a
future test period is not generally used in Arizona. However, the Company’s
analysis does include a number of pro forma adjustments to the 2002 test year to
reflect known changes and to better match the costs and revenues with the period
in which the proposed rates will be in effect, as well as other adjustments to

normalize the test period.

WHAT DO YOU MEAN BY NORMALIZING THE 2002 TEST YEAR
INFORMATION?

Normalization refers to eliminating the effect of conditions or situations that
would not ordinarily occur or be expected to occur in a normal test year, or that
recur periodically but should be averaged out over a period of years. The purpose
of normalization is to produce a test year that will be generally representative of]
conditions that would exist during the period in which the proposed rates would be
in effect. For example, if APS experienced some unusual expense during the test
year, such as inordinately high storm damage, an adjustment to reflect more

normal conditions would be appropriate.

HOW DO YOU TREAT PRO FORMA AND NORMALIZATION
ADJUSTMENTS TO THE TEST YEAR IN YOUR COST-OF-SERVICE
STUDY?

APS witness Donald G. Robinson’s testimony sponsors a number of pro forma
adjustments that were incorporated into the adjusted 2002 test year cost-of-service
study. Mr. Robinson’s Attachments DGR-4 and DGR-5 list, by rate base and
expense category, the monetized amount of each proposed pro forma adjustment.
These amounts were then Functionalized, Classified, and Allocated to the
appropriate retail and wholesale customer classes as part of the process in

performing the cost-of-service study. Please note that in Mr. Robinson’s
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testimony, he distinguishes between several types of pro forma adjustments, in
addition to normalizing adjustments, depending on the basis for making the
adjustment. However, for purposes of performing a test period cost-of-service
analysis, whether an adjﬁstment is appropriate because of normalization or as a
result of a change that has occurred or will occur is not relevant, and thus I refer to
all test year adjustments generically as pro forma adjustments. The adjusted 2002

test year cost-of-service study reflects all the proposed pro forma adjustments.

WOULD YOU DISCUSS THE DEVELOPMENT OF THE EMBEDDED
COST ALLOCATION STUDY?

This study was prepared using industry accepted cost-of-service principles of]
Functionalization, Classification, and Allocation and is generally consistent with

historical APS practices.

“Functionalizaton” refers to the process of attributing a particular Rate Base or
E);pense item to a particular function, namely Production, Transmission, or
Distribution, in the provision of electric service. An easy and obvious example is
the assignment of the costs of building and operating one of the Company’s power

plants to the Production function.

“Classification” refers to the process of determining the factor or factors that
compel the magnitude of the cost. For example, if a cost is driven by the amount
of energy consumed, it is classified as Energy; if a cost is driven by the rate at
which energy is consumed, it is classified as Demand; or if a cost is driven by the
number of customers taking service on the APS system irrespective of either

demand or energy utilized, it is classified as Customer.
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“*Allocation” occurs once a cost has been functionalized and classified. This is the
process in which allocation factors are applied to spread the costs to particular
jurisdictions, customer classes, and rate schedules. A simple example is the

allocation of energy related costs by kilowatt-hour (“kWh”) consumption.

In this study, the numerous Expense and Rate Base items that comprise APS’ costs
were grouped into major categories, such as Plant in Service or Operating &
Maintenance Expense. Each of these categories was first functionalized into
Production, Transmission, or Distribution related costs, then classified as Demand,
Energy, or Customer related. Allocation factors based on kilowatts, kilowatt-
hours, and number of customers were then developed so that allocations of the
functionalized and classified costs could be made to the federal and state
jurisdictions and to the various retail customer classes and sub-classes. When
necessary, procedures were used to reflect unuéua] or changing circumstances, as

discussed later in my testimony.

WHAT BASIS IS USED TO ALLOCATE FUNCTIONALIZED COSTS
BETWEEN JURISDICTIONS AND AMONG CUSTOMER CLASSES? '

Production related and Transmission related assets, and their associated costs, are
generally designed and built to enable the Company to meet its system peak load.
Correspondingly, they are allocated on the basis of the average of the system peak
demands occurring in the months of June, July, August, and September (“4CP”).
Distribution plant, unlike Production and Transmission plant is generally designed
to meet a customer class’ peak load, which may or may not be coincident with the
system peak load. Thus, allocations of costs related to Distribution substations
and primary Distribution lines are made on the basis of non-coincident peak loads

(*“NCP”). Allocations of costs related to Distribution transformers and secondary
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Distribution lines are made on the basis of the summation of the individual peak

loads or demands of all customers within a particular customer class (“ZNCP”).

WHAT IS THE BASIS OF THE “ALL OTHER” OR NON-JURISDICTION
SEGMENT OF YOUR COST-OF-SERVICE STUDY?

The “All Other” segment, which appears as a separate column in the cost-of-
service study, represents the Rate Base, Expenses, and Revenues associated with
service to long-term firm FERC jurisdictional resale customers that APS serves, as
well as firm wheeling services APS provides to a number of FERC jurisdictional
entities. Since APS utilizes Company facilities in order to fulfill these obligations,
I have allocated a portion of APS Production, Transmission, and Distribution
facilities to these non-jurisdictional customers in the same manner as I would to
our classes of retail jurisdictional customers in preparing this cost-of-service
study.

WOULD YOU EXPLAIN THE USE OF REVENUE CREDITS IN THE
COST-OF-SERVICE STUDY?

In addition to the transactions described for inclusion in the All Other column
depicted in the cost-of-service study, APS makes off-system sales to third-party
entities. In making such off-system transactions, APS resources may be utilized.
In order to be certain that the benefits of such transactions flow through to our
retail customers, the revenues derived from these transactions, which more than
cover the incremental costs associated with producing or acquiring the required
energy, are allocated to all customers. Thus, the margin or profit that APS realizes
from such non-retail transactions is attributed to each class through the Revenue
Credit, which benefits all customers by lowering their otherwise determined

revenue requirement.
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Also treated as Revenue Credits are the somewhat unpredictable and non-firm
short-term Transmission for Others transactions, and a number of small items such
as Rent from Electric Property, Forfeited Discounts, Miscellaneous Service

Revenues, sales to Rate E-36 customers, and Other Electric Revenues.

SPECIALLY HANDLED COST ITEMS

HAVE ANY NEW OR SPECIALIZED PROCEDURES BEEN USED IN
PERFORMING THIS COST ALLOCATION STUDY?

Yes. As a result of FERC initiatives to foster wholesale competition, FERC’s
Transmission pricing principles, and recent FERC decisions affecting APS, some
degree of jurisdictional authority over the Transmission component of bundled
retail rates in states having mandated retail access programs has been claimed by
FERC. This circumstance has an impact on the Transmission related costs within
the parameters of a cost-of-service study, and therefore Transmission related costs

were treated in a different manner than has been done historically.

WOULD YOU EXPLAIN HOW TRANSMISSION COSTS WERE
TREATED IN THE COST-OF-SERVICE STUDY?

A November 30, 2000 FERC Order requires APS to acquire Transmission related
services used to supply electric power and energy to Scheduling Coordinators for
APS’ Standard Offer retail customers under the provisions of APS’ own Open
Access Transmission Tariff (“OATT”). The requirement for having a Scheduling
Coordinator is stated in the Protocols of the Arizona Independent Scheduling
Administrator (“AISA™), and is further supported in the Commission’s
Competition Rules. Thus, from a cost allocation perspective, the revenue
requirement for such Transmission services is treated as an expense derived from

the FERC jurisdictional rates expressed in our OATT.
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Specifically, APS’ retail merchant function, which serves as the Scheduling
Coordinator for Standard Offer customers and is responsible for generating or
purchasing power for APS’ Standard Offer retail customers, has been required to
pay APS’” OATT rates for Transmission and Ancillary Services needed to deliver
electric power and energy to these APS retail customers. Those dollars were
booked as both Transmission revenue and as an offsetting Transmission expense

during the test period.

HOW DID YOU DEVELOP COSTS FOR THE TRANSMISSION
FUNCTION IN THE COST-OF-SERVICE STUDY?

For purposes of this cost-of-service study, I first computed Transmission related
Rate Base and Expense for the test period. This was accomplished by first
performing a complete unadjusted 2002 cost-of-service study which included
identifying Production, Transmission, and Distribution costs using the traditional
cost-of-service methodologies 1 discussed previously. From this study, total
Transmission costs, both Rate Base and Expenses, were isolated and used as the
basis for determining how much of the Company’s costs were related to providing|
Transmission services. Finally, these Transmission related costs were removed
from the cost-of-service study via pro forma adjustments, as indicated in Mr.

Robinson’s testimony and attachments.

Since total Transmission costs are being treated as an operating expense for
purposes of this study, this expense was developed by aggregating the following
transactions: 1) retail related Transmission expenses were calculated by
multiplying adjusted test year retail billing determinants by the applicable
Transmission rates in Part IV of APS’ OATT; 2) test year revenues from pre-

OATT firm wholesale wheeling transactions were treated as an expense; and 3)
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the test period billing determinants for post-OATT firm wheeling transactions
were multiplied by APS” OATT rate for firm point-to-point Transmission service
of $1.43/kW/month. These OATT expense items were then included in the cost-
of-service study via a pro forma adjustment. I will discuss the proposed recovery

of Transmission related costs in the Rate Design section of my testimony.

ARE ANCILLARY SERVICES TREATED IN A SIMILAR MANNER?

Yes. FERC views Ancillary Services as Transmission related services, and
therefore a pro forma adjustment was made to remove associated rate base and
expense items from the cost-of-service study. Since several of the six Ancillary
Services are Production related, for cost-of-service purposes, I first identified
which APS generating units were used in providing a specific Ancillary Service. 1
then determined what portion of the total MWh produced during the test period by
that unit was for that specific Ancillary Service. This percentage was then used as
the basis for allocating that portion of a particular unit’s test period costs to that

specific Ancillary Service.

Once the appropriate Production related cost associated with each pertinent
Ancillary Service was determined, it formed the basis of the Ancillary Services
component of the Transmission pro forma adjustments discussed above. Note that
the proposed Transmission pro forma adjustments are comprised of two
components, Transmission and Ancillary Services. The amount of this Ancillary
Services component was then subtracted from Production related costs that were
to be allocated to the various customer classes. Consistent with the treatment of]
Transmission costs as an expense for purposes of the cost-of-service study,
Ancillary Service related costs are treated similarly. [ derived the applicable

Ancillary Service expense assigned to retail customers by multiplying the adjusted
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2002 test period retail billing determinants times the applicable rates for Ancillary
Services contained in Part IV of APS” OATT.

Although “Must Run” is not specifically considered a FERC Ancillary Service,
FERC nevertheless considers it a Transmission related service and has also
asserted its jurisdiction over Must Run charges. In developing the cost-of-service
study, I specifically excluded the appropriate costs associated with Must Run so
they would not be included in our Standard Offer retail rates. At such time the
Company elects to assess and collect specific Must Run charges, we will be
required to modify our OATT to include these charges, and make the appropriate
filing with FERC pursuant to their Order in Docket No. ER01-173-000, issued
November 30, 2000.

DOES YOUR COST ALLOCATION STUDY CONTAIN ANY TERMS OR
ITEMS THAT HAVE NOT TRADITIONALLY BEEN DIRECTLY
ADDRESSED IN COST-OF-SERVICE?

Yes. The study reflects treatment of System Benefits and Regulatory Assets.

WOULD YOU EXPLAIN WHAT IS MEANT BY SYSTEM BENEFITS?

System Benefits refer to the costs associated with such items as renewable
resources, demand side management, nuclear plant decommissioning, nuclear fuel
disposal, customer education, and other items that may be included in rates, as
specified by the ACC. For the purposes of this cost allocation study, System
Benefits costs have been separately accumulated and unbundled so they can be

identified for rate design purposes.

WOULD YOU EXPLAIN WHAT IS MEANT BY REGULATORY ASSETS?

Regulatory Assets are expenses incurred by APS on projects, equipment, and

financial obligations for the benefit of its customers that have not as yet been paid

-10 -
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for by its customers. Pursuant to ACC Decision Nos. 59601 and 61973, the ACC
authorized the collection of certain of these expenses from customers through
electric rates over an extended period of time, thereby smoothing out their
recovery in customer bills. Examples of Regulatory Assets are deferred income
tax payments, accrued coal mine reclamation costs, and deferred financing costs
for specific generation units. For purposes of this cost allocation study,
Regulatory Assets have been separately identified as a stand-alone function and

have not been assigned to Production, Transmission, or Distribution.

HOW HAVE YOU HANDLED FRANCHISE FEES?

For the purpose of the cost-of-service study, as well as rate design, expenses

associated with Franchise Fees and associated revenues have been excluded from
the cost-of-service study and will be treated as a rate surcharge or an addition to be
passed through to our customers, much the same as Sales Tax. This is discussed

more fully in my testimony under Rate Design.

HAVE YOU CALCULATED THE COSTS, RATE BASE, AND RATE OF
RETURN BASED ON THE 2002 ADJUSTED TEST YEAR?

Yes. In addition to establishing the Production, Transmission, and Distribution
functions and the Demand, Energy, and Customer classifications for each class of]
retail business, the rate of return for each class under test year and proposed rates

appear in the SFR “G” Schedules associated with this rate application.

“G” SCHEDULES

MR. PROPPER, WOULD YOU DESCRIBE THE SFR “G” SCHEDULES?

Yes. The following is a summary of these Schedules:

e SFR Schedule G-1 shows the rate-of-return at existing rates by customer

-11 -
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A.

class, based on the adjusted 2002 test year cost-of-service study.

SFR Schedule G-2 is similar to Schedule G-1 except this Schedule reflects
returns by class that would result under APS’ proposed rates in this
proceeding.

SFR Schedule G-3 shows the $§ and % amount of adjusted Original Cost|
Less Depreciation (“OCLD”) Rate Base costs allocated to each retail
customer class.

SFR Schedule G-4 shows the amount of operating Expenses allocated to
each retail customer class.

SFR Schedule G-5 shows the $ amount of functionalized adjusted Rate
Base allocated to ACC jurisdictional customers.

SFR Schedule G-6 shows the amount of functionalized adjusted operating
Expense allocated to the ACC jurisdictional customers.

SFR Schedule G-7 lists all applicable allocation factors used in preparing

the 2002 test year cost-of-service study.

DO YOU HAVE ANY ADDITIONAL SCHEDULES RELATED TO THE| -
COST-OF-SERVICE STUDY THAT YOU ARE SPONSORING?

Yes. The following filed additional Schedules relate to the sfudy:

Schedule GJ is a summary of the cost-of-service study showing the
jurisdictional separation of Rate Base costs, Revenues, and operating
Expenses.

Schedule GEL1 is a summary of the cost-of-service study showing, by retail
customer class, the allocation of total ACC allocated Rate Base costs,
Revenues, and operating Expenses and the rate-of-return for each major
customer class.

Schedule GE2 is a summary of the cost-of-service study showing, by each

12 -




Nl I N =) T L Y N

[ JR N JRNN NG TN N TN 0 TR N T N J Sy G e e
NN R W = OO 0NN e WY = O

General Service subclass, the allocation of Rate Base costs, Revenues, and
operating Expenses and the rate-of-return.

e Schedule GE3 is a summary cost-of-service study showing, by each
Residential subclass, the allocation of Rate Base costs, Revenues, and

operating Expenses and the rate-of-return.

BASED ON THE RESULTS OF YOUR ADJUSTED TEST YEAR 2002
COST-OF-SERVICE STUDY, WHAT CONCLUSIONS HAVE YOU
MADE?

1 believe it is apparent from the “G”, GJ, and GE Schedules that there are

significant disparities in the Tates of return that the different customer classes are
providing to the Company. In addition, but less apparent from the summaries, is
my conclusion that the rate designs themselves, separate and apart from their
individual levels, do not fully reflect the Demand, Energy, and Customer unit
costs relationships as would be dictated by strictly cost based rate design. These
conclusions need to be considered as one of the inputs for the proposed rate

designs.

RATE DESIGN

WERE APS’ PROPOSED RATES DEVELOPED BY YOU OR UNDER
YOUR SUPERVISION?

Yes, my department personnel and I developed the proposed rates and schedules.

However, we did receive input from our Customer Service department in
developing the proposed rate schedules.

WOULD YOU DESCRIBE THE OVERALL OBJECTIVES OF THE
PROPOSED RATE DESIGNS?

In developing our proposed rate schedules, we had several objectives in mind.

First, the proposed rates were developed to meet APS’ revenue requirement.

-13 -
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Second, it was our desire to improve cost tracking, both as to rate level and design
of the pricing components, of our various rates. Third, we endeavored to better
unbundle the rates in conformance with the objectives established by the ACC in

the Commission’s Electric Competition Rules.

WOULD YOU EXPLAIN WHAT YOU MEAN BY “IMPROVE THE COST
TRACKING OF THE VARIOUS ELEMENTS OF OUR RATES?”

It has been many years since APS has revised the basic structure of its retail rates.
The more recent rate changes have generally been made on the basis of “across the
board” percentagé changes as a result of rate case settlements. This has resulted in
some rate distortions that have taken our rates away from tracking costs, both as to
rate level and rate design. The process of unbundling our retail rates also
identified instances in which our rates were obviously not fully following costs.
Our proposed rates address, at least to the degree I believe practical, this concern.
As will be discussed, this concern was addressed through redesign of the rates
themselves, and not by varying the proposed overall percentage increase to each of]

the major customer classes.

WOULD YOU DESCRIBE THE PROCESS USED TO DEVELOP THE
PROPOSED RATES?

The starting point in the rate design process is the cost-of-service study discussed
earlier in my testimony. The cost-of-service study allocates the costs of providing
service to each of the major classes of éustomers, as well as various sub-classes
and rate schedules. If the cost-of-service study was the only determinant for
setting rates, each rate classification would recover APS’ proposed rate of return
and all rate schedules would be expressed in the form of unit costs and expressed
as Demand Charges, Energy Charges, and Customer Charges. However, many

other considerations were taken into account in designing the proposed rates,

- 14 -
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which resulted in individual rate schedules that differ from the overall proposed

rate of return and rate designs that differ in appearance and application.

OTHER THAN THE COST-OF-SERVICE STUDY, WHAT OTHER
FACTORS WERE CONSIDERED WHEN DESIGNING THE PROPOSED
RATES?

We considered several other factors. Among the most important were rate
stability and continuity. For this reason, the major classes of customers—
Residential. General Service, Irrigation, Street Lighting, and Dusk to Dawn—have
each been given a percentage increase that is approximately the same as the
overall requested increase. In addition, the individual rate schedules have been
designed to depart from strict cost-of-service adherence as necessary, so that
differences in the increases that individual customers will experience will be
moderated to the extent reasonable. An additional consideration in developing the
proposed rate schedules was customer understandability and " ease of
administration. In other words, we attempted to simplify the specific rates and the
presentation of the tariff in general. Consideration of these factors is in

conformance with the traditional or classical aspects of rate design.

HAVE THE PROPOSED RATES BEEN UNBUNDLED TO SHOW THE
INDIVIDUAL COMPONENTS OF COST RECOVERY?

Yes, to the degree practical or possible. Moving from bundled rate schedules to
unbundled and more cost-based rate designs represents a significant change from
current and previous rates. We attempted to mitigate the problems and confusion
related to this transition to the unbundled rate formats by carefully considering the
content and format of the rate schedules, as well as the expected appearance of the

resulting bills.

-15-
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WAS THE COST-OF-SERVICE STUDY USED IN DEVELOPING THE
PRICING OF REVENUE CYCLE SERVICES IN THE UNBUNDLED
PROPOSED RATES?

Revenue Cycle Services include metering, meter reading, and billing which, under
certain circumstances as approved by the Commission, can be rendered to the
customer by a provider other than APS. In such instances, when a customer elects
an alternative provider, a cost (or price credit) must be developed so that APS is
not charging the customer for these services. The cost-of-service study was used
to develop pricing for these unbundled Revenue Cycle Services costs for each

unbundled rate schedule. |

DOES THIS MEAN THAT APS IS WILLING TO IGNORE THE LOWER
DECREMENTAL COST OF REVENUE CYCLE SERVICES WHEN
PROVIDING A CREDIT TO A CUSTOMER WHO TAKES SUCH
SERVICES FROM A PROVIDER OTHER THAN APS?

Yes, but only for purposes of this rate case. The decremental cost of Revenue
Cycle Services, such as billing, is the actual cost saved by APS if an alternative
provider, such as a competitive Electric Service Provider (“ESP”), provides that
service to an APS customer. In the short run and for small increments of]
customers, this decremental cost is very low. In the example of meter reading, it

amounts to only the cost of one stop in a meter reader’s entire route.

Using the embedded cost-of-service study for establishing the cost savings to APS,
as is being proposed, does overstate these costs and therefore the price credit.
However, given the general lack of interest in retail Direct Access to date and
virtually no recent interest by ESPs in providing specific Revenue Cycle Services,
the burden the higher credit would impose on other APS customers is minimal. I
do not believe the dollar amounts involved to be great enough to justify preparing

the detailed studies needed to determine the decremental costs, though such an
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approach would philosophically be the preferred method. It is quite possible that
the Company may wish to revisit this matter in the next rate case if our experience

with others providing such services warrants a reexamination.

DID UNBUNDLING THE RATES AND, IN PARTICULAR, REVENUE
CYCLE SERVICES IMPACT BASIC SERVICE CHARGES?

Yes. Revenue Cycle Services are fixed Customer related costs that should be
collected in the fixed Basic Service Charge component of a rate. Including
recovery of even a portion of these costs through the variable Energy or Demand
components of a rate not only unduly varies from cost tracking and causation, but
also creates major design, administrative, and customer equity problems. This
situation becomes most noticeable when establishing Direct Access rates that are
to correspond to the unbundled Standard Offer rates. For these reasons, the Basic
Service Charge of each rate was adjusted to be certain that, at the very least, no

less than Revenue Cycle Services costs would be recovered in this charge.

In addition, it should be noted that the Basic Service Charge for many rates will
now be stated as a daily charge. This is for the purpose of recognizing that the| -
number of days in a billing month changes from month to month, and to facilitate
billing and avoid proration when customers do not receive service from the

Company or service on the same rate for the full billing month.

WOULD YOU DESCRIBE THE RATE DESIGN CHANGES YOU HAVE
MADE WITH REGARD TO THE RECOVERY OF TRANSMISSION
RELATED COSTS?

For the reasons I mentioned in my discussion of the cost-of-service study, we have
changed how we treat Transmission costs, as well as Ancillary Services and Must
Run, when compared to our previous traditional cost-of-service studies. That

portion of the FERC jurisdictional Transmission cost that will be passed on to
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retail customers is based on the average charge incurred by the Scheduling
Coordinator for the APS retail load. We are proposing that a Transmission Cost
Adjustment Clause, similar to the Power Supply Adjustment Clause (“PSA”) that
APS proposed last year, be instituted. This will enable us to pass on the
Transmission costs incurred to supply electric power to the retail customers in a
timely manner and on a dollar for dollar basis. Once a Regional Transmission
Operator (“RTO”) or its equivalent is operating, APS’ Scheduling Coordinator
will become a purchaser of Transmission service from the RTO, and the rates and
proposed adjuster will pass on FERC regulated RTO charges as an expense for

Transmission service.

TRANSMISSION COST ADJUSTMENT CLAUSE

WOULD YOU DESCRIBE THE PROPOSED TRANSMISSION COST
ADJUSTMENT CLAUSE?

The clause appears as Rate Schedule TCA-1. As with any such adjustment clause,
it is designed to track changes occurring in a specific cost, whose base amount 1s
included in the retail rates. In this particular instance, the clause relates to specific
costs incurred by the Scheduling Coordinator for procuring Transmission related
services for retail customers under APS’ or some other Transmission provider’s

OATT or contract.

Each of our proposed Standard Offer rates includes a base Transmission charge,
reflecting the Transmission related expenses I previously described. The proposed
Transmission Cost Adjustment (“TCA”™) factor will track the actual incurred costs
of providing these Transmission related services compared to the cost inherent in

base retail rates. The TCA factor will be credited or debited to customers’ bills
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each month as a per kWh Energy charge. The factor will be the same for all

affected Standard Offer customers and will be adjusted once each year.

The TCA methodology consists of four components:
« A base level Transmission related charge component inherent in the
Standard Offer retail rates,
» A monthly Transmission Cost Component Factor (“TCCF”) charged to
customers,
« A Balancing Account, and
» An Amortization Charge that may be implemented to reduce the size of the

Balancing Account.

"~ WILL THE TCA APPLY TO DIRECT ACCESS CUSTOMERS?

No, but that does not mean Direct Access customers will not pay for these costs.
The Scheduling Coordinator for a Direct Access customer will be directly charged
the OATT charge by APS under its FERC tariff. The extent and manner by which
such OATT charge is passed along to the Direct Access customer will be

determined by the load serving ESP’s contract with its customer.

WOULD YOU DESCRIBE HOW THE TCCF WILL BE COMPUTED?

Basically, the TCCF is computed by comparing the twelve-month Transmission
cost to the base Transmission charge. For example, if the twelve-month actual
Transmission related average cost is 5.0 mills per kWh and the base Transmission
charge is 4.7 mills per kWh, the TCCF would be 0.3 mills per kWh. The TCCF

can be positive or negative.
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WOULD YOU PLEASE DESCRIBE THE PURPOSE OF THE
BALANCING ACCOUNT?

The Balancing Account accumulates dollars associated with under-collection or
over-collection from the application of the TCA. The TCCF will be adjusted once
each year after the final bills for Transmission service for the previous calendar
year are received. The adjusted TCCF will then be applied for the next 12 months.
Thus, there is a slight mismatch between the time periods of cost incurrence and
revenue collection. From time to time, APS may make a filing with the ACC to
obtain approval to amortize any TCA account balance and reset the Balancing
Account to zero. It is intended that interest will be accrued based on the three-
month commercial paper rate. The interest will be credited for both positive and

negative Balancing Account accumulations.

Specific details regarding the operation and administration of the TCA will be set
forth in a Plan for Administration to be approved by this Commission subsequent

to adoption of the TCA.

WHAT ACC ACTIONS WILL BE REQUIRED TO IMPLEMENT
CHANGES ONCE THE TCA MECHANISM IS APPROVED?

APS will make informational filings with the ACC annually. These filings will
include the calculations required for developing an updated TCCF for the
subsequent year, invoices for Transmission and Ancillary services rendered to the
APS retail Scheduling Coordinator, and the Balancing Account calculations. Must
Run information will also be included when applicable. Each filing will include a
revised tariff sheet indicating the revised TCCF, which would be effective upon
filing or on such date as is indicated in the filing. Formal Commission action
would only be required if a filing is made by APS requesting establishment of or

revision to the Amortization Charge.
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RECOVERY OF OTHER COST ELEMENTS

WOULD YOU PLEASE DESCRIBE HOW FRANCHISE FEES PAID TO
MUNICIPALITIES WILL BE RECOVERED?

We are proposing that these Franchise Fees be removed from base rates.
Franchise Fees would instead be collected via a separate charge on customers’

bills, similar to the method used to collect Sales Tax.

WHY ARE YOU PROPOSING THIS CHANGE TO THE FRANCHISE FEE
COLLECTION METHOD?

First, it brings us in line with the rest of the utility industry and, in particular, other
electric utilities in Arizona. Second, it is simply a fairer method. Franchise Fees
are effectively a tax on APS levied by the municipalities in which we serve.
Currently, Franchise Fees are recovered from all customers through base rates,
regardless of the political subdivision in which they reside. Under our proposed
method, customers in Phoenix will only pay the costs associated with the Phoenix
Franchise Fee, Flagstaff ratepayers will pay the Flagstaff Franchise Fee, and so
forth. Those customers outside of municipal franchise areas will no longer pay for
Franchise Fees through the base rates. Simply stated, our proposed method assures| -
the correct and fair relationship between Franchise Fees imposed by municipalities
and collection of these fees from the retail customers residing in the respective
municipalities.

ARE THERE ANY OTHER COST ELEMENTS THAT WOULD RECEIVE
RECOVERY TREATMENT OUTSIDE OF THE BASE RATES?

Yes. In addition to costs to be recovered through the PSA and the Transmission
Adjuster, Franchise Fees, Regulatory Assessments, and Sales Tax, there are those
costs associated with the Environmental Portfolio Surcharge as set forth in Rate

Schedule EPS-1, the Competition Rules Compliance Charge as set forth in Rate
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Schedule CRCC-1, the Returning Customer Direct Assignment Charge as set forth
in Rate Schedule RCDAC-1, and the System Benefits Adjustment Charge as set
forth in Rate Schedule SBAC-1.

HAVE YOU ESTABLISHED THE BASE CHARGES FOR THE VARIOUS
SURCHARGES OR ADJUSTMENT CLAUSES?

Yes. Based on the cost-of-service study, bases have been established for the PSA,
CRCC, and the TCA, and are stated in the appropriate rate schedules. The
mechanisms for charges under the RCDAC and the SBAC are to be established in
Docket No. E-01324A-02-0403.

WOULD YOU DISCUSS THE NOTICE THAT APS WOULD PROVIDE
TO CUSTOMERS OF CHANGES IN THE FACTORS AND CHARGES
RELATED TO THE PSA?

Yes. Although a decision has not yet been made in the docket for the PSA, APS
said it would discuss in this rate case the notice to be provided to customers for
changes in the factors and charges related to the PSA. Notice for changes to the
Power Cost Component Factors, which will be adjusted semiannually, or in cases
where the Balancing Account is amortized and reset will be provided by messages| -
printed on the bill, bill inserts, or separate letters from the Company to its
customers. In any case, notice would be provided prior to implementing

the change in the factors and charges related to the PSA.

RESIDENTIAL RATE SCHEDULES

WOULD YOU PLEASE GIVE A GENERAL DESCRIPTION OF THE
EXISTING RESIDENTIAL RETAIL RATE SCHEDULES?

Currently, APS has seven Residential rate schedules. Two of the rates are for
special programs that APS actively supports and does not wish to change in any

way. Rate E-3 provides discounts for qualifying low-income customers. Rate E-4
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provides a discounted rate to customers who must use electricity for medical care
equipment. We currently have three non time-of-use (“TOU”) differentiated rates
(E-10, E-12, and EC-1). Rates E-10 and EC-1 were frozen by the Commission in
previous rate actions and have not been available to new customers for over 10
years. We also have two generally available TOU rates. Rate ET-1 is a time
differentiated energy rate, while Rate ECT-1R is time differentiated and also

includes a metered Demand charge.

WOULD YOU PLEASE DESCRIBE THE PROPOSED RESIDENTIAL
RETAIL RATE SCHEDULES?

As 1 noted earlier, we are unbundling the Standard Offer rates to comply with the
Competition Rules. Therefore, Rates E-12, ET-1, and ECT-1R will have discrete
charges for each of the Revenue Cycle Services, a Generation charge, a
Transmission charge, a Distribution charge, a Systems Benefits Charge, and the

various surcharges I discuss in my testimony.

WHAT ARE YOUR INTENTIONS FOR FROZEN RATE EC-1 AND ITS
CUSTOMERS?

It is proposed that the frozen Rate EC-1 be eliminated. It is no longer available to
new customers and produces a low rate of return that can be considered a burden
to APS customers taking service on other rates. Rate EC-1 customers would be
transferred to Rate ECT-1R unless they choose an alternative rate. Rate ECT-1R
has been selected as the default rate as both rates have Demand components and
many customers currently on Rate EC-1 are managing their demand through load
controllers. These customers are aware of demand-based rates and the potential
for saving money by actively managing their peak load. Rate ECT-1R also has a

metered demand basis with the addition of a TOU element. Therefore, we believe

_23 -




O 00 N1 N B W N e

[\ I NG T NG TR NG TR NG TR NG TN N T S i S G GRS S - T e T T S S
AN R W N =~ OO 0N N B W N = O

=

that the transition from Rate EC-1 to Rate ECT-1R would provide the best

continuity for the Rate EC-1 customers.

WHAT ARE YOUR INTENTIONS FOR FROZEN RATE E-10 AND ITS
CUSTOMERS? '

It is proposed that frozen Rate E-10 be eliminated for the same basic reasons as
stated above for Rate EC-1. However, for customers on Rate E-10, I am
proposing a one-year phase-out period during which time APS would provide the
E-10 customers with information on alternative rate options. Customers will, of]
course, be free to select any other Residential rate on which to take service. If a
Rate E-10 customer does not select another rate option during the phase-out
period, the default rate would be Rate E-12, since neither of those rates have time
differentiated pricing or a Demand charge. I am also requesting that the current
Rate E-10 be increased by 1.25 times the overall requested increase in this
proceeding. This increase would be effective during the one-year phase-out

period.

ARE YOU PROPOSING CHANGES TO RATE ET-1?

Yes. In addition to unbundling the rate and increasing the charges to better
recover costs, we are adding some features not currently found in the existing
version of Rate ET-1. The first change is eliminating the TOU time periods
during the winter season. In effect, all hours during the winter can be thought of]
as off-peak. When we examined hourly cost curves for the winter months, we
found that the time period differentials were relatively small. Therefore, an on-
peak price signal is not warranted. It should be noted that due to this winter
change, most federal and state holidays will no longer have time-differentiated

prices.
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The second change proposed for Rate ET-1 is in response to research conducted
by APS Customer Service that indicated customers would prefer some additional
flexibility in the TOU rates. To accommodate that desire, we are proposing an
experiment in which APS would offer customers optional time periods. The
standard on-peak time period will continue to be 9AM to 9PM. Optional time
periods are to be 7AM to 7PM and 8AM to 8PM. We propose that these optional
time periods be initially limited to no more than 10,000 customers. In addition,|
the number of customers switching will be limited each year based on staff and

meter availability.

WOULD YOU EXPLAIN WHY YOU HAVE PLACED RESTRICTIONS
ON PARTICIPATION IN THIS EXPERIMENT?

The experiment will require individually reprogramming each participating
customer’s meter. That will take time for APS personnel to accomplish and time
away from other tasks such as installing new meters to meet customer growth,

meter maintenance and replacement, etc.

Second, there should certainly be some revenue loss due to the fact that customers|
will pick the TOU period that minimizes their on-peak consumption. Although I
cannot presently estimate this revenue attrition, it could be significant and it is not
accounted for in our rate filing. Thus, I would hope to be able to get better
information on the impact of this program on the Company and on other non-

participating APS customers before we make it available to all comers.

Lastly, to the extent that current non-TOU customers would find the proposed
“pick-a-period™ TOU option attractive, it will require that we install TOU meters.

By limiting the program to 10,000 customers while in the experimental stage,
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meter purchases and inventories can be better regulated.

WOULD YOU DESCRIBE RATE ECT-1R, AS PROPOSED BY APS?

Yes, in addition to unbundling the rate and increasing the charges to better recover
costs, Rate ECT-1R will continue to include time differentiated Energy charges
and Demand charges in the Generation component. Currently, the on-peak time
periods found in Rate ECT-IR are the same as found in Rate ET-1. Therefore, we
propose the same TOU options be offered to Rate ECT-1R customers as will be
offered to Rate ET-1 customers. Rate ECT-1R will also have no TOU
differentiated energy component in the winter. It is intended that the 10,000
customer limit discussed with regard to the experimental “pick-a period” option be

a total for both Rates ET-1 and ECT-1R taken together.

ARE YOU PROPOSING CHANGES FOR RATE E-12?

Yes. In addition to increasing the rate level to bring it more in line with costs, the
proposed rate has been simplified by eliminating one of the existing summer
energy blocks.

WOULD YOU PLEASE SUMMARIZE THE PROPOSED RESIDENTIAL
RATE CHANGES?

We are proposing the following:
« All rates have been reformatted and include adjustment clause charges and
surcharges.
« Rates E-12, ET-1, and ECT-1R will be unbundled.
» Each Residential rate will be designed to improve cost tracking.
» Rate EC-1 will be eliminated.
» Rate E-10 will be eliminated, phased out over one year, and increased by

1.25 times the overall increase requested in this proceeding.
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R

+ Rate E-12 will be redesigned and further simplified.

» Time period options will be made available to customers on Rates ET-1 and
ECT-1R on an experimental and limited basis.

« TOU periods will be eliminated during the winter season.

o The low income and medical equipment rates, Rates E-3 and E-4

respectively, will remain unchanged.

GENERAL SERVICE RATE SCHEDULES

WOULD YOU PLEASE DESCRIBE APS’ GENERAL SERVICE RATE
SCHEDULES?

APS has eleven General Service rate schedules. These are basically used for
serving our commercial and industrial loads. There are five TOU schedules, one
schedule for unmetered service, one schedule for athletic stadiums and arenas, a |
seasonal schedule, and one schedule for partial requirements service. There are
two demand based, non-TOU differentiated schedules. Approximately 95% of our
General Service customers are served on Rate E-32. Rate E-34 and TOU Rate E-

35 are available for customers whose loads exceed three megawatts.

WOULD YOU PLEASE SUMMARIZE THE PROPOSED CHANGES IN
THE GENERAL SERVICE SCHEDULES?

We propose to eliminate some frozen rate schedules, consolidate the TOU rates
for customers under three megawatts, improve cost tracking and recovery, adjust
rates with seasonal pricing differentials so that their summer and winter months

correspond to those of our Residential rates, and unbundled the rate components.

WOULD YOU PLEASE DESCRIBE THE PROPOSED RATE E-32?

In addition to unbundling charges and improving cost recovery, we propose to

modify the format of Rate E-32. The current schedule is complex and includes
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several billing blocks that are based on energy charges or load factor based
charges. We propose to simplify the structure, and make it more understandable
to our customers. The proposed schedule consists of two sections. The first
section is designed for customers whose loads are 20 kW or less. Customers will
be billed based on Energy charges without an explicit Demand charge. The
second section is designed for customers whose loads are greater than 20 kW but
less than 3,000 kW. Customers served under this section will be billed on the
basis of metered Demand and Energy. The Demand and Energy components each
have two billing blocks. The Demand charge has an initial rate block that ends at
500 kW. The Energy component has an initial block, which ends at 200 kWh/kW
or a 27 percent load factor. In addition, discounts will now be available for

customers taking service at Primary or Transmission voltage levels.

WHY WERE BILLING BLOCKS INCLUDED IN THE PROPOSED RATE
DESIGN?

The blocks were needed to reduce the effect on individual customers as we move
from our existing Rate E-32 rate design to the more simplified désign. In addition,
the 20 kW point corresponds to the load level at which metering requirements
change per the Competition Rules. Competitive customers with loads of greater
than 20 kW are required to have interval data recorder meters, while the loads for
customers of 20 kW or less can be load profiled, and therefore will not require

such metering.

HAVE YOU MODIFIED RATE E-32R?

Yes. Rate E-32R provides for partial requirements customers basically taking

service under Rate E-32. The only changes proposed are to reflect the Demand
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component modifications proposed for Rate E-32. For customers under 20 kW, a

contract demand will be established, as a measured demand may not be available.

WOULD YOU PLEASE DESCRIBE THE CHANGES PROPOSED IN THE
TOU RATE SCHEDULES FOR GENERAL SERVICE CUSTOMERS
UNDER 3 MW?

As noted earlier in my testimony, we currently have a series of General Service
TOU rates. Customer participation on Rates E-21, E-22, E-23, and E-24 is capped
at a certain number of customers since these rates are experimental in nature. We
have proposed that these experimental rates now be eliminated, and replaced with
a new rate. Rate E-32TOU has been developed which will not be capped and will
parallel and follow the same concepts as the proposed non-TOU Rate E-32. There

is one section for customers 20 kW or less and one for customers over 20 kW.

WOULD YOU PLEASE SUMMARIZE THE PROPOSED CHANGES TO
THE GENERAL SERVICE SCHEDULES?

Yes, the changes are as follows:

. All rates have been reformatted and include adjustment clause charges and
surcharges.
. Rates with seasonal pricing differentials have been modified so that their

summer and winter months correspond to those of our Residential rates.

. TOU Rates E-21, E-22, E-23, and E-24 will be eliminated and customers
transferred to E-32 TOU.

. Rate E-30 for Unmetered Service will be increased to better reflect costs
and the rate will be unbundled.

. Rate E-32 will be redesigned so that it will be unbundled and the rate
design simplified. In addition, discounts will be available for customers

who take service at Primary or Transmission voltage levels. The E-32R
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rider has been modified to reflect the proposed change in Rate E-32.

. Rates E-34 and E-35 will be unbundled and the rates adjusted to allow for
discounts for service taken at Primary and Transmission voltage levels, and
to reflect the overall rate increase proposed in this rate case filing.

. Rate E-53 for service to Athletic Fields and Rate E-54 for Seasonal Service
are used in conjunction with other applicable General Service rates and no

stand alone changes to these rates are proposed.

CLASSIFIED SERVICE RATE SCHEDULES

WOULD YOU PLEASE DESCRIBE WHAT IS MEANT BY “CLASSIFIED
SERVICE?”

Classified Service provides for service to specific types of loads for which specific
rate schedules are available. Examples of Classified Service include service to

irrigation pumps and street lights.

WOULD YOU PLEASE PROVIDE A GENERAL DESCRIPTION OF THE
PROPOSED CHANGES TO THE CLASSIFIED SERVICE SCHEDULE?

Classified Service schedules tend to provide APS the lowest returns of all the rates

in our electric tariff. For example, irrigation pumps generally operate at low load |
factors and during the summer months when the APS system peaks.
Consequently, the Irrigation rates are not at a level that provide APS with what I
would consider to be a reasonable rate of return. As I stated earlier in my
testimony, we have proposed that the rate increase for each major customer class
be limited to the overall average percentage increase that has been requested by
APS. This limitation simply does not allow for a meaningful unbundling of rate
schedules that vary greatly from following cost-of-service in their level or design.

Therefore, we have not proposed that all Classified Service rates be unbundled. In
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addition, rates with seasonal pricing differentials have been modified so that their

summer and winter months correspond to those of our Residential rates.

WILL LIMITED UNBUNDLING PRESENT A BARRIER T>O DIRECT
ACCESS?

No. Customers who are currently served under a Classified Service rate schedule,
such as Irrigation, can become a Direct Access customer by transferring to an
applicable General Service schedule and obtaining Distribution services through

the unbundled portion of the General Service rate.

WOULD YOU PLEASE DESCRIBE THE SPECIFIC CHANGES
PROPOSED FOR THE IRRIGATION SCHEDULES?

We currently have two basic Irrigation rates. Rate E-38 and its TOU companion
E-38-8T have less than 160 customers. Rate E-221 and its TOU companion E-
221-8T have approximately 1,400 Irrigation customers. We propose eliminating
Rates E-38 and E-38-8T and transferring those customers to Rates E-221 or E-
221-8T. Charges on Rate E-22 1 will be increased to meet our overall rate increase
request along with some rate design modifications to make the rate more cost
tracking. It is expected that some Irrigation class customers currently taking
service on General Service Rate E-32 will transfer to Rate E-221 to take advantage

of the effect the proposed design changes have on their particular loads.

ARE YOU PROPOSING CHANGES TO THE STREET LIGHTING AND
DUSK TO DAWN LIGHTING SCHEDULES?

Yes, in addition to improved cost tracking, we have reformatted Rate E-47 (Dusk
to Dawn) and Rate E-58 (Street Lighting). Because customers on these rates often
request different combinations of poles, arms, and fixtures, we have developed and
proposed a menu format for these rates. Subject to certain physical/construction

limitations, customers will be able to select the lighting system that best fits their
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needs. The menu system will also make it easier to add new poles or fixtures to

the rate schedules, as they become available.

HOW DID YOU RESTRUCTURE THE CHARGES WITHIN RATES E-47
AND E-58? ,

APS performed an extensive analysis of the costs of installing and maintaining
each type of lighting equipment that we offer. This analysis resulted in
recommended changes to the relationship between charges in the menu. The
relative price of some fixtures increased while the relative price of other fixtures

declined.

DOES APS PROVIDE STREET LIGHTING SERVICE ON RATES OTHER
THAN E-58?

Yes, Rate E-59 is used to provide energy service for government-owned street
lighting systems. Under Rate E-59, APS has no responsibility for operations,
maintenance, or replacement of street light poles or fixtures. There is also a series
of “Share the Light” schedules for Street Lighting services in Litchfield Park, Ajo,
Camp Verde, and other areas. The charges for these special schedules are found in

Rate E-58.

WHAT ARE THE PROPOSED CHANGES FOR THESE STREET
LIGHTING RATES?

APS proposes to increase the overall charges under each of these rates at

approximately the same level as our overall requested increase.

ARE THERE ANY OTHER LIGHTING RELATED RATE SCHEDULES
IN THE TARIFF?

Rate E-67 is used to provide energy service to the City of Phoenix for various non-
Street Lighting systems. It is based on an old contract rate that has long expired.

Because the level of this rate and its return is so substandard, I propose that it be
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increased by twice the average percent increase that APS is requesting in this rate
case. This requested increase will still not bring the rate up to the average rate of

return paid by our other retail customers.

WOULD YOU PLEASE DESCRIBE ANY OTHER PROPOSED CHANGES
FOR CLASSIFIED SERVICE CUSTOMERS?

Rate E-20 is used to provide TOU service to houses of worship. The pricing under
this rate schedule is the same as the pricing under Rate E-21, which has been
frozen since 1996, and has been eliminated in our rate proposal. We propose that
Rate E-20 be frozen and therefore not available to new customers. New customers
would take service on Rate E-32TOU or another General Service rate of their
choice. Charges for customers who remain on Rate E-20 will be increased by one

and one half times the overall requested increase in this proceeding.

We propose that charges under Rate E-40 for service to Agricultural Wind
Machines and charges under frozen Rate E-51 for service to certain cogenerators
and small power producers be increased by the same overall percentage as is being

requested in this proceeding.

Partial Requirements Service Rates E-52 and E-55 currently have no customers

being served on them and no increase is proposed at this time.

In addition, and as with our other rates, the Classified Service rate schedules will

include provisions for the requested adjustment clause charges and surcharges.
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DIRECT ACCESS RATES

WHAT WILL HAPPEN TO APS’ EXISTING DIRECT ACCESS RATES?

Because we have functionally unbundled our applicable Standard Offer rates, the
existing separate special Direct Access rates will no longer be necessary and,
therefore, have been eliminated in our proposal. Customers seeking Direct Access
service would purchase the required non-competitive services from APS as listed
under the appropriate unbundled Standard Offer rate schedule. One or more ESPs
would provide the needed competitive services. Currently, APS has no customers

taking Direct Access service.

“H” SCHEDULES

WOULD YOU DESCRIBE THE “H” SCHEDULES BEING SPONSORED
BY YOU?

The “H” Schedules are a series of summaries that present an analysis of the

impacts of the proposed rates.

WOULD YOU PLEASE DESCRIBE SCHEDULE H-1?

Schedule H-1 provides a summary of the revenue impact on each major customer
classification, e.g. Residential, General Service, Irrigation, etc. This schedule
compares the revenue generated under the proposed rates with the revenue

generated under present rates.

To develop the data found in the column entitled “Present Rates,” we began with
actual revenue from the test year, but then made a series of normalization
adjustments to that data. The adjustments were made to reflect normal weather,
the year-end number of customers, the rate decreases that were effective in July of]

2002 and 2003, and the removal of revenue associated with Franchise Fees
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included in current rate levels. The purpose of these adjustments was to enable us
to compare existing and proposed rates on an “apples to apples” basis. For
example, our current existing rates are based on costs that include approximately
$29 million in Franchise Fee costs. We have proposed that, in the future,
Franchise Fees will be treated like any other surcharged tax. If we did not remove
the Franchise Fee costs from current rates levels, comparisons to the proposed

rates would be less meaningful and very confusing.

WOULD YOU DESCRIBE THE INFORMATION FOUND IN SCHEDULE
H-2?

Schedule H-2 presents the information found in Schedule H-1 in a more detailed
format. The comparisons of current and proposed revenue are shown by rate
schedule whereas Schedule H-1 data is presented on a class basis. Schedule H-1 is

actually a summary of the data found in Schedule H-2.

WOULD YOU PLEASE DESCRIBE SCHEDULE H-3?

Schedule H-3 presents comparisons of the specifics of each rate schedule. These
specifics include details such as the Basic Service Charge, billing blocks, Energy '
charges, and Demand charges. Although our proposed rates have been
functionally unbundled, the information shown on Schedule H-3 is presented on a
bundled basis to allow for easier comparisons to existing rate schedules.
Additionally, in the proposed rates section, we have included a column that shows
the proposed rates with the addition of a Franchise Fee element. The Franchise
Fee element is based on the average Franchise Fee currently recovered in base
rates. As I noted earlier in my testimony, we have included this information so

that rate comparisons can be made on a common basis, with the knowledge that
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the Franchise Fee actually passed through to an individual customer will vary by

municipality.

WOULD YOU PLEASE DESCRIBE SCHEDULE H-4?

Schedule H-4 presents a typical bill comparison for our major rate schedules under
existing and proposed rates. Bill comparisons are presented for varying levels of]
consumption and for seasons, when applicable. Schedule H-4 also includes
additional columns of information so that complete comparisons can be made
between existing and proposed rates. The additional columns show the Franchise
Fees and the Competition Rules Compliance Charge (“CRCC”). These charges
are added to the revenues determined by the rates so that a more complete “bill”
can be computed. The “add-ons” of Sales Tax and Regulatory Assessment have

not been included in the bill comparisons.

WHAT IS THE CRCC?
In May of 2002, APS filed an amended application with the ACC requesting

approval for a series of adjusters or surcharges including a PSA and the CRCC.
The adjuster/surcharge request filing was made in accordance with the terms of the
1999 Settlement Agreement. The CRCC was developed to enable APS to recover
the costs the Company incurred in order to comply with the Competition Rules.
These costs are not recovered in current rates. However, since customers will see
the CRCC charge on bills when APS’ revised rates become effective, a column
has been included on Schedule H-4 that demonstrates the impact of the CRCC on

bills. The CRCC will be in effect for five years.
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XIII. CONCLUSION
Q.

A.

°

* This information includes the number of bills and energy consumed based on

WOULD YOU PLEASE DESCRIBE SCHEDULE H-5?

Schedule H-5 presents a series of bill frequency analyses for major rate schedules.

blocks of consumption levels. The data is presented for our Residential rate
schedules. Data is not presented for th